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Abstract 
The research goal and scope of this thesis is to develop a realistic and doable 
roadmap towards a possible hydrogen economy, hereby tackling the concrete 
transition issues: a new hydrogen infrastructure needs to be developed, covering the 
entire hydrogen chain including production, transport, storage, distribution and end 
use. 

The transition philosophy proposed is largely based on the use of hydrogen-natural 
gas mixtures in the existing pipeline infrastructure, circumventing the chicken-and-
egg problem (no demand vs. no infrastructure) and avoiding the necessary 
availability of fuel cells. 

Besides a qualitative but well delineated approach, also a hydrogen-infrastructure 
optimisation model – using mixed-integer linear programming – has been developed 
and used to address the entire issue quantitavely. This model allows analysing 
certain tendencies that are of utmost importance for the development of a hydrogen 
economy. 
Finally, the interaction between a developing hydrogen infrastructure and an existing 
electricity infrastructure, whereby co-production of hydrogen and electricity by 
means of gasification of coal seems particularly interesting, is looked at in more 
detail. 

 

Synopsis 
Het doel van dit werk is de ontwikkeling van een realistische en doenbare roadmap 
naar een mogelijke waterstofeconomie toe, waarbij de concrete transitieproblematiek 
bekeken wordt en oplossingen worden aangereikt. Dit omvat de uitbouw van een 
nieuwe waterstofinfrastructuur en het in rekening brengen van de volledige 
waterstofketen met inbegrip van productie, transport, opslag, distributie en 
eindgebruik. 

De vooropgestelde methodologie steunt grotendeels op het bijmengen van waterstof 
in aardgasleidingen. De commerciële doorbraak en beschikbaarheid van 
brandstofcellen is dan niet langer een vereiste en de impasse tussen het gebrek aan 
infrastructuur en het gebrek aan een vraag naar waterstof wordt opgelost. 

Naast een kwalitatieve, maar goed onderbouwde benadering, wordt vervolgens een 
model ontworpen dat de ontwikkeling van een dergelijke, prille waterstof-
infrastructuur kwantificeert en optimaliseert. Het model laat toe nieuwe, belangrijke 
inzichten te verwerven die van groot belang zijn voor de uitbouw van een 
waterstofeconomie. 

In een laatste deel wordt de mogelijke interactie tussen een nieuw te ontwikkelen 
waterstofinfrastructuur en een reeds bestaande elektriciteitsinfrastructuur 
onderzocht. Hierbij wordt vooral aandacht besteed aan de co-productie van waterstof 
en elektriciteit in steenkoolvergassingscentrales. 





Abbreviations and symbols 
 
η Efficiency 
κ Ratio of specific heats cp/cv [-] 
µ Joule-Thomson coefficient [°C/bar] 
ν Kinematic viscosity [m²/s] 
 
 
 
ASU Air separation unit 
ATR Autothermal reforming 
boe Barrel of oil equivalent 
C Proportionality factor = 0.000129 [m².h.K0.5/kg] 
cp Specific heat capacity at constant pressure [kJ/kg.K] 
cv Specific heat capacity at constant volume [kJ/kg.K] 
CaC Capitalised cost [€] 
CC CO2 captured [g/kWh] 
CCGT Combined-cycle gas turbine 
CCS Carbon capture and storage 
CE CO2 emissions [g/kWh] 
CHP Combined heat and power 
CS Carbon storage and disposal cost [€/g] 
CT Carbon tax 
d Relative density compared to air [-] 
dj Hydrogen demand in period j [kWh] 
D Inner pipeline diameter [mm] 
e Pipeline efficiency [-] 
f Friction factor [-] 
FCV Fuel cell vehicle 
gmax Maximum hydrogen output of plant [kWh] 
gmin Minimum hydrogen output of plant [kWh] 
g(i,j) Total hydrogen production of plant i in period j [kWh] 
GHG Greenhouse gases 
Hs Wobbe index based on the higher heating value [MJ/Nm³] 
HCCI Homogeneous charge compression ignition 
HHV Higher heating value [MJ/Nm³] 
i Interest or discount rate [%] 
I Overall investment cost [€] 
IGCC Integrated gasification combined cycle 
K Compressibility factor [-] 
L Pipeline length [km] 
LEL Lower explosion limit 
M Molecular weight [kg/kmol] 
MC Marginal cost [€/kWh] 
mdt Minimum downtime [h] 
MEA Monoethanolamine 
MILP Mixed integer linear programming 
MRR Membrane reforming reactor 
mut Minimum uptime [h] 
n Lifetime [years] 
N Rotational velocity [rpm] 
NS Specific velocity [rpm] 



x  

NG Natural gas 
P1 Inlet/initial pressure [kPa] 
P2 Outlet/final pressure [kPa] 
Pm Upper mean pressure [bar] 
Pm’ Lower mean pressure [bar] 
Pn Pressure at normal conditions, 1.013 bars 
PE Polyethylene 
PEM Polymer electrolyte membrane 
PEMFC Polymer electrolyte membrane fuel cell 
PSR Pressure swing reforming 
Q Normal flow rate [Nm³/h] 
R Universal gas constant = 8.314 J/mol.K 
Re Reynolds number [-] 
RES Renewable energy sources 
SI Spark ignition 
SMR Steam methane reforming 
SOFC Solide oxide fuel cell 
STAG Steam and gas 
storin Hydrogen added to storage [kWh] 
storout Hydrogen taken from storage [kWh] 
T Gas temperature [K] 
T1 Initial gas temperature [°C] 
T2 Final gas temperature [°C] 
Tn Temperature at normal conditions, 273.15 K 
u Flow velocity [m/s] 
UC Unit commitment 
Vgeom Geometric volume of pipeline [m³] 
Vm,n,r Real molar volume at normal conditions [m³/mol] 
Vm,r Real molar volume [m³/mol] 
Vstorage,n Volume of stored gas at Pn and Tn [Nm³] 
V0 Initial specific volume [m³/kg] 
W Specific compression work [J/kg] 
Ws Wobbe index, based on the higher heating value [MJ/Nm³] 
Z Compressibility 
z1 Binary investment-decision variable 
z2 Binary commitment-decision variable 
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De concrete transitieproblematiek naar het volwaardig gebruik 

van waterstof als energiedrager toe 

 





Inleiding 

Context van het onderzoek 

Sinds het begin van de 21ste eeuw is het duidelijk dat het energielandschap 
ingrijpende veranderingen te wachten staan. Om een duurzame ontwikkeling te 
kunnen bewerkstelligen, zal het gebruik van fossiele brandstoffen drastisch moeten 
worden afgebouwd. Olie-, aardgas- en steenkoolreserves zullen uitgeput raken, er is 
nood aan nieuwe energiebronnen en –dragers om de leveringszekerheid te kunnen 
garanderen en omwille van klimatologische redenen moet de CO2 uitstoot drastisch 
teruggeschroefd worden. 

In deze context biedt het gebruik van waterstof (H2) als energiedrager verschillende 
perspectieven. De interesse voor waterstof gaat al enkele decennia terug. Het kan 
gebruikt worden als opslagmedium en zo soelaas bieden voor het variabele karakter 
van hernieuwbare bronnen. De productie van waterstof uit steenkool leent zich 
uitstekend tot het afvangen en opslaan van CO2. Maar ook de nucleaire sector ziet 
wel graten in waterstofproductie door middel van de nieuwe generatie 
hogetemperatuursreactoren, waarbij geen sprake is van schadelijke emissies in de 
atmosfeer. 

Waterstof is inderdaad een veelzijdige energiedrager of opslagmedium met unieke 
eigenschappen. Het kan op meer manieren geproduceerd worden en terug worden 
omgezet in andere energievormen dan om het even welke andere ‘brandstof’. Het 
kan opgeslagen worden in vaste stoffen, in vloeibare of in gasvormige toestand. Het 
kan getransporteerd worden over lange afstanden door middel van pijpleidingen, 
schepen en treinen. Het kan omgezet worden in elektriciteit en warmte zonder 
uitstoot van schadelijke stoffen. 

Recentelijk is echter een uitgebreide polemiek ontstaan omtrent de waarde en het 
nut van waterstof als energiedrager. Daar waar de voorstanders meestal verwijzen 
naar de vele mogelijkheden die waterstof biedt, baseren de tegenstanders zich op de 
energetische minderwaardigheid van waterstof ten opzichte van elektriciteit. Deze 
argumenten worden op hun beurt weer van tafel geveegd omdat de achterliggende 
analyses onvolledig zouden zijn. Het is echter een feit dat wereldwijd enorme 
(financiële) inspanningen worden geleverd met betrekking tot onderzoek naar 
waterstof en de mogelijke introductie ervan in het energiesysteem. 
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Doelstellingen 

Deze studie heeft niet tot doel een standpunt in te nemen in de pro- en 
contradiscussie omtrent waterstof of om de toekomstige evolutie van het ganse 
energiesysteem te bepalen. Voor dit onderzoek wordt aangenomen dat – op een 
bepaald tijdstip, onder bepaalde omstandigheden – waterstof een concurrentiële 
energiedrager kan worden die zijn plaats inneemt in de maatschappij. Vanuit die 
veronderstelling richt deze studie zich op de integratie van waterstof in de huidige 
energie-infrastructuur en op de transitie van de huidige situatie naar een situatie 
waarin waterstof een rol van betekenis speelt. 

Met andere woorden, het doel van dit onderzoek is het ontwikkelen van een 
realistische en doenbare roadmap naar een mogelijke waterstofeconomie toe, 
waarbij voor alle concrete problemen tijdens een dergelijke transitie oplossingen 
aangereikt worden. Dit vereist een aanpak die de ganse waterstofketen (productie, 
transport, opslag, distributie en eindgebruik) en het dynamisch karakter ervan mee 
in rekening brengt. Ook het gebrek aan een waterstofinfrastructuur, een eindvraag 
naar waterstof als energiedrager en de impasse tussen beiden (geen vraag, dus geen 
infrastructuur en vice versa) is een aspect dat moet uitgeklaard worden. 

De transitiemethode die wordt voorgesteld in deze studie steunt op het bijmengen 
van waterstof in het huidige aardgasnet. Op die manier kan gebruik gemaakt worden 
van een reeds bestaande infrastructuur en door het desbetreffende mengsel gewoon 
te verbranden in traditionele boilers, ontstaat eveneens een impliciete vraag naar 
waterstof. Bovendien vereist deze aanpak geen volwaardige commercialisering van 
de brandstofceltechnologie, maar sluit ze de verdere ontwikkeling daarvan evenmin 
uit. De ganse transitieproblematiek wordt aldus bestudeerd vanuit technisch, 
economisch en energetisch oogpunt. 

Naast een kwalitatieve, maar goed onderbouwde benadering, wordt in een tweede 
deel van deze studie een model ontworpen dat toelaat de ontwikkeling van een 
dergelijke, prille waterstofinfrastructuur te optimaliseren. Hiertoe wordt gebruik 
gemaakt van ‘Mixed Integer Linear Programming’ en zo kan de ganse 
transitieproblematiek ook gekwantificeerd worden. Het ontwikkelde model laat toe 
nieuwe, belangrijke inzichten te verwerven die van groot belang zijn voor de uitbouw 
van een mogelijke waterstofeconomie. Aangezien het echter een model betreft dat 
de verre toekomst in kaart tracht te brengen, met alle onzekerheden vandien, is het 
belangrijk zich niet vast te pinnen op details en de resultaten geenszins te 
veralgemenen. 

In een laatste deel wordt de mogelijke interactie tussen een nieuw te ontwikkelen 
waterstofinfrastructuur en een reeds bestaande elektriciteitsinfrastructuur 
onderzocht. Hierbij wordt vooral aandacht besteed aan de co-productie van waterstof 
en elektriciteit in steenkoolvergassingscentrales. 
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Waterstof als energiedrager 

Alvorens de transitieproblematiek te bestuderen, worden de fysische, chemische en 
veiligheidsaspecten van waterstof in kaart gebracht. Daarnaast wordt een overzicht 
gegeven van alle technologieën die relevant zijn in de ganse waterstofketen. 

Productie van waterstof 

Aangezien waterstof enkel in minuscule hoeveelheden te vinden is op aarde, kan het 
enkel verkergen worden via productie. Waterstofproductie kan onderverdeeld worden 
in drie hoofdcategorieën: thermochemische, elektrolytische en biologische productie. 
Binnen deze categorieën bestaan tal van mogelijkheden om waterstof te produceren, 
gaande van goed ontwikkelde, commerciële technologieën tot experimentele, meer 
exotische technieken. 

De drie meeste gekende processen zijn Steam Methane Reforming (omvormen van 
aardgas tot waterstof met behulp van stoom), vergassing van steenkool en 
elektrolyse van water. Het omvormen van aardgas is de meest ontwikkelde 
technologie, met als gevolg een relatief lage investeringskost (+/- 500 €/kW H2) en 
een rendement van ongeveer 80%. De vergassing van steenkool is eveneens goed 
ontwikkeld, alhoewel er momenteel nog maar slechts 17 centrales gebouwd zijn. De 
interesse in deze technologie neemt echter toe aangezien het zeer eenvoudig is om 
CO2 afvang te integreren in dergelijke installaties. De rendementen voor 
waterstofproductie1 schommelen rond 70% en de investeringskost bedraagt 700 – 
1.100 €/kW H2. Elektrolyse van water tenslotte maakt gebruik van elektriciteit om 
water te splitsen in zuurstof en waterstof. De technologie is volop in ontwikkeling en 
de komende jaren worden rendementen tot 80% en investeringskosten van 
ongeveer 600 €/kW H2 verwacht. 

Andere technologieën zoals vergassing van biomassa, biologische 
productietechnieken, thermochemisch splitsen van water met behulp van nucleaire 
hogetemperatuursreactoren en thermische dissociatie van water zijn nog lang niet 
marktrijp en worden om verschillende redenen niet weerhouden voor de simulaties 
die later volgen. 

                                                     
1  Steenkoolvergassingscentrales kunnen eveneens elektriciteit produceren door een 

gecombineerde cyclus (gas- en stoomturbine) aan de installatie toe te voegen. Dit is 
momenteel trouwens het geval in alle bestaande centrales. 
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Opslag van waterstof 

Waterstof kan opgeslagen worden als een gas, een vloeistof of een vaste stof (als 
chemische verbinding). Geen enkel van de bestaande methodes slaagt er echter in 
om waterstof op een energetisch efficiënte manier te stockeren. Dit is momenteel 
dan ook één van de belangrijkste obstakels voor de doorbraak van 
brandstofcelwagens. 

In gasvormige toestand kan waterstof worden opgeslagen in tanks, cylinders, grote 
vaten, ondergrondse holtes of pijpleidingen. Pijpleidingen kunnen hogere drukken 
weerstaan dan andere, grote opslagvolumes en bieden bovendien het voordeel dat 
ze transport en opslag van waterstof kunnen combineren. Dergelijke opslag in 
pijpleidingen wordt ook ‘linepack’ genoemd en wordt momenteel veelvuldig 
toegepast in het aardgastransportnet. 

Het vloeibaar maken van waterstof gebeurt op een temperatuur van -253 °C en is 
een zeer energie-intensief proces. Bovendien zijn speciale materialen vereist en gaat 
veel waterstof verloren door verdamping. 

Andere opslagtechnieken maken gebruik van metaalhydriden, chemische hydriden, 
adsorptie of glazen microsferen en zijn niet geschikt voor opslag van waterstof op 
grote schaal. 

Transport en distributie van waterstof 

Waterstof kan getransporteerd en gedistribueerd worden per vrachtwagen, trein of 
schip, of over lange afstanden via pijpleidingen. Dergelijke pijpleidingen hebben 
diameters van 10 tot 40 cm en hanteren drukken tussen 30 en 100 bar. Afhankelijk 
van het type pijpleidingen en de manier van constructie variëren de installatiekosten 
van 500 tot 2.000 €/m. Momenteel ligt in België, Nederland en Frankrijk een 
waterstofpijpleiding van 879 km, die gebruikt wordt voor industriële doeleinden. 

Eindgebruik van waterstof 

Eén van de redenen waarom waterstof zoveel interesse geniet is het feit dat het in 
brandstofcellen op een zeer efficiënte manier kan omgezet worden in warmte en 
elektriciteit, waarbij het enige ‘afvalproduct’ zuiver water is. Een brandstofcel 
converteert op elektrochemische wijze chemische naar elektrische en thermische 
energie, waardoor het rendement niet gelimiteerd wordt door het Carnot-rendement. 
Van de verschillende types brandstofcellen zijn de PEMFC (Polymer Electrolyte 
Membrane Fuel Cell) en de SOFC (Solid Oxide Fuel Cell) de meest veelbelovende. De 
kosten lopen momenteel echter nog op tot ruim meer dan 4.000 €/kWe. 
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Naast het gebruik in brandstofcellen, kan waterstof ook verbrand worden in motoren, 
turbines en boilers. Mits enkele kleine aanpassingen is het bovendien mogelijk 
waterstof en mengsels van waterstof en aardgas als brandstof te gebruiken in 
bestaande toestellen. 

De transitie naar een waterstofeconomie 

Waterstof en brandstofcellen 

In de literatuur bestaat een algemene consensus dat de ontwikkeling van een 
waterstofeconomie hand in hand gaat met het gebruik van brandstofcellen. Dit 
vereist echter een drastische verbetering van de brandstofceltechnologie, zowel qua 
kosten als qua duurzaamheid. De massale ingebruikname van brandstofcelwagens 
wordt vaak aanzien als een middel om deze doorbraak te realiseren. Dit kan echter 
enkel gebeuren indien waterstof – en de bijhorende infrastructuur – eenvoudig 
beschikbaar is als brandstof. Om deze impasse te vermijden, wordt het gebruik van 
aardgas in brandstofcellen naar voren geschoven. Het intern of extern omvormen 
van aardgas tot waterstof in een brandstofcel, maakt de technologie echter nog 
duurder en brengt lokale emissies met zich mee. De commerciële beschikbaarheid 
van brandstofcellen lijkt de ontwikkeling van een waterstofeconomie dan ook eerder 
in de weg te staan dan ze in gang te steken. 

Afvang, transport en opslag van CO2 

Het afvangen en opslaan van CO2 biedt enorme perspectieven om op een ‘propere’ 
manier toch verder gebruik te kunnen maken van fossiele brandstoffen en 
tegelijkertijd de uitstoot te verminderen. Hiervoor bestaan drie technologieën: post-
verbranding afvang, pre-verbranding afvang en oxyfuel verbranding. Alhoewel deze 
technieken vaak gekoppeld worden aan de productie van waterstof, zijn ze evenzeer 
toepasbaar op de hedendaagse elektriciteitscentrales. De afvang van CO2 is op zich 
dus geen argument voor het gebruik van waterstof als energiedrager, maar met het 
oog op een toekomstige, duurzame ontwikkeling lis het quasi vanzelfsprekend dat 
waterstofproductie-eenheden hiermee uitgerust worden. Dit wordt ook als dusdanig 
verondersteld in het verdere verloop van deze studie. 
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De waterstofinfrastructuur 

Eén van de grootste hindernissen voor de geleidelijke transitie naar een 
waterstofeconomie is het ontbreken van een degelijke infrastructuur en het daaruit 
voortvloeiende gebrek aan een vraag naar waterstof, of omgekeerd. Wereldwijd 
bestaan echter verschillende roadmaps die de ontwikkeling van een 
waterstofeconomie beschrijven. Deze gaan meestal uit van een gedecentraliseerde 
opbouw van de benodigde infrastructuur, beschouwen de transportsector als dé 
springplank naar een verdere doorbraak, benaderen het probleem enkel kwalitatief 
en kijken enkel naar de verre toekomst zonder de eerste stappen van een dergelijke 
transitie in rekening te brengen. In dit onderzoek wordt een oplossing gesuggereerd 
voor deze tekortkomingen (centraal, overkoepelend, kwalitatief én kwantitatief, 
korte- én lange termijn). De case-study die gemaakt wordt heeft betrekking op 
Vlaanderen. 

Mengsels van waterstof en aardgas 

Het bijmengen van waterstof in het aardgasnet en het gebruik van dit mengsel in 
bestaande toepassingen (boilers), zou in één klap het gebrek aan infrastructuur 
oplossen en de cruciale doorbraak van brandstofcellen overbodig maken. Door een 
vast percentage waterstof bij te mengen, heeft men eveneens een goed beeld van 
de vraag naar waterstof – gebaseerd op de huidige vraag naar aardgas – en het 
verloop van het vraagprofiel. In deze studie wordt onderzocht of dit technisch, 
economisch en energetisch haalbaar is. 

Het aardgasnet kan opgedeeld worden in het transportnet (hoge druk) en het 
distributienet (lage druk). Op het transportnet blijkt het niet mogelijk om waterstof 
bij te mengen. Door de lagere energiedichtheid van waterstof kan niet voldoende 
energie getransporteerd worden, het gebruik van hoge sterktestaalsoorten brengt 
het risico op waterstofverbrossing met zich mee, de centrifugale compressoren zijn 
materiaaltechnisch niet bestand tegen grote hoeveelheden waterstof en de 
hoeveelheid energie die in de leidingen kan opgeslagen worden (linepack) is volstrekt 
ontoereikend. Aangezien het distributienet vervaardigd is uit polyethyleen, geen 
compressoren bevat en geen opslagfunctie vervult, is het wel mogelijk om hierin 
quasi 100% waterstof te injecteren. Dit vereist dan de constructie van een nieuw 
transportnet voor waterstof met een lengte van ongeveer 1.000 km. 

Testen in Nederland en Denemarken hebben aangetoond dat bestaande boilers 
mengsels kunnen verbranden die 17 vol% waterstof bevatten zonder dat hiervoor 
aanpassingen nodig zijn. In België en Frankrijk wordt gebruik gemaakt van flexibele 
boilers, die ruimere toleranties hebben wat betreft de samenstelling van het gas 
(Wobbe index). Bovendien bestaan er momenteel reeds multifunctionele boilers die 
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om het even welk mengsel van waterstof en aardgas kunnen verbranden. Dit toont 
aan dat in een eerste fase probleemloos tot 17 vol% waterstof kan worden 
bijgemengd in het distributienet en dat op lange termijn hogere percentages 
mogelijk zijn indien de juiste normen en standaarden tijdig worden uitgevaardigd. Op 
deze manier zou de impasse tussen het gebrek aan infrastructuur en het gebrek aan 
een vraag naar waterstof, evenals de onbeschikbaarheid van brandstofcellen geen 
probleem vormen voor de geleidelijke transitie naar een waterstofeconomie. 

Modelleren van een waterstofinfrastructuur 

Om een kwantitatief beeld te krijgen van de benodigde waterstofinfrastructuur 
(productie, opslag, transport) in een dergelijk transitiescenario, werd een model 
ontwikkeld dat al deze facetten en de onderlinge interacties in kaart kan brengen. 

Gebruikte methodologie 

Het model maakt gebruik van de ‘Mixed Integer Linear Programming’-techniek, 
waarbij de totale kost (investerings- en werkingskosten van de centrales) 
geminimiseerd wordt. De implementatie gebeurde deels in Matlab en deels in het 
commerciële softwarepakket GAMS.  

De inputgegevens zijn de uurlijkse vraag naar waterstof gedurende een jaar – 
waarbij waterstof 5% van de energiebehoefte dekt voor stationaire en mobiele 
toepassingen – , de hoeveelheid energieopslag die mogelijk is in een nieuw gebouwd 
waterstoftransportnet, de technische en economische karkateristieken van 
verschillende waterstofcentrales met vastgelegde vermogens (omvormen van 
aardgas, vergassing van steenkool en elektrolyse), de brandstofkosten en de CO2-
tax. 

De output van het model bestaat uit de optimale waterstofproductiemix 
(investeringsanalyse), het werkingsregime van de geïnstalleerde centrales (unit 
commitment/dispatching) en de hoeveelheid waterstof die opgeslagen wordt in het 
hogedruknetwerk (op uurbasis). 

Omwille van de hoge rekentijd, kon slechts een vraagprofiel van maximaal zeven 
weken gebruikt worden als input. Na een grondige analyse van de invloed van het 
vraagprofiel (lengte, vorm), werd één profiel weerhouden voor een 
sensitiviteitsanalyse van de inputgegevens. Tenslotte werd de economische 
realiteitszin van de verschillende scenario’s bestudeerd door middel van een 
prijsvergelijking tussen aardgas en waterstof. 
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Model: resultaten  

De belangrijkste vaststelling is onmiskenbaar de cruciale rol van waterstofopslag in 
de uitbouw van een waterstofeconomie, zelfs bij een lage penetratiegraad van 
waterstof in het energiesysteem. Indien een voldoende hoeveelheid opslag mogelijk 
is, dalen de investeringskosten in waterstofcentrales aanzienlijk. Dit is een 
overtuigend argument voor de bouw van een nieuw waterstoftransportnet dat 
eveneens de mogelijkheid tot stockage biedt. De hoge kosten voor de bouw van een 
dergelijk transportnet worden immers ruimschoots gecompenseerd door de 
besparingen op centraleniveau. 

De optimale samenstelling van de waterstofproductiemix is moelijk te bepalen 
aangezien het resultaat sterk beïnvloed wordt door de gebruikte inputgegevens. Dit 
wordt bevestigd door de economische analyse: de prijs van waterstof geproduceerd 
uit aardgas en steenkool verschilt amper. Kleine veranderingen qua brandstofprijs of 
CO2-tax bepalen dus de voorkeur voor de ene of andere technologie. Wel kan 
worden vastgesteld dat – economisch gezien – waterstof zelden de competitie kan 
aangaan met aardgas indien het geproduceerd wordt via elektrolyse. In een eerste 
transitiefase zijn omvormen van aardgas en vergassing van steenkool dus dominante 
technologieën. Aspecten zoals bevoorradingszekerheid en het beschikken over een 
gevarieerde portfolio kunnen er echter voor zorgen dat elektrolyse toch niet geheel 
uit beeld verdwijnt. 

Waterstof en elektriciteit: complementaire 
energiedragers 

In een laatste deel van deze thesis wordt de mogelijke interactie tussen een nieuw te 
ontwikkelen waterstofinfrastructuur en een reeds bestaande 
elektriciteitsinfrastructuur onderzocht. De te verwachten massale ingebruikname van 
hernieuwbare technologieën, voornamelijk windturbines, en de aanwezigheid van 
IGCC centrales2 in het elektriciteitspark zouden er immers voor kunnen zorgen dat 
met deze eenheden af en toe waterstof kan geproduceerd worden. Dit zou kunnen  
bijdragen tot de transitie naar een waterstofeconomie. Het model E-Simulate wordt 
gebruikt om de elektriciteitsproductie en het gedrag van de verschillende centrales te 
simuleren. 

                                                     
2  Integrated Gasification Combined Cycle: steenkoolvergassingscentrale die elektriciteit kan 

opwekken, waterstof kan produceren of een combinatie van beide. 
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Er werd aangetoond dat het economisch gezien weinig nut heeft om door 
windturbines opegwekte elektriciteit aan te wenden voor waterstofproductie. Dit is 
volledig te wijten aan de hoge investeringskost van de benodigde elektrolyseurs. 

Vervolgens werd de beschikbaarheid van IGCC centrales voor de productie van 
waterstof bekeken. Ondanks het aanzienlijk aandeel van hernieuwbare technologieën 
in het centralepark, blijven IGCC centrales meestal als baseload-eenheden 
functioneren en kunnen ze slechts 10% van de tijd waterstof produceren. Dit is 
onvoldoende om fundamenteel te kunnen bijdragen tot de transitie naar een 
waterstofeconomie. Waterstofproductie via IGCC centrales vindt, wegens de lagere 
vraag naar elektriciteit, immers grotendeels plaats in de zomer. Dit zorgt ervoor dat 
de piekvraag naar waterstof in de winter quasi onveranderd blijft, zodat nog steeds 
dezelfde investeringen dienen te gebeuren op het vlak van waterstofproductie, -
transport en –opslag. De IGCC eenheden uit het elektriciteitspark vereenvoudigen de 
transitie dus niet.  

Onder bepaalde omstandigheden – zeer lage aardgasprijs en zeer hoge CO2-tax – 
kunnen IGCC centrales vaker beschikbaar zijn voor de productie van waterstof, maar 
economisch gezien is het dan vaak gunstiger een nieuwe reformer te plaatsen en 
aardgas om te vormen tot waterstof. Dit leidt tot de conclusie dat de mogelijke 
interactie tussen beide infrastructuren (waterstof en elektriciteit) zeer beperkt is. 

Conclusie en suggesties voor verder onderzoek 

Conclusie 

In dit doctoraat werd een methodologie ontwikkeld voor de transitie naar een 
mogelijk toekomstige waterstofeconomie. Pijnpunten werden blootgelegd en 
oplossingen werden aangereikt, zowel kwalitatief als kwantitatief. 

Er werd aangetoond dat het bijmengen van waterstof in aardgasleidingen een 
doeltreffende manier is om waterstof te integreren in het energiesysteem. De 
commerciële doorbraak en beschikbaarheid van brandstofcellen is niet langer een 
vereiste en de impasse tussen het gebrek aan infrastructuur en het gebrek aan een 
vraag naar waterstof wordt opgelost. 

Gebruik makend van Mixed Integer Linear Programming werd een optimisatiemodel 
ontwikkeld dat toelaat de optimale waterstofproductiemix te bepalen, het belang van 
waterstofopslag en de impact van technische en economische parameters op de 
ontwikkeling van een dergelijke infrastructuur. 
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De nood aan voldoende waterstofopslag is van cruciaal belang, zelfs in een eerste 
transitiefase. De uitbouw van een nieuw waterstoftransportnet 
(hoegdrukpijpleidingen) komt hieraan tegemoet en vermijdt de nodeloze installatie 
van dure waterstofproductie-eenheden. 

De mogelijke interactie tussen een nieuw te ontwikkelen waterstofinfrastructuur en 
een reeds bestaande elektriciteitsinfrastructuur is quasi verwaarloosbaar. De co-
productie van waterstof en elektriciteit in IGCC centrales en het gebruik van 
overtollige hernieuwbaar opgewekte elektriciteit voor de productie van waterstof zijn 
interessante pistes, maar hebben weinig tot geen invloed op de benodigde 
investeringen in een nieuwe waterstofinfrastructuur. 

Suggesties voor verder onderzoek  

Aangezien de transitie naar een waterstofeconomie vooralsnog toekomstmuziek is, is 
het absoluut noodzakelijk de verdere economische en technologische ontwikkelingen 
op de voet te volgen. De input van deze nieuwe gegevens in het optimisatiemodel zal 
toelaten om nog betere inzichten te verwerven in de ganse problematiek. 

Het gebruik van mengsels van aardgas en waterstof in pijpleidingen en 
gebruikstoestellen dient experimenteel en gedetailleerd onderzocht te worden. 
Alhoewel in de eerste testen geen fundamentele problemen werden vastgesteld, is 
een diepgaande evaluatie nodig alvorens over te gaan tot een dergelijk 
transitiescenario. 

Van zodra meer technische en economische gegevens beschikbaar zijn, is het 
aangewezen het optimisatiemodel verder te ontwikkelen en uit te breiden. Deze 
uitbreiding kan onder andere bestaan uit het in rekening brengen of bepalen van 
gepland onderhoud, fluctuerende brandstofprijzen, de optimale locatie van productie-
eenheden, de optimale grootte en lengte van het waterstoftransportnet en de kosten 
van randapparatuur zoals compressoren, zuiveringsinstallaties en membranen. 

Indien het gebruik van waterstof als energiedrager meer concrete vormen aanneemt, 
kan een overkoepelend technisch-economisch model ontwikkeld worden dat het 
ganse energielandschap in kaart brengt, rekening houdend met de verschillende 
energiedragers en bijhorende infrastructuren. 

 

 



 





 

 

 

Concrete transition issues towards a fully-fledged use of 
hydrogen as an energy carrier 





 

1. INTRODUCTION 

1.1 General context 
During the last decade, it has become clear that the energy landscape is facing some 
major changes. Our future energy economy needs to be “de-fossilised” as a 
contribution to overall sustainable development. This mitigation from fossil fuels to 
more sustainable energy technologies is driven by several factors: 

 

• The need for a drastic reduction of CO2 emissions, i.e. 20% reduction of 
greenhouse gases (GHG) by 2020 as proposed by the Commission of the EU3 
(CEU [1]). 

• The worldwide energy-dependence issue; the security-of-supply issue 
demands for a diversification of primary energy sources and secondary 
carriers. 

• The exhaustibility of fossil sources; at current consumption and production 
levels, the world’s proven reserves of oil, natural gas and coal are expected to 
be “depleted” in 42, 64 and 155 years, respectively, as defined by their R/P4 
ratio (IEA [2]). Although these “years left” are moving targets, prices will rise 
substantially when oil and gas fields become more depleted. 

 

As one of the interesting elements, hydrogen could be a welcomed energy carrier. 
The interest in a potential “hydrogen economy” has increased considerably over the 
last two decades, albeit with some fluctuations. Because hydrogen (H2) can (in 
principle) serve as a storage medium for (excess) electricity, the interest for 
hydrogen first originated from the renewable advocates. Later on, hydrogen was 
adopted by the coal sector, since H2 might go hand in hand with the development of 
Carbon Capture and Storage (CCS). Next, also the nuclear sector jumped on the 
“bandwagon”. There is the possibility of producing hydrogen by means of high-
temperature reactors (Gen IV), but – being clean and emission free – the 
combination with hydrogen might also help for the nuclear revival. 

 

                                                     
3  Possibly, this proposal will be extended to a 60% to 80% reduction by 2050. 
4  R/P stands for ‘reserves to production’. 
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In principle, in many applications, hydrogen can fulfill its role as an energy carrier or 
storage medium, having some unique characteristics (Veziroglu [3]): 

• It can be converted into other forms of energy in more ways and more 
efficiently, by means of fuel cells, than any other fuel. 

• It can be stored as liquid, gas or embedded in solids. 

• It can be transported over large distances using pipelines, tankers or rail 
trucks. 

• It can be converted into electricity and heat in absence of local emissions. 
This is particularly of interest for transportation applications. 

• It may expedite the integration of renewable intermittent energy sources. 

 

Recently, however, an extensive polemic upon the value and feasibility of using 
hydrogen as an alternative energy carrier to electric energy has been engaged. 
Whereas the proponents mostly refer to the many possibilities that hydrogen can 
offer (Rifkin [4], NRC [16]), its critics mainly base themselves on the energetic 
inferiority of hydrogen as an energy carrier compared to electricity (Romm [5], 
Bossel [6], Mazza [125]). Many of these calculations, in their turn, are being refuted 
as inaccurate and inadequate, since they do not take into account the entire 
energetic chain, including its dynamics (Weindorf [7]). 

1.2 Problem delineation 
This study has not the aim to take a certain standpoint regarding the pros and cons 
of hydrogen as an energy carrier, neither does it make the pretension to determine 
the future evolution of our entire energy economy. Nevertheless, as a starting point, 
and for the purpose of this research, it has been assumed or actually ‘postulated’ 
that – at some point, under certain conditions – hydrogen will become a viable 
energy carrier which is part of our energy system. The focus of this research then 
lies on the integration of hydrogen into our existing energy infrastructure, and on the 
possible transition from the current situation to one in which hydrogen plays a key 
role. Stated differently, the author does not claim that the hydrogen economy will 
become a reality; but if a hydrogen economy is to become a reality, then this work 
investigates the possible routes to get there. 

Obviously, this integration brings along a wide variety of issues, which all have to be 
taken into account. A new hydrogen infrastructure needs to be developed, covering 
the entire hydrogen chain including production, transport, storage, distribution and 
end use. In order to avoid an impasse or a chicken-and-egg situation, at the same 
time a demand for hydrogen must be ‘created’ which then leads to a certain 
hydrogen-demand profile. Furthermore, side technologies such as carbon capture 
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and storage and co-production of hydrogen and electricity need to be incorporated in 
this overall approach. And, last but not least, hydrogen should not be seen as an 
isolated energy carrier. As it becomes part of the overall energy system, also the 
interaction with other energy infrastructures (e.g. electricity) can play an important 
role. All together, a well-thought through approach of these issues should come 
down to a smooth transition towards the fully-fledged use of hydrogen as an energy 
carrier. It is this transition that will be the key subject of the study at hand. 

 

Of course, in the literature, numerous transition scenarios already have been 
studied5. Nevertheless, a careful analysis of these studies has revealed some serious 
flaws, which must be seen as incompletenesses or lacunas rather than actual errors 
or mistakes. Some typical shortcomings in many of these studies are (not all 
characteristic of all studies evidently): 

• Only production is being considered, neglecting the delivery of hydrogen. 

• Only economic delivery aspects are considered, not taking into account the 
technical feasibility. 

• There is generally a strong focus on transportation hydrogen use, neglecting 
stationary hydrogen use. 

• The dynamic behaviour of the demand is never taken into account, which 
leads to a significant underestimation of the need for storage. 

• The competitiveness of hydrogen versus electricity is often based on current 
prices and costs, rather than taking into account possible future tendencies 
and evolutions. 

• Most studies deal with far-future modelling, without actually tackling the 
transition and assuming an overnight change towards hydrogen as an energy 
carrier. 

• The chicken-and-egg problem is always overlooked (no demand vs. no 
infrastructure). E.g., fuel cells are often assumed to be available at 
competitive prices, while a breakthrough of this technology is very unlikely 
without a substantial demand for hydrogen. 

 

So, the research goal and scope of this doctoral thesis is to develop a possible and 
‘doable’ roadmap towards a possible hydrogen economy, hereby tackling the 
concrete transition issues as mentioned above. The transition philosophy proposed is 
largely based on the use of hydrogen-natural gas mixtures in the existing pipeline 
infrastructure, circumventing the chicken-and-egg problem and avoiding the 

                                                     
5   References to these studies can be found throughout this thesis. 
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necessary availability of fuel cells6. Hereby, the entire hydrogen chain, from 
production to end use, will be taken into account. Starting from our current energetic 
landscape, using a diversity of primary energy sources – such as coal, gas, uranium 
and renewables – all aspects will be looked at from a technical, economic and energy 
point of view and even taking into account the different market structures (regulated 
vs. liberalised). 

Besides a qualitative but well delineated logical approach, also a hydrogen-
infrastructure optimisation model – using mixed-integer linear programming – will be 
developed and used to address the entire issue quantitatively. As this actually 
concerns far-future modelling, inevitably characterised by a large uncertainty on the 
input data, it is very important for the reader to keep in mind that some general 
observations can be considered as being valid; but many results are so sensitive to 
the input data and the assumptions that generalisation should be avoided. At any 
rate, the model will allow analysing certain tendencies that are of utmost importance 
for the development of a hydrogen economy. 

Finally, the interaction between a developing hydrogen infrastructure and an existing 
electricity infrastructure – whereby co-production of hydrogen and electricity by 
means of IGCC units seems particularly interesting – is looked at in more detail. 

1.3 Approach 
After this introduction, this thesis is built up as follows: 

• Chapter 2 gives an overview of all the technical and economic characteristics 
of hydrogen as an energy carrier. Mainly based on the literature, the different 
production, transport, storage and end-use technologies are being discussed. 

• Chapter 3 actually addresses the transition towards a hydrogen economy. 
Firstly, the importance of the availability of fuel cells and CCS is looked at. 
Subsequently, different approaches for the development of a hydrogen 
infrastructure are being studied. Then, the use of mixtures of hydrogen and 
natural gas is pushed forward as a plausible solution to most transition issues, 

whereby this philosophy is backed up by technical and infrastructural 
computations. Finally, the transition towards full-blown hydrogen transport 
through natural-gas pipelines is being considered in a regulated and 
liberalised energy market. 

                                                     
6  The later introduction of fuel cells – from a certain point of availability of hydrogen – and if 

becoming mature, is certainly not excluded, on the contrary. We still believe that fuel cells 
must play a key role in a hydrogen economy, but we do not assume their presence from 
the early beginning of the transition. 
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• Chapter 4 discusses the development and implementation of the hydrogen-
infrastructure optimisation algorithm, after which the model is used to carry 
out a detailed sensitivity analysis. 

• Chapter 5 considers the interaction between the hydrogen and electricity 
infrastructure, especially paying attention to the possible use of flexible IGCC 
facilities for the production of hydrogen. Also the availability of large amounts 
of intermittent wind-generated electricity as a possible source for hydrogen 
production is considered, and critically analysed and evaluated. 

• Chapter 6 concludes this thesis with a summary of all results, the main 
conclusions and some recommendations for further research.  





 

2. HYDROGEN AS AN ENERGY CARRIER 

2.1 Properties of hydrogen 
Hydrogen (H) is the simplest element known to man, each atom having only one 
proton. It is also the most abundant element in the universe as well as on earth. As 
hydrogen gas7 (H2) is lighter than air, it rises in the atmosphere. As H2 is furthermore 
very chemically reactive (in the presence of oxygen, carbon, etc.), hydrogen as a gas 
is not found by itself on earth, but only in compound form with other elements, such 
as water (H2O), methane (CH4), hydrocarbons and biomass. Hydrogen has the 
highest energy content of any common fuel by weight, but the lowest energy content 
by volume. It is the lightest element, and it is a gas at normal8 pressure and 
temperature. 

In order to get a good insight in the characteristics of hydrogen as an energy carrier, 
this section gives an overview of the physical, chemical, combustion and safety 
properties of hydrogen and some other common gases. 

2.1.1 Physical and chemical properties 

Table 1 gives an overview of the most important physical and chemical properties of 
hydrogen and some other gaseous energy carriers such as methane, high-calorific 
natural gas (H-gas) and low-calorific natural gas (L-gas)9. As carbon dioxide (CO2) 
will often be a by-product when producing hydrogen, its properties are also listed 
(Perry [8], Lide [9], Cerbe [10]). 

 

It has to be noted that all properties are given for normal conditions, i.e. 0 °C and 1 
atm. Furthermore, the values for H-gas and L-gas always are indicative as the 
composition of both gas types varies continually10. A detailed overview of the 
different types of natural gas is given in Appendix A.1. For easy reference, the 
physical and chemical properties of oxygen (O2), nitrogen (N2), “city gas” or 
“synthesis gas” (CO + H2) and air are listed in Appendix A.2. 

                                                     
7  From this point on, ‘hydrogen gas’ will be denoted as ‘hydrogen’ or ‘H2’. 
8  Here, ‘normal’ refers to a temperature of 0°C and a pressure of 1 atm. 
9 Since the northern part of Belgium – being the reference region for this study – uses both  

types of natural gas, it is useful to make this distinction. This L-gas typically originates from 
the Slochteren fields in the Netherlands. 

10 Although indicative, the values given in Table 1 will be used for all calculations throughout 
this study. 
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Property H2 CH4 H-gas L-gas CO2 

Density 

[kg/m³] 
0.09 0.72 0.78 0.83 1.98 

Relative density w.r.t. air  

[-] 
0.07 0.55 0.60 0.64 1.53 

Boiling point  

[°C] 
-252.7 -161.4 -163.0 -163.0 

-78.5 

(subl.) 

Specific heat capacity cp  

[kJ/kg.K] 
14.2 2.16 2.05 1.86 0.82 

Specific heat capacity cv 

 [kJ/kg.K] 
10.08 1.64 1.57 1.41 0.63 

Diffusion coefficient in air 

 [cm²/s] 
0.61 0.22 0.16 0.16 0.138 

Kinematic viscosity 

[10-6 m²/s] 
106 16.7 14.9 15.7 8.03 

Higher heating value 

 [MJ/Nm³] 
12.7 39.8 41.2 35.2 - 

Higher heating value 

 [MJ/kg] 
141 55.3 52.8 42.4 - 

Lower heating value 

 [MJ/Nm³] 
10.8 35.9 37.2 31.7 - 

Lower heating value 

 [MJ/kg] 
120 49.9 47.7 38.2 - 

Molar mass  

[kg/kmol] 
2.016 16.043 17.492 18.532 44.01 

Specific gas constant 

 [J/kg.K] 
4,124 518.3 475.3 448.7 188.9 

Molar volume 

 [Nm³/kmol] 
22.43 22.36 22.35 22.36 22.29 

Compressibility  

[-] 
1.0006 0.9976 0.997 0.998 0.994 

Table 1: Physical and chemical properties of hydrogen, methane, H-gas, L-gas and carbon 
dioxide. All properties are given for normal conditions, i.e. 0 °C and 1 atm. The use of a capital 

‘N’, as in Nm³, refers to these normal conditions. (Perry [8], Lide [9], Cerbe [10]). 
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2.1.2 Combustion properties 

Since this study will also consider the use of hydrogen and hydrogen-natural gas 
mixtures in combustion engines, boilers and burners, an overview of the combustion 
properties of each respective gas is given in Table 2. With regard to the combustion 
of gases, the Wobbe-index is of utmost importance. Indeed, the Wobbe-index 
determines to which family gases belong and it is a measure for exchangeability of 
gases in gas burners, and consequently determines whether they can be used in 
(especially domestic) appliances. It is defined as follows: 

 s
s

HW
d

=  (2.1) 

with Ws Wobbe-index, based on the higher heating value [MJ/Nm³] 
Hs Higher heating value (HHV) [MJ/Nm³] 
d relative density compared to air [-] 

 

A more in-depth discussion of different gas families and their use in combustion 
applications is given in Appendix A.3. 

 

Property H2 CH4 H-gas L-gas 

Auto-ignition temperature 

[°C] 
530 645 640 640 

Flammability limits in air  

[vol.%] 
4.0 – 75.0 4.4 – 16.5 4.3 – 16.3 5.0 – 16.4 

Detonation limits in air  

[vol.%] 
13 – 65 6.3 – 14 6.3 – 13.5 6.3 – 13.5 

Minimal ignition energy 

 [mJ] 
0.02 0.28 0.29 0.29 

Flame temperature  

[°C] 
2,086 1,922 1,940 1,930 

Laminar flame speed 

 [cm/s] 
346 43 43 41 

Wobbe-index 

[MJ/Nm³] 
48.34 53.47 52.98 43.95 

Table 2: Combustion properties of hydrogen, methane, H-gas and L-gas.  All properties are 
given for normal conditions, i.e. 0 °C and 1 atm. The use of a capital ‘N’, as in Nm³, refers to 

these normal conditions. (Perry [8], Lide [9], Cerbe [10], DWV [11]). 
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2.1.3 Safety issues 

As far as safety is concerned, the public perception of hydrogen is rather negative. 
This is mainly due to the Hindenburg disaster in 1937 – albeit that hydrogen did not 
cause it11 – and the devastating impact of hydrogen explosions in general. 
Nevertheless, hydrogen has been used on a large scale in chemical and electronics 
industries for a long time without major difficulties. 

 

Like natural gas, hydrogen is an odourless gas. In principle, the accompanying lack 
of easy detectability can be overcome by adding an odorant to the gas. However, 
when pure hydrogen is needed, e.g. as a fuel for fuel cells, odorisation is technically 
not permissible. The use of hydrogen-detection devices can then serve as an 
alternative to detect possible hydrogen leaks. As hydrogen has a low viscosity, the 
tendency for diffusion is large but strongly dependent on the storage material that is 
being used. For example, the diffusion through metallic walls is technically 
insignificant, but when organic material is used gas loss may appear after a while. In 
all cases, the risk of formation of explosive mixtures is extremely low, just because 
hydrogen is a small, extremely light and highly diffusive molecule (DWV [11]). 

 

Although the flammability limits (4 – 75 vol.%) and minimal ignition energy (0.02 
mJ) of hydrogen may give the impression that hydrogen is highly dangerous, it turns 
out not to be the case when properly interpreting these figures. As can be seen from 
Figure 1, the necessary ignition energy depends on the concentration. The minimal 
ignition energy of hydrogen amounts to 0.02 mJ at a concentration of approximately 
29 vol.% in air, whereas that of methane is 0.29 mJ at a concentration of 10 vol.% 
in air. The ignition energy needed for hydrogen and methane in the area around the 
lower explosion limit12 (LEL) is comparable for both gases. Nevertheless, almost each 
ignition source, such as a spark from electrical equipment or a hot surface, can 
provide enough energy to ignite both hydrogen and methane (Alcock [12]). 

 

When hydrogen is burnt, the flame temperature can rise to 2,086 °C, compared to 
1,930 °C for natural gas. Although the temperature is higher, the radiation of heat is 
significantly less13, causing less damage to the neighbourhood. However, as a 
hydrogen flame is almost invisible, it is recommended to add some colour for safety 
reasons (Alcock [12]). 

                                                     
11  In fact, the Hindenburg disaster was caused by the extremely flammable paint that was 

used. 
12  ‘Explosion limit’ is a synonym for ‘flammability limit’. 
13  This lower heat of radiation can be explained by the absence of soot when hydrogen is 

burnt, as soot acts as a perfect emitter (or absorber). 
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Figure 1: Ignition energy of hydrogen- and methane-air mixtures at different concentrations in 

air at a pressure of 1 atm (Alcock [12]). 

2.2 Hydrogen production 
Hydrogen only exists in minute quantities in nature in its simple diatomic molecular 
form H2. Therefore, H2 has to be produced in an artificial way. Generally, production 
of hydrogen can be divided into three main categories: thermochemical hydrogen 
production, electrolytic hydrogen production and biological hydrogen production. In 
each of these categories, there are numerous ways to produce hydrogen, ranging 
from well-known, fully-developed technologies to newly-developed, experimental and 
exotic techniques. An in-depth discussion of these technologies is limited here to 
three of them which turn out to be of particular importance for this study: 

• Reforming of natural gas   

• Gasification of coal 

• Electrolysis of water. 

Reforming of natural gas, in turn, can be divided into steam-methane reforming, 
partial oxidation and autothermal reforming. 

A short overview of other hydrogen-production technologies is given in the last part 
of this section. 
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2.2.1 Reforming of natural gas 

In general, reforming can be defined as thermochemical processing of a hydrocarbon 
feedstock in high-temperature chemical reactors to produce a hydrogen-rich gas14. 
The hydrogen-production process takes place in several steps, as illustrated in Figure 
2 for one type of reformer.  Firstly, a natural-gas (or other light-hydrocarbon) 
feedstock is reformed at high temperature in the presence of a catalyst. Depending 
on the type of reformer, the feedstock reacts with steam or oxygen at high 
temperature to produce syngas15. This syngas is then further processed in a shift 
reactor by means of steam injection, before separating the hydrogen from the 
mixture at the desired purity. 
 

 

 
Figure 2: Operating principle of thermochemical hydrogen production; example with steam 

(Ogden, [13]). 

                                                     
14  It should be noted that thermochemical production of hydrogen also induces the production 

of substantial amounts of CO2. In order to avoid such emissions, thermochemical hydrogen-
production plants could be configured to allow separation and capture of CO2 at low 
additional cost.  

15  Syngas mostly consists of H2, CO, CO2, CH4 and H2O. 
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2.2.1.1 Steam methane reforming 

Steam methane reforming (SMR) is a well-developed, fully commercialised process, 
responsible for more than 90% of today’s hydrogen production. SMR can also be 
applied to other hydrocarbons such as methanol, gasoline, propane, diesel and 
naphtha. The reforming reaction is reversible16, strongly endothermic and to achieve 
maximal conversion it must take place, according to Le Chatelier-Braun’s principle, at 
high temperature (700-850°C), low pressure (3-25 bar) and with a high steam-to-
carbon ratio of 3 or more. This reaction, shown in Eq. (2.2) , is the first step in the 
overall reforming process. 

4 2 23CH H O CO H+ ↔ +         206.16h∆ = +  kJ/mol CH4 .        (2.2) 

The + sign for ∆h refers to the endothermic nature of the reaction. In a second step, 

the resulting syngas is sent to one or more shift reactors, where the hydrogen 
concentration is increased via the water-gas shift reaction: 

               2 2 2CO H O CO H+ ↔ +        41.15h∆ = −  kJ/mol CO . (2.3) 

This shift reaction is favored at temperatures of less than about 600°C, and can take 
place as low as 200°C, with sufficiently active catalysts. For hydrogen production, the 
shift reaction is often accomplished in two stages. A high-temperature shift reactor 
operating at about 350-475°C, followed by a lower temperature shift reactor (200-
250°C) which brings the CO concentration down to a few percent by volume or less. 

Finally, hydrogen is purified, whereby the degree of purity depends on the 
application. For industrial hydrogen, pressure swing adsorption (PSA) or palladium 
membranes are used to produce hydrogen at 99.999% purity. PSA is a technology 
whereby special adsorptive materials (e.g. activated carbon, silica gel, zeolites) are 
used as a molecular sieve, preferentially adsorbing the target gas at high pressure. 
The process then swings to low pressure to desorb the adsorbent material. For some 
types of fuel cells, which often are accompanied with small-scale non-industrial 
reformers, CO must be reduced to less than about 10 ppm, so a CO removal system 
such as preferential oxidation, in which the gas is passed over a catalyst bed 
(Pt/Al2O3), must be used (Ogden [13], Padro [14], Larsen [15], NRC [16], IEA [17], 
Ogden [18]). 

 

Energy efficiencies of large-scale SMR’s are generally between 75% and 80% (HHV), 
although 85% efficiencies might be achieved with good waste-heat recovery and 
use. Nevertheless, when looking at smaller-scale reformers, a wide variety of thermal 

                                                     
16  Here, reversible has to be interpreted chemically, indicating that the reaction can occur in 

both directions. Not to be confused with the thermodynamical interpretation of ‘reversible’. 
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efficiencies can be found in the literature, ranging from 50% to 80%. This large 
difference can easily be explained by the current development of new small-scale 
reformers, showing a significant energy and cost reduction potential. When looking 
at the capital investment cost of reformers, the spread on the data in the literature is 
even larger, especially when future projections are being made. Capital costs17 of 
large-scale reformers (> 50 MW) range from € 80 up to € 2,000/kW18 H2, whereas 
those of small-scale units (1 kW < 5 MW) lie between € 200 and € 7,000/kW H2 (see 
further in Table 3). However, while potential improvements in large-scale reformers 
are limited, it is estimated that the new small-scale reformers currently under 
development have a significant cost-reduction potential. An overview of different 
efficiencies and capital costs found in the literature is given in Table 3. 

 
 

Source Reformer size Efficiency
[%]

Capital cost 
[Euro/kW]

DTI [19] Small 57 – 70 200 – 7,000 

NRC [16] Small 50 – 64 650 – 1,350 

Mintz [20] Small - 2,000 – 6,000 

Ogden [18] Small 70 – 80 200 – 4,000 

HySoc [21] Small 70 – 80 - 

NRC [16] Medium 64 – 72 500 – 660 

Mintz [20] Medium - 800 – 2,000 

DTI [19] Large 70 – 80 150 – 630 

NRC [16] Large 76 – 82 200 – 300 

Mintz [20] Large - 600 – 800 

Ogden [18] Large 75 – 80 80 – 750 

HySoc [21] Large 75 – 80 - 

Table 3: Overview of efficiencies and capital costs of SMR units. 

                                                     
17  For easy reference, a conversion factor of 1 is being used between US Dollars and Euros. 

The small error caused by this simplification, is negligible compared to the large spread on 
the literature data. 

18  kW here refers to the nominal hydrogen output of a plant. This means that a hydrogen-
production unit with a nominal hydrogen output of 100 kW is able to produce 100 kWh H2 
per hour when operating at full load. 
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When an SMR facility is equipped with a ‘carbon capture and storage’ unit19, 
efficiencies tend to drop with 4 to 7 percentage points (%-pts), while investment 
costs rise by approximately 25% (IEA [17]). 

 

2.2.1.2 Partial oxidation 

In a partial oxidation process, methane is oxidized to produce CO and H2 by the 
following reaction: 

4 2 22 2 4CH O CO H+ ↔ +         36h∆ = −  MJ/mol CH4         (2.4) 

The reaction is exothermic and no direct heat exchanger is needed. Also catalysts are 
unnecessary due to the high temperatures. Also here as a next step, the shift 
reaction of Eq. (2.3), is relied upon. Thus, a partial oxidation hydrogen-production 
unit consists of a partial-oxidation reactor, a shift reactor and a hydrogen purification 
unit. Large systems generally incorporate an oxygen “production” plant (or air 
separation unit – ASU), because operation with pure oxygen rather than air reduces 
the size and cost of the reactors. Small-scale systems that use the oxygen in air have 
recently become commercially available, but they still require intensive research and 
development. 

The efficiency of an oxidation reactor amounts to 70% – 80%, but the entire system 
is less efficient than an SMR unit because of the higher temperatures (the thermal 
efficiency is of the order of 60% - 65%). These high temperatures cause more heat 
losses and make it more difficult to recover the heat as efficient as is the case with 
SMR units (Ogden [13], Padro [14], Ogden [18], DTI [19], HySoc [21], Lutz [22]). 

 

2.2.1.3 Autothermal reforming   

Autothermal reforming (ATR) is in fact a combination of the best features of SMR 
and partial oxidation systems. In an autothermal reforming process, both the steam 
reforming (Eq. (2.2)) and partial oxidation (Eq. (2.4)) reactions take place. The 
difference between ATR and SMR is the way heat is supplied to activate the 
endothermic reaction. In an SMR unit, the catalysts are located in tubes that are 
externally heated by burners, while in an ATR unit part of the feed is burnt before 
making contact with the catalyst. As an autothermal reformer requires no external 
heat source and no indirect heat exchangers, it is simpler, cheaper and more 
compact. Energy efficiencies amount to approximately 70%, 7 to 8 %-pts lower than 
the SMR efficiency (Ogden [13], Padro [14], Ogden [18], Liu [23]). 

                                                     
19  In fact, carbon is only captured and transported, as storage facilities are generally located 

ex situ. 
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2.2.1.4 Recent developments in reforming technologies 

Recent developments in reforming technologies mainly focus on the use of plasmas 
and membranes in order to increase the hydrogen yield or to avoid the use of 
catalysts and on the downscaling of existing reformer technologies without loss of 
efficiency. 

In general, thermal and non-thermal plasmas can be used in a reforming process to 
increase the hydrogen production and the methane conversion rate. Moreover, when 
using thermal plasmas, expensive catalysts based on noble metals become 
redundant (Jasinski [24], Kim [25], Rollier [26]). 

The major advantage of membrane reforming reactors (MRR) is the possibility to 
shift the chemical equilibrium toward the right-hand side of the reaction (using 
hydrogen selective palladium membranes), improving hydrogen production and 
allowing high methane conversion at relatively low temperatures such as 650°C. 
Also, an MRR can perform the steam reforming reaction and hydrogen separation 
processes simultaneously, without shift converters and purification systems (Yasuda 
[27], Barba [28]). 

Another new technology is pressure swing reforming (PSR), being a cyclic process 
that alternates low-pressure combustion cycles to heat the reforming catalyst bed 
with high-pressure reforming cycles that cool the bed. PSR avoids the use of shift 
reactors and allows easy purification of the high-pressure syngas (Kelecom [29]). 

Finally, recent laboratory and field tests have shown that traditional reforming 
technologies can be scaled down to kilowatt-sized units with limited loss of efficiency. 
This is of particular importance when small-scale reformers are being incorporated in 
domestic fuel cells (Liu [23], Hulteberg [30], Rabe [31], Seris [32], Kolb [33]). 

 

2.2.2 Gasification of coal 

Just like reforming of natural gas, gasification is a well-known process. However, 
only recently this technology is being developed in order to efficiently produce 
hydrogen and/or electricity in Integrated Gasification Combined Cycle plants (IGCC). 
Gasification-based systems are capable of utilising all carbon-based feedstocks, 
including coal, petroleum coke, biomass, municipal and hazardous wastes, etc., and 
is the only advanced power-generation technology capable of coproducing a wide 
variety of commodity and premium products. Currently, there are seventeen 
(totalling about 4,000 MW) IGCC plants operating in the world, of which five are 
using only coal (IEA [34]). In this thesis, only coal-fed IGCC units are considered. 
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2.2.2.1 Operating principle 

Dependent on the desired output (hydrogen, electricity, reformable liquid fuels), an 
IGCC plant can have numerous different configurations. A general overview of the 
operating principle and all different energy-conversion options, is shown in Figure 3. 

 

In an IGCC, carbon-based feedstocks are converted in the gasifier in the presence of 
oxygen (and steam) at high temperatures and moderate pressure to syngas. The 
chemistry of gasification is quite complex and involves many chemical reactions. The 
most important types of gasifiers are entrained-flow, fluidised-bed and circulating 
fluidised-bed reactors. Most IGCC units are equipped with an air separation unit 
(ASU) that produces the oxygen needed for the gasification process. Although this 
unit is expensive, the use of pure oxygen (99%) increases the gasification 
efficiency20. Once the syngas is sufficiently cleaned, various options exist for its 
utilization such as the production of electricity via a combined cycle or the production 
of hydrogen. For electricity production, the syngas is burnt in a gas turbine and the 
resulting exhaust gas passes through a heat-recovery boiler generating steam, which 
drives a steam turbine to generate extra electricity. For hydrogen production, the 
syngas is routed to the water-gas shift reactor where the CO in the gas is reacted 
with steam to produce additional H2 and CO2. 

 

In a next step, CO2 is being separated from hydrogen. The carbon-capture process 
applicable here is pre-combustion capture21. Indeed, CO2 and H2 are easily 
separable. The remaining (and purified) hydrogen stream can then be used in a gas 
turbine or highly-efficient solid oxide fuel cell (SOFC) to produce electricity and heat 
or can be distributed for use as a fuel for other – mobile or stationary – applications 
(Stiegel [37], Cormos [38], Shoko [39], IEA [40]). 

 

 

 

 

                                                     
20  Instead of steam/oxygen gasification, also hydrogasification can be used. A main feature of 

this process is that the hydrogasification reaction is exothermic, which makes the process 
more energetically energy efficient and does not require an ASU (Steinberg [35], Perdikaris 
[36]). 

21  Other processes such as post-combustion capture and oxyfuel combustion are applicable to 
other coal- and gas-powered technologies (e.g. pulverised coal plants, reformers). A 
detailed discussion of Carbon Capture and Sequestration (CCS) can be found in Section 3.3. 



20 Chapter 2 

 
Figure 3: Gasification-based energy conversion options (Stiegel [37]). It must be noted that this 

figure does not include all options. E.g., the gasification-generated heat can also be 
recuperated in the steam turbine. 

 

2.2.2.2 Efficiencies and capital costs for coal gasification 

From Figure 3, it can easily be seen that the configuration of an IGCC allows the 
simultaneous production of hydrogen and electricity. However, currently all 
commercial IGCC plants have been developed to solely produce electricity. These 
facilities22 have electrical power outputs between 200 and 300 MWe and have 
reported electrical efficiencies of 38 – 45%, electricity being the main and only 
product. When hydrogen or electricity is merely considered as a by-product, 
respective hydrogen or electrical efficiencies generally fluctuate between 1 and 10% 
for the respective by-products. When only hydrogen is produced or when there is 
actual co-production of hydrogen and electricity, a widespread range of hydrogen 
and electrical efficiencies is found in the literature. 

                                                     
22  The best-known IGCC units are those located in Buggenum (Netherlands, 1994) and 

Puertollano (Spain, 1996). 
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In general, the implementation of carbon capture will cause an efficiency drop of 6 – 
10 percentage points compared to current efficiencies (with pre-combustion capture 
the difference is rather 6%-pts than 10%-pts). On the other hand, the efficiency of 
future plants, built with the best available technology two to three decades from 
now, is expected to increase approximately 10 percentage points (IEA [17], Stiegel 
[37], Cormos [38], IEA [40], Gray [41], Chiesa [42], Cicconardi [43], IEA [44], 
Huang [45]). 

 

Currently, investment costs of IGCC units amount to approximately 2,000 Euro/kWe 
without carbon capture and sequestration. Installing CCS would imply investment 
costs up to 3,000 Euro/kWe or more. In future installations, these figures may drop 
by approximately 40 percentage points by the year 2030. When IGCC units are being 
used to produce hydrogen, the investments can roughly be divided by a factor two, 
resulting in some 700 – 1,100 Euro/kWth H2 (IEA [17], HySoc [21], Stiegel [37], IEA 
[40], Gray [41], Huang [45], Kreutz [46], EUSUSTEL [47]). 

 

A summary of efficiencies and investment costs found in the literature, is represented 
in Table 4. 

 

 

 

 

 

 

 

 

 

 

 

 

 



22 Chapter 2 

C
ap

it
al

 c
os

t 

[E
u

ro
/k

W
th

 H
2
] 

65
0 

– 
90

0 

35
0 

– 
45

0 

75
0 

– 
1,

00
0 

70
0 

– 
80

0 
 

70
0 - - 

65
0 

– 
1,

20
0 - - - - 

C
ap

it
al

 c
os

t 

[E
u

ro
/k

W
e]

 - - 

 +
 1

5,
00

0 

2,
20

0 
– 

2,
70

0 

1,
90

0 

1,
30

0 
– 

1,
35

0 

1,
90

0 
– 

2,
00

0 

+
 1

0,
00

0 - - 

1,
80

0 
– 

2,
40

0 

1,
37

0 

H
2
 e

ff
ic

ie
n

cy
 

[%
] 

60
 –

 7
5 

75
 –

 8
5 

45
 –

 5
8 

65
 –

 7
0 70
 - - 

50
 –

 6
0 

78
 –

 8
5 

53
 -

60
 - - 

El
ec

. E
ff

ic
ie

n
cy

 

[%
] 

1 
– 

10
 - 

2 
– 

3 

20
 –

 2
5 25
 

40
 –

 4
4 

30
 –

 3
5 

2 
– 

10
 

3 
– 

9 - 

40
 –

 4
8 46
 

C
C

S 

Ye
s 

Ye
s 

Ye
s 

Ye
s 

N
o 

N
o 

Ye
s 

Ye
s 

N
o 

Ye
s 

Ye
s 

Ye
s 

U
n

it
 t

yp
e 

H
yd

ro
ge

n 

H
yd

ro
ge

n 
(f

ut
ur

e)
 

H
yd

ro
ge

n 

Co
-p

ro
du

ct
io

n 

Co
-p

ro
du

ct
io

n 

El
ec

tr
ic

al
 

El
ec

tr
ic

al
 

Co
-p

ro
du

ct
io

n 

Co
-p

ro
du

ct
io

n 

H
yd

ro
ge

n 

El
ec

tr
ic

al
 (

fu
tu

re
) 

El
ec

tr
ic

al
 (

fu
tu

re
) 

So
u

rc
e 

St
ie

ge
l [

37
] 

N
R

C 
[1

6]
 

G
ra

y 
[4

1]
 

G
ra

y 
[4

1]
 

G
ra

y 
[4

1]
 

H
ua

ng
 [

45
] 

H
ua

ng
 [

45
] 

Ch
ie

sa
 [

42
] 

Ci
cc

on
ar

di
 [

43
] 

Co
rm

os
 [

38
] 

IE
A 

[3
4]

, 
[4

4]
 

EU
SU

ST
EL

 [
47

] 

Table 4: Overview of efficiencies and capital costs of IGCC units. The overall investment cost 
can be obtained by multiplying the capital cost/kWe by the nominal electric power output or by 
multiplying the capital cost/kWth by the nominal hydrogen output (not adding both of them). 
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2.2.3 Electrolysis of water 

Electrolysis is often seen as one of the most promising hydrogen-generating 
technologies. This view originated from the interest in renewable energy sources 
(RES). Namely, because of the variable and unpredictable character of RES, the 
possibility of producing excess electricity and the inconvenience of electricity storage 
in large quantities, the use of electrolytically produced hydrogen as a storage 
medium seems particularly interesting. However, since it is generally accepted that 
the existing electricity grid can readily absorb most of the fluctuating renewable 
energy produced, as long as the installed capacity is less than 20% of the maximum 
load, the penetration of renewable energy sources needs to be considerable before 
hydrogen can effectively be produced (Sherif [48]). Recent research in The 
Netherlands has shown that the production of hydrogen from wind could become 
energetically and economically viable with ca. 8 GW or more wind energy capacity 
installed, being about 30% of the entire Dutch power-generation capacity (Schenk 
[50]). The “correctness” of these numbers for long-term projections is uncertain as it 
is expected that the European electric grid and the electric production capacity will 
increase substantially over the next decades. 

Nevertheless, electrolysis opens the door to hydrogen production from any primary 
energy source that can be used for electricity generation, and is therefore expected 
to play a key role in a possible future hydrogen economy. 

 

2.2.3.1 Working principle 

In water electrolysis, electricity is passed through a conducting aqueous electrolyte, 
breaking down water into its constituent elements, hydrogen and oxygen, via the 
reaction: 

 2 2 22 2H O O H→ +  (2.5) 

Currently, two types of electrolysers exist: the alkaline electrolysers that use an 
aqueous solution of potassium hydroxide (KOH) and the less mature Polymer 
Electrolyte Membrane23 (PEM) technology. The overall process of electrolysis is 
schematically represented in Figure 4, whereas Figure 5 gives an overview of an 
electrolysis unit including all peripheral equipment needed. 

 

Alkaline electrolysers are a mature industrial technology. They can be either unipolar 
or bipolar, whereby both configurations use a membrane to separate oxygen and 

                                                     
23  This technology is also referred to as Proton Exchange Membrane elctrolysers or as Solid 

Polymer Electrolyte electrolysers. 
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hydrogen as the gases are produced. These systems are well suited to produce 
hydrogen at operating pressures up to 25 bars. 
 

 
Figure 4: Overall working principle of electrolytic hydrogen production (Ogden [13]). 

In PEM electrolysis, the electrolyte is a solid ion-conducting membrane and no liquid 
electrolyte is required. The membrane allows an H+ ion to transfer from the anode 
side of the membrane to the cathode side, where it receives an electron and forms 
hydrogen. Major advantages of PEM electrolysers include the absence of the 
corrosive KOH electrolyte, a compact design, high current densities and high 
operating pressures (up to several hundred bar), which has a positive effect on the 
energy efficiency. It is expected that the PEM electrolyser performance (in terms of 
cost, capacity, efficiency and lifetime) can be improved by new materials and new 
cell stack design. 
 

 
Figure 5: Electrolysis plant with peripheral equipment (Ivy [51]). 
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Recently, experimental designs for electrolysers have been developed  using solid-
oxide electrolytes and operating temperatures at 700 – 1,000 °C, or using steam to 
enhance the process. High-temperature electrolysis systems promise to offer higher 
efficiency for converting electricity to hydrogen, because some of the work to split 
water is done by heat, but material requirements are more severe (Ogden [13], 
Padro [14], IEA [17], Ivy [51], Shin [52], Brisse [53], Fujiwara [54], Mingyi [55]). 

 

2.2.3.2 Efficiencies and capital costs 

Water electrolysis can be used to produce hydrogen over a wide range of scales from 
a few kW to hundreds of MW. The energy efficiency of electrolysers is defined as the 
HHV of hydrogen (per kilogram) divided by the electric energy consumed by the 
entire electrolysis system per kilogram of hydrogen produced. In contrast to the wide 
range of efficiencies that are attributed to reformers and IGCC plants, literature data 
on electrolyser’s efficiencies are quite consistent. Energy efficiencies range from 56% 
to 75%, and, according to Ogden [13], NRC [16], IEA [17], HySoc [21] and Ivy [51], 
future system efficiency – excluding a possible compressor – of up to 80% is to be 
expected. 

An overview of the (projected) capital cost of electrolyser systems is listed in Table 5. 
However, it has to be noted that the operational production cost of electrolytic 
hydrogen is strongly (with a share up to 85%) and linearly dependent on the cost of 
electricity. Electrolytic systems are generally competitive with SMR’s only where low-
cost electric power is available. 

 

Source Description Capital cost

[euro/kW H2] 

NRC [16] Future system – 800 kW 1,000 

NRC [16] Future system – several MW 200 – 250 

Ogden [13] Current systems – kW to MW 800 

Ogden [13] Future system – kW to MW 300 

HySoc [21] Future system – kW to MW 400 

Weinert [56] Current systems – up to 1 MW 1,000 – 5,000 

Schiffer [57] Future systems – kW to MW 600 

Greiner [58] Current system – 1-2 MW 1,300 

Qadrdan [59] Current system – 100 kW 1,450 

Table 5: Overview of (projected) capital costs of electrolyser systems. 



26 Chapter 2 

2.2.4 Other hydrogen-production technologies 

Currently, dozens of new hydrogen-production technologies are being studied and 
demonstrated. This section gives a brief summary of the most promising ones24. 
However, each of these technologies/processes are still very far from market 
introduction. Based on other studies that considered some aspects of a hydrogen 
transition (NRC [16], IEA [17], IEA [34], CASCADE MINTS [202], WETO [204]), it 
seems impossible to give reliable quantitative numbers for efficiencies and capital 
costs of the technologies to follow below. 

 

2.2.4.1 Hydrogen from biomass 

The two most important techniques to produce hydrogen from biomass (or waste) 
are pyrolysis and gasification. 
 

Pyrolysis is the heating of biomass at a temperature of 400 – 550 °C at 1 – 5 bars in 
the presence of a limited amount of air to convert it into liquid oils, solid charcoal 
and gaseous compounds (Ni [60]). Pyrolysis can be classified into slow and fast 
pyrolysis, whereby only the latter is considered for hydrogen production according to 
the following reaction scheme: 

 2 4  Biomass heat H CO CH higher hydrocarbons tar+ → + + + +     (2.6) 

Next, methane and carbon monoxide can be further converted into hydrogen by 
means of steam reforming and the water-gas shift reaction. Hydrogen yields can vary 
substantially with biomass type, facility size and process conditions but, according to 
Saxena [61], biomass-to-hydrogen energy conversion efficiencies can amount to 
60%. 
 

Gasification is the conversion of biomass into a combustible gas mixture by the 
partial oxidation of biomass atatmospheric pressure and high temperatures, typically 
in the range of 850 – 950 °C. Hydrogen can be produced from the gasification 
gaseous products through the same procedure of steam reforming and water-gas 
shift reaction. As the products of gasification are mainly gases, this process is more 
favourable for hydrogen production than pyrolysis. The most important problems of 
biomass gasification are the formation of tar and ash, which can be overcome by a 
proper reactor design, appropriate process conditions and the use of additives or 
catalysts (Ni [60], McKendry [62]). 

                                                     
24  Most of the technology overview in this section has also been published by the author: as 

D. Haeseldonckx and W. D’haeseleer, ‘Hydrogen from renewables’, CESSA E-book, 2009 
(Haeseldonckx [205]). 
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One of the main problems of hydrogen production from biomass is the availability of 
biomass. Namely, agricultural and silvicultural systems are often needed to meet the 
world’s demand for food, fibre and forestry products. A large fraction of crop, animal 
and forestry wastes may need to be left in place for soil fertility maintenance and 
municipal wastes are likely to be only a minor energy source, given the growing 
interest in recycling (Moriarty [63]). Also the high fraction of ‘pollutants’ remains a 
problem. 

 

2.2.4.2 Biological hydrogen 

Hydrogen can be produced in a biological way by means of direct biophotolysis, 
indirect biophotolysis, biological water-gas shift reaction, photo-fermentation and 
dark fermentation (Ni [60]). 

 

Direct biophotolysis uses the same processes found in plants and algal 
photosynthesis, but adapts them for the generation of hydrogen instead of carbon 
containing biomass. In this process, solar energy is directly converted to hydrogen, 
whereby two photons are used for each electron removed from water and then CO2 
reduction or hydrogen formation takes place in the presence of hydrogenase. As the 
hydrogenase enzyme is sensitive to oxygen, this remains a key problem keeping the 
efficiency of direct biophotolysis rather low to a 10% overall solar conversion 
efficiency (Ni [60], Hallenbeck [64], Das [65], Vijayaraghavan [66]). 

In indirect biophotolysis, problems of sensitivity of the hydrogenase enzyme are 
potentially circumvented by separating temporally and/or spatially oxygen evolution 
and hydrogen evolution (Hallenbeck [64]). Cyanobacteria have the unique 
characteristics of using CO2 in the air as a carbon source and solar energy as an 
energy source. The cells take up CO2 first to produce cellular substances, which are 
subsequently used for hydrogen production (Levin [67]). 

Certain photoheterotrophic bacteria, such as Rubrivivax Gelatinosus, are capable of 
performing a biological water-gas shift reaction at ambient temperature and 
atmospheric pressure. These bacteria can survive in the dark by using CO as the sole 
carbon source to generate adenosine triphosphate (ATP) coupling the oxidation of 
CO to the reduction of H+ to H2 (Ni [60]). 

In photofermentation, photosynthetic bacteria evolve molecular hydrogen catalysed 
by nitrogenise using solar energy and organic acids or biomass. Despite reports of 
impressive hydrogen production yields, the rates and efficiencies of hydrogen 
production by photofermentation fall far short of even plausible economic feasibility 
(Ni [60], Hallenbeck [64], Manish [68]). 
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Finally, hydrogen can also be produced by anaerobic bacteria, grown in the dark on 
carbohydrate-rich substrates. Unlike direct and indirect biophotolysis processes, 
which produce only hydrogen, dark-fermentation processes produce a mixed biogas 
containing primarily hydrogen and carbon dioxide, but which may also contain lesser 
amounts of methane, carbon monoxide and hydrogen sulfide. Hydrogen production 
by these bacteria is highly dependent on the process conditions such as pH, 
hydraulic retention time and gas partial pressure. Due to the fact that solar radiation 
is not a requirement, hydrogen production by dark fermentation does not demand 
much land and is not affected by the weather condition, improving the feasibility of 
the technology (Ni [60], Hallenbeck [64], Levin [67], Manish [68]). 
 

2.2.4.3 Nuclear hydrogen 

Besides the combination of conventional and high-temperature nuclear reactors with 
low- or high-temperature electrolysers, nuclear-to-hydrogen options also include 
direct radiolysis of water by radiation from a nuclear source and the combination of 
high-temperature nuclear reactors with a variety of thermochemical and hybrid 
water-splitting cycles. 
 

In direct radiolysis, water, when exposed to ionizing radiation, undergoes dissociation 
into hydrogen atoms and oxygen-containing radicals and compounds, which are 
further converted to hydrogen and oxygen via a sequence of intermediate reactions. 
The recent interest in this approach originated from the current availability of large 
quantities of radiation energy contained in a spent fuel discharged from nuclear 
reactors. Although the direct radiolytic splitting of water offers certain advantages 
over indirect options that require several intermediate energy conversion steps with 
inevitable losses, it is considered a long-term option and it may have some limited 
application (Muradov [69]). 
 

The combination of thermochemical and hybrid water-splitting cycles with high-
temperature reactors25 can produce hydrogen with efficiencies of 40 – 60% (thermal-
to-hydrogen energy efficiency), depending on the cycle and the nuclear reactor 
temperature. From the more than 100 different cycles that have been studied, the 
most important ones are the sulphur-iodine (SI), bromine-calcium (Br-Ca) and hybrid 
chlorine-copper (Cl-Cu) cycles. While these cycles are technically feasible from a 
chemical point of view, low cost and high efficiency processes that are commercially 
viable have yet to be developed. The SI-cycle is represented below in Figure 6 (IEA 
[17], Muradov [69]). 

                                                     
25  These are typically Generation IV reactors such as the Very-High-Temperature Reactor 

(VHTR, 950 – 1,000 °C) or the High-Temperature Graphite Reactor (HTGR, 950 °C). 
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 Figure 6: Operating principle of the SI thermochemical hydrogen production process (IEA 

[17]). 

 

2.2.4.4 Solar hydrogen 

Besides photovoltaic cells, solar radiation can also be used in concentrating solar 
thermal systems or for the photo-electrochemical decomposition of water. 
Concentrating solar systems26 use lenses or mirrors and tracking systems to focus a 
large area of sunlight into a small beam, causing very high temperatures. At these 
temperatures, above about 1,500 °C, water vapour begins to dissociate into a 
mixture of H2, O2, H2O, O, H and OH. The extent of dissociation increases with 
increasing temperature and decreasing pressure. The thermal dissociation of water is 
very similar to the electrolysis process. However, thermal power from concentrated 
solar radiation can be used without any mechanical or electrical input and without 
the aid of any catalyst to achieve water dissociation. The main disadvantage of this 
technology is the severe material requirements. The material used in the reactor 
must be capable of withstanding the thermal cycling and shock brought about by the 
intermittent nature of solar diurnal and weather cycles (H-ION [70], Taggart [71]). 

Solar energy can also drive the photo-electrochemical decomposition of water. The 
development of this technology requires new photo-sensitive materials to be used as 
photo-electrodes for electrochemical devices converting solar energy into chemical 
energy (Nowotny [72]). 

                                                     
26  Although a wide range of concentrating technologies exists, the most developed are the 

solar through, parabolic dish and solar power tower. 
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2.2.5 Choice of technologies 

Although a wide variety of possible hydrogen-production technologies exist, only 
three of them are considered throughout the rest of this thesis for simulation 
purposes: large-scale steam-methane reforming, gasification of coal and electrolysis. 
This choice is dictated by several reasons. 

Firstly, as the transition studied in this thesis is assumed to take place around 2030, 
only well-developed, commercialised technologies are taken into account. Steam-
methane reforming and gasification of coal are established technologies, while 
electrolysis nowadays displays prospects for significant improvements (CASCADE 
MINTS [202]). 

Secondly, from an economic point of view, the most viable options are selected. 
According to the literature (NRC [16], IEA [17], IEA [34], CASCADE MINTS [202], 
WETO [204]), the expected cheapest hydrogen-production technologies are steam-
methane reforming, gasification of coal, gasification of biomass, electrolysis and 
high-temperature nuclear water splitting (thermochemical cycles), with costs ranging 
from 7-20 €/GJ (0.025-0.072 €/kWh). 

Thirdly, hydrogen-production technologies which still need a technological 
breakthrough are not considered. As the first foundations for a hydrogen economy 
might well be laid within a few years, it is unreasonable to expect these necessary 
breakthroughs by then. For example, the existing and current commercially available 
nuclear reactors cannot deliver the high temperature needed for the thermochemical 
water-splitting process [IEA [17]]. The high-temperature nuclear fuel cycle 
optimisation in itself is a major challenge, such that reliable routine commercial 
operation of these reactors is not expected before 2040-2050. This does not mean 
that no pilot plants might be available by then, but hydrogen production from nuclear 
reactors is not expected before that date (D’haeseleer [206]). 

Fourthly, it was chosen not to guess and to keep the uncertainty on the data within 
certain – although still large – limits. According to the references below, the 
uncertainties on technologies such as biomass gasification, thermochemical water-
splitting and biological hydrogen production are seemingly too large. These 
processes are at an early development stage and often lack the availability of 
technical and economic data (IEA [17], CASCADE MINTS [202], WETO [204]). 

Finally, only large-scale facilities (> 10 MW) are considered since they offer 
considerably lower costs and allow the successful integration of CCS (NRC [16], IEA 
[34], WETO [204]). 
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2.3 Hydrogen storage 
If hydrogen will be widely used as a future energy carrier, storage will be needed to 
meet time-varying demands for fuel, as is the case for natural gas and gasoline 
today. This includes large-scale bulk storage, intermediate-scale ‘buffer’ storage, and 
small-scale storage near the point of use. 

Hydrogen is a gas at ambient temperatures and pressures, but it can be stored as a 
gas, a liquid or a solid. In the case of solid storage, the hydrogen exists as a 
chemical compound, and not as a pure substance. None of the existing methods for 
storing hydrogen are efficient in terms of energy density, neither on a volume nor a 
mass basis; also, the release rate is rather small. Although current R&D efforts are 
mainly focusing on hydrogen storage for mobile applications, being one of the most 
critical elements in the development and breakthrough of fuel cell vehicles (FCV), this 
study will point out the absolute importance of large-scale hydrogen storage in a 
fully-fledged or even transient hydrogen economy. 

2.3.1 Gaseous storage of hydrogen  

Gaseous hydrogen can be stored in conventional steel vessels, in high-pressure, low-
weight carbon-fibre composite tanks, in underground cavities and in pipelines. This 
section will discuss all of them, but first some details are given about the 
compression of hydrogen. 

 

2.3.1.1 Hydrogen compression 

The largest operating cost associated with above-ground storage of hydrogen is the 
energy required to compress the gas. The exact energy requirements, of course, 

depend on the final pressure, but because compression work scales like (pressure)α, 

with α<1 (see further Eq.(2.8)), a high final storage pressure requires less power 

compared to the initial compression of the gas. The compression work depends on 
the thermodynamic process. Ideal isothermal compression follows the simple 
logarithmic equation: 

 1
0 0

0
ln( )pW p V p=  (2.7) 

With W Specific compression work [J/kg] 
p0 Initial pressure [Pa] 
p1 Final pressure [Pa] 
V0 Initial specific volume [m³/kg] 
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For ideal gases, and real gases far above their boiling temperature27, the actual 
thermodynamic process is best described by the adiabatic compression equation: 

 ( )

( )1

1
0 0

0
11

pW p V p

κ
κκ

κ

−⎡ ⎤⎡ ⎤ ⎛ ⎞⎢ ⎥= −⎜ ⎟⎢ ⎥− ⎝ ⎠⎢ ⎥⎣ ⎦ ⎣ ⎦
 (2.8) 

With κ Ratio of specific heats cp/cv [-] 

 

Multistage compressors with intercoolers operate between the isothermal and 
adiabatic limits. The energy required for a five-stage compression of 1,000 kg of 
hydrogen per hour from ambient pressure to 200 bars is about 7.2% of its HHV. 
Adiabatic, isothermal, and multistage compression of hydrogen are compared in 
Figure 7. Of course, part of this energy used can be recovered when the compressed 
hydrogen is expanded again (Ogden [13], Amos [73], Bossel [74]). 

 

 
Figure 7: Energy required for the compression of hydrogen compared to its higher heating 

value (Bossel [74]). 

2.3.1.2 Storage in vessels or tanks 

The most common method to store hydrogen in gaseous form is in steel tanks, 
although lightweight composite-material tanks designed to endure higher pressures 
are also becoming more and more common. Today, the most widely used technology 
for commercial distribution of hydrogen consists of steel or aluminium cylinders 
containing hydrogen at a pressure of 200 – 250 bar. Nevertheless, these cylinders 

                                                     
27  Or at pressures that are low compared to the critical pressure and temperatues that are 

high compared to the critical temperature. 
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are heavy and the energy density is relatively low. Composite-material tanks are 
capable of storing hydrogen under a pressure of 350 – 700 bar, while prototypes 
already achieve pressures of up to 1,000 bars. However, the physical volume 
remains large and the ideal cylindrical shape makes it difficult to conform storage to 
available space. In addition, composite-material tanks require an impermeable 
topcoat because the composites (carbon- or glass fibres) are porous to hydrogen 
molecules. 

When large quantities of gaseous hydrogen are being stored, pressures are generally 
lower; the largest compressed hydrogen tanks in the world (about 150,000 m³) use 
pressures of only 12 – 16 bar. Another concern with large storage vessels is the 
cushion gas that remains in the “empty” vessel at the end of the discharge cycle. 
This cushion gas is necessary to maintain pressure and can amount to more than 
half the amount of hydrogen that is being stored (Larsen [15], Ogden [13], Amos 
[73], IEA [75]). 

Current costs of high-pressure composite tanks are still very high, with a range of 
between 2,400 – 3,300 €/kg H2, but mass production could perhaps lower the tank 
cost to 500 – 600 €/kg H2 (IEA [17]). 

 

2.3.1.3 Underground hydrogen storage 

A special case of gaseous hydrogen storage is the use of large underground cavities 
similar to those now used to store natural gas28. For underground storage of 
hydrogen, a large cavern or area of porous rock with an impermeable caprock above 
is needed to contain the gas (e.g. aquifers). Other options include abandoned natural 
gas wells or solution mined salt caverns, although it still needs to be proven whether 
they are suitable to prevent substantial leakage of H2. As mentioned with 
compressed gas containers, one consideration is the cushion gas that occupies the 
underground storage volume at the end of the discharge cycle (Ogden [13], Amos 
[73]). 

 

2.3.1.4 Hydrogen storage in pipelines 

One specific case of compressed hydrogen storage in vessels or tanks is storage in 
pipelines. Although this ‘technology’ is almost never considered in the literature, it is 
one of the key elements to accurately balance supply and demand in the current 
natural-gas infrastructure. This (short-term) storage in pipelines is called ‘linepack’, 
which allows an almost continuous supply of natural gas into the network, despite a 

                                                     
28  E.g., in Belgium these are the storage facilities of Loenhout and Dudzele. 
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strongly fluctuating demand pattern29. The basic principle behind linepack is 
increasing or decreasing the pressure within the pipeline’s design tolerances, in order 
to increase or decrease the stored amount of gas. Since linepack is a crucial element 
to be considered in the transition towards a possible H2 economy, it is an important 
concept in this thesis. A detailed overview of linepack will therefore be given in 
Section 3.5.2.1. 

2.3.2 Liquid storage of hydrogen 

Hydrogen can be stored in liquid form at cryogenic temperatures (-253 °C). 
Liquefaction of hydrogen is done by cooling a gas to form a liquid. Liquefaction 
processes use a combination of compressors, heat exchangers, expansion engines 
and throttle valves to achieve the desired cooling. The simplest liquefaction process 
is the Linde cycle or Joule-Thompson expansion cycle. One of the main 
disadvantages of hydrogen liquefaction is the high energy intensity of the process. 
Large liquefaction plants are more efficient than small ones, but energy consumption 
remains high in any case. The variation of energy consumption with capacity for 
existing hydrogen liquefaction plants is represented in Figure 8. 

Liquid hydrogen is stored in cryogenic dewars, vessels designed to minimise heat 
loss. Hydrogen dewars range in capacity from a few kilograms for laboratory use to 
hundreds of tonnes. An advantage of liquid hydrogen over compressed gas is that 
the density of liquid hydrogen is much higher (70 kg/m³), so that delivery is less 
costly because more energy can be delivered in one time interval. 

 

 
Figure 8: Liquefaction energy relative to the higher heating value of hydrogen versus plant 

capacity (Bossel [74]). 

                                                     
29  Linepack is also referred to as ‘Netzpufferung’ (in German) or ‘Stockage en conduites’ (in 

French). 
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A major concern in liquid hydrogen storage is minimising hydrogen losses from liquid 
boil-off. Because liquid hydrogen is stored as a cryogenic liquid at – or just below – 
its boiling point, any heat transfer to the liquid causes some hydrogen to evaporate. 
The source of this heat loss can be ortho-to-para conversion30, mixing or pumping 
energy, radiant, convective or conductive heating (Ogden [13], IEA [17], Amos [73], 
IEA [75]). 

2.3.3 Other hydrogen storage technologies 

2.3.3.1 Metal hydrides 

Metal hydrides store hydrogen by chemically binding it to metal or metalloid 
elements and alloys. Hydrides are unique because some can adsorb hydrogen at 
below atmospheric pressure, and then release hydrogen at significantly higher 
pressures when heated. This heat must be supplied in order to break the bonds 
between the hydrogen and the metal. There is a wide operating range of 
temperatures and pressures for metal hydrides depending on the alloy chosen. Each 
alloy has different performance characteristics, such as cycle life and heat of 
reaction. 

The main disadvantage of hydrides is that they store only about 2% to 6% hydrogen 
by weight. On the other hand, volumetric storage densities are quite high. The vessel 
containing the hydride must be pressurised and has to contain sufficient heat 
exchange area to allow rapid transfer for charging and discharging the hydride. The 
metal hydride alloy must also be structurally and thermally stable to withstand 
numerous charge/discharge cycles (Sakintuna [76], Gambini [77], Principi [78]). 

 

2.3.3.2 Chemical hydrides 

Hydrogen containing chemicals which are useful for storage of hydrogen include 
methanol, ammonia and cycloalkanes. At normal conditions, all these are in the liquid 
phase, which would allow hydrogen to be transported over long distances as a stable 
liquid. Hydrogen then can be recovered using a catalysed reaction with membrane 
separation. One of the drawbacks of this storage technology is the toxicity of 
methanol and some cycloalkanes, such as benzene (Biniwale [79]). 

 

2.3.3.3 Adsorption 

Adsorption is a high-density storage alternative compared to compressed gas, with a 
storage volume of about one third of that of compressed gas at 200 bar. The mass of 

                                                     
30 For a detailed explanation about ortho- and para-hydrogen, see Amos [73]. 
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the storage medium, however, becomes an issue because only 1% - 10% of the 
storage system by weight is hydrogen. 

Carbon adsorption has a relatively good storage density, but currently available 
systems require refrigeration and an insulated storage container to reach these high 
densities. Carbon nanotube research may improve the outlook of using carbon 
adsorption by producing carbon with much higher surface areas per unit of mass, 
which allows adsorbing greater amounts of hydrogen at room temperature. 
Currently, carbon can adsorb up to 4% hydrogen by weight, with a goal of reaching 
8% at room temperature by further research (Zubizarreta [80], Chen [81]). 

 

2.3.3.4 Glass microspheres 

An alternative to gaseous hydrogen storage is offered by hollow glass microspheres. 
The basic concept can be described by three steps. Firstly, hollow glass spheres, 25 
– 500 microns in diameter, are filled with hydrogen at high pressure (350 – 1,000 
bars) and high temperature (300 °C) by permeation in a high-pressure vessel. Next, 
the microspheres are cooled down to room temperature to retain the gas. Finally, 
they are reheated to 200 -300 °C for controlled release of hydrogen. The main 
problem with glass microspheres is the inherently low volume density that can be 
achieved and the high pressure required for filling (IEA [17], IEA [75], Kohli [82]). 

 

2.3.3.5 Sponge iron 

The sponge iron system for storage of hydrogen uses a carrier that has an energy 
density comparable to that of conventional hydrides. The principle is as follows: 
sponge iron (i.e. pellets of very porous iron) can be reacted with steam or 
pressurised water to yield hydrogen and iron oxide (Fe2O3). The iron oxide, in turn, 
can be reacted with hydrogen to regenerate the iron sponge and steam (Mignard 
[83], Selan [84]). 
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2.4 Hydrogen transport and distribution 
When discussing the delivery of hydrogen, one generally distinguishes between 
hydrogen transport31 and hydrogen distribution, whereby transport denotes the 
delivery of hydrogen from a central hydrogen production plant to a single point and 
distribution refers to the delivery of hydrogen in a distributed network within a city or 
region32. 

In general, hydrogen can be delivered as a compressed gas, a cryogenic liquid or a 
solid (metal hydride). The cheapest method of delivery depends on the quantity 
delivered and the distance. 

2.4.1 Hydrogen delivery by truck, train or ship 

For hydrogen transport and distribution by truck, train or ship, the same types of 
vessels, cylinders and containers are being used as described in Section 2.2.5. 
Commercial tube trailers for gaseous hydrogen delivery are made up of 12-20 meter 
long steel cylinders mounted on trucks or trains. As maximal pressure is limited by 
legislation to 200 bar, the amount of hydrogen carried by a single tube trailer is 
relatively small (approximately 300 kg). Of course, this capacity would increase if 
higher tube trailer pressures would be implemented. 

When long distances have to be covered (by truck, train or ship), it is preferred to 
transport hydrogen in its liquid state. Although energy requirements and capital costs 
for liquefaction are much higher than for compression, cryogenic liquid trucks can 
transport approximately 10 times more hydrogen than compressed gas trucks. 
Moreover, trailers for liquid hydrogen delivery are available in much larger sizes up to 
50,000 litre/trailer. This is particularly interesting for hydrogen transport by ship 
(Amos [73], Yang [85]). 

2.4.2 Hydrogen delivery by pipeline 

It is standard commercial practice in the chemical industries today to transport large 
quantities of gaseous hydrogen over long distances at high pressures in pipelines 
specifically designed for hydrogen. When volumes are high, pipelines can obviously 
also be used for delivering hydrogen. Current hydrogen-pipeline diameters vary 
between 10 and 40 cm and operate at pressures between 30 and 100 bar. They are 

                                                     
31  Note that transport refers to the delivery of hydrogen, whereas transportation is a collective 

term for any mobile activity (cars, trucks, buses). 
32  To further clarify this difference, it might be useful to make a comparison with other 

sectors. The difference between transport and distribution is also found in the electricity 
sector (transmission and distribution), the natural gas sector (high-pressure and low-
pressure pipelines) and economic activities (wholesale en retail). 
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manufactured out of steel, covered with a polyethylene-coating and are cathodically 
protected against external corrosion. Due to the high purity requirements of some 
customers, no additives such as artificial odours are used and 5-micron filters are 
installed in the delivery stations. The most extensive hydrogen pipeline networks 
today are located in Europe, Canada and the United States (HySoc [21], Amos [73], 
Yang [85], Vanderoost [86]). For example, Air Liquide operates an 879 km network 
in Belgium, France, and The Netherlands, which is shown in Figure 9. 
 

 
Figure 9: Air Liquide’s hydrogen pipeline network in Northern Europe (Air [87]). 

 

The total installed capital cost of pipelines includes not only materials for the 
pipeline, but also installation costs, rights of way and miscellaneous costs, all of 
which can vary greatly with location. All in all, material costs are only a relatively 
small fraction of the total. Furthermore, the cost of the right-of-way and installation 
is assumed to be significantly higher for hydrogen distribution than for hydrogen 
transport. The capital cost of the pipeline itself is dependent on the diameter, which 
affects the amount of material used. Finally, the installation cost is also strongly 
determined by the type of pipeline, e.g. cut-and-cover pipelines or trenchless 
pipelines, whereby trenchless pipelines are generally cheaper33 (Parker [88]). 

                                                     
33  With the cut-and-cover technique, the work is generally done in segments. When one 

segment is done, the construction operation moves to the next segment. Trenchless 
methods are tunneling or horizontal directional drilling, typically used to go under a busy 
roadway or stream. 
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An overview of the different total installed capital costs of hydrogen pipelines is given 
in Table 6. 

 

Source Type Diameter

[cm]

Overall cost

[Euro/m]

7.5 250 

22.5 560 

30.5 620 
HySoc [21] Cut-and-cover 

35.5 870 

7.5 190 

22.5 430 

30.5 560 
HySoc [21] Trenchless 

35.5 710 

Transport - 500 – 2,000 
Smit [89] 

Distribution - 120 – 180 

Wietschel [90] - - 210 

Transport 25 – 50 850 – 1500 Tzimas [91] 

Distribution < 25 100 – 500 

Stiller [92] Transport 120 1,650 

NRC [16] - - 450 – 600 

Table 6: Overview of total installed capital costs of hydrogen pipelines. It should be noted that 
the figures of Wietschel [90] and NRC [16] are merely indicative as no diameters or pressure 

levels are defined. 
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2.5 Hydrogen end use 
One of the main drivers to use hydrogen as an energy carrier is the fact that it can 
be converted to electricity and heat in a highly-efficient way in fuel cells, only leaving 
pure water as a waste product. Nevertheless, hydrogen can also be burnt in common 
appliances such as gas engines, gas turbines and boilers. 

2.5.1 Fuel cells 

2.5.1.1 Working principle 

Fuel cells are electrochemical devices that convert chemical energy directly into 
electricity. Since no thermodynamic cycle is followed, a fuel cell is not liable to the 
Carnot-efficiency limit34. The electrochemical reaction (being the isothermal oxidation 
of hydrogen) is exothermal, so also heat is generated when a fuel cell is operating. 
This heat has to be carried off in order to keep the stationary operating temperature 
of the fuel cell at the optimal level. When this removed heat can be applied in a 
useful way, a fuel cell behaves as a cogeneration unit. 

 

The working principle of a fuel cell is represented schematically in Figure 10. Fuel, 
often pure hydrogen, is supplied to the anode; oxygen, pure or as a substance of air, 
to the cathode. Ions migrate through the electrolyte between the electrodes and an 
electrical circuit containing a load connects the two electrodes. When a fuel cell 
contains a proton-conducting electrolyte, and when hydrogen and oxygen are 
supplied as fuel, respectively oxidant, the chemical reactions that occur are the 
following: 

          Anode: 2 2 2H H e+ −→ +  (2.9) 

          Cathode: 2 24 4 2O H e H O+ −+ + →  (2.10) 

          Overall cell: 2 2 22 2H O H O+ →  (2.11) 

The working principle discussed above is that of a fuel-cell stack. An entire fuel-cell 
system consists of this stack and its peripheral equipment, called the ‘balance-of-
plant’. This balance-of-plant can include, among others, a fuel processor or reformer 
to convert hydrogen-containing fuels into pure hydrogen, a power conditioner or 
invertor to create alternating current, compressors and humidifiers to condition the 
air, CO- or CO2-scrubbers to purify the hydrogen and a heat-exchange system to 

                                                     
34  It is however still subject to the 2nd law of thermodynamics, meaning that irreversibility’s 

can penalise the performance. 
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carry off the generated heat (DOE [93], Larminie [94], AMPERE [95], Voorspools 
[96]). 
 

 
Figure 10: General operating principle of a fuel cell (Voets [97]) 

 

Six different types of fuel cell systems can be distinguished according to the 
electrolyte that is used and the operating temperature of the fuel cell. These six 
types, shown in Figure 11, are: the Alkaline Fuel Cell (AFC), Polymer Electrolyte 
Membrane or Proton Exchange Membrane Fuel Cell (PEMFC), Direct Methanol Fuel 
Cell (DMFC), Phosphoric Acid Fuel Cell (PAFC), Molten Carbonate Fuel Cell (MCFC) 
and Solid Oxide Fuel Cell (SOFC) (Larminie [94]). 

When looking at current R&D efforts and market penetration, PEMFC’s and SOFC’s 
seem to be the most promising fuel cell types. Therefore, the most important 
characteristics of both systems will be discussed briefly. 
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Figure 11: General operating principle and operating temperatures of the different types of fuel 

cells (Voets [97]). 

2.5.1.2 Polymer Electrolyte Membrane Fuel Cells 

Polymer Electrolyte Membrane Fuel Cells (PEMFC’s) operate at a temperature of 
about 80 oC and use a solid, proton-conducting polymer as electrolyte, mostly Nafion 
of DuPont. This solid electrolyte allows a compact construction of the fuel cell and 
also operating regimes under pressure, which improves the performance 
considerably. The low temperature causes short start-up times and is just high 
enough to allow operation in CHP mode for hot water production. PEMFC systems 
are available in a range from 1 kWe to approximately 250 kWe. The smaller units 
achieve electric efficiencies (on a system’s level) between 25% and 30%, while these 
of the larger units can amount to 40%. The fuel utilisation ratio (in case of CHP) 
mostly fluctuates between 80% and 85%. 

PEMFC’s use platina as a catalyst, which causes the two main drawbacks of these 
fuel cells: they are expensive and the catalyst is very sensitive to CO-poisoning, 
which requires that the amount of CO in the fuel supplied should be limited to 10 to 
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20 ppm. Since PEM-developers are mainly focusing on the residential and tertiary 
market, natural gas is the most obvious fuel to use. This implies that the 
development of small-scale, affordable and high-performant reformers is inherently 
coupled to the development of PEMFC’s. 

Although numerous reports (Padro [14], NRC [16], IEA [17], HyWays [98]) believe 
that future capital costs of less than 100 €/kWe are feasible, current costs of PEMFC’s 
are well above 4,000 €/kW (Larminie [94], Haeseldonckx [99]). 

 

2.5.1.3 Solid Oxide Fuel Cells 

Solid Oxide Fuel Cells (SOFC’s) are high-temperature fuel cells that also use a solid 
electrolyte, which allows operation under pressure. The high operating temperature 
(up to 1000 oC) offers the possibility of internal reforming, allows the use of a large 
variety of fuels and creates a broad range of possible CHP-applications. The main 
disadvantages, however, are also due to this high-temperature level: the high 
thermal tension limits the lifetime; one is forced to use ceramic materials, which are 
very brittle; the materials used have different thermal expansion coefficients, which 
makes it difficult to preserve the constructional integrity and the high temperature 
leads to start-up times that can amount to more than 24 hours for the larger units. 
All these negative effects of the temperature level are causing SOFC developers to 
try lowering the operating temperature to approximately 650 oC. SOFC systems cover 
a broad range of power outputs from 1 kWe to several MWe. Here the difference in 
efficiency between the residential and industrial units can be very significant. Small 
cogeneration units for the residential or tertiary sector achieve electric efficiencies 
between 25% and 35%. The large industrial units have electric efficiencies near to 
60%. Fuel utilisation ratios mostly amount to 90%. Here again, drastic cost 
reductions will be needed for a commercial breakthrough as large-scale SOFC 
systems are currently available at 15,000 Euro/kWe, while smaller units are even 
more expensive (DOE [93], Larminie [94], Haeseldonckx [99]). 

 

2.5.2 Combustion of hydrogen 

2.5.2.1 Hydrogen engines 

In recent years, the conversion of hydrogen by combustion engines achieved a 
decent state-of-the-art concerning the product development in competitive markets. 
Conventional spark-ignition engines (SI) can be run on hydrogen, whereby only 
some simple modifications are needed. One of the most important features of SI 
hydrogen engine operation is that it is associated with less undesirable exhaust than 
in the case of operation on other fuels. In fact, NOx emissions are the only critical 
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emissions for hydrogen combustion engines. For homogeneous operation (well-
mixed fuel and air), the amount of NOx emissions created during combustion of 
hydrogen is exponentially dependent on the composition of the fuel-air mixture. Lean 
mixtures with a relative air/fuel ratio (λ) in excess of λ=2 can be burnt without 
generating NOx emissions. Moreover, hydrogen engines are very suitable for 
cogeneration applications since the energy transfer due to condensing water vapour 
can add up significantly to the thermal load output and the corresponding energy 
efficiency. Finally, moderately high-compression ratio operation is possible with lean 
mixtures of hydrogen in air, which results in higher efficiencies up to 37% (HySoc 
[21], Saravanan [100], Wallner [101], Karim [102], Ho [103], Wallner [104]). 

Inspired by this efficient high-compression ratio operation, a new, emerging 
technology for internal combustion engines is homogeneous charge compression 
ignition (HCCI). HCCI combines the characteristics of SI engines and compression-
ignition engines. Here again, NOx emissions are negligible when lean burning is 
applied. Recently, efficiencies up to 45% have been demonstrated with HCCI 
engines. The main problem with HCCI is to control the combustion process, 
balancing the inlet conditions to get combustion at the correct point in the cycle 
(Larsen [15], Antunes [105]). 

 

2.5.2.2 Hydrogen turbines and boilers 

Gas-turbine technology is well known and commercialised for a variety of fuels, 
including natural gas and fuel oils. Operation of gas turbines on hydrogen fuels, 
however, is still relatively new, but some gas turbines have more than 72,000 
operating hours with a refinery gas of 70% hydrogen. Especially in IGCC plants, gas 
turbines running on syngas or pure hydrogen – when CO is shifted to CO2 in the 
gasifier and separated for sequestration – prove to be highly efficient. One of the 
technical hurdles for hydrogen-fueled gas turbines is the high operating temperature. 
Temperature-resistant materials and better cooling techniques will be required, 
especially when operated on pure oxygen. On the other hand, turbines using 
hydrogen will likely be more efficient than those using natural gas because of the 
potential for higher inlet gas temperatures (Padro [14], Cheng [106], Schefer [107]). 

 

Hydrogen as a fuel has also been successfully tested in conventional natural-gas 
boilers, whereby efficiencies remain more or less unchanged. Nevertheless, as is also 
the case with hydrogen engines and hydrogen turbines, burning hydrogen may raise 
some issues including (Vanderoost [86], Hoelzner [108], Shudo [109], Parente [110], 
Ilbas [111]): 
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• High flame speed can cause the flame to move upstream and stabilise on the 
fuel injector, resulting in damage to the burner head. However, the flame 
speed can be lowered by increasing the excess of air; 

• The increased risk of flashback. Just like the high flame speed, this can be 
avoided by increasing the excess of air; 

• When the flame approaches the cone too near, despite the fact that there are 
no stability problems, overheating can take place, which causes the burner 
head to be damaged after a few days; 

• The excess of air that is used – in order to prevent flashback, high flame 
speed and NOx emissions – may result in larger installations and can cause 
some efficiency losses (but these normally do not exceed a couple of %-
points); 

• Hydrogen can cause embrittlement of metal components in the fuel system. 

 

All in all, when using existing natural-gas boilers, most of these problems can be 
solved relatively easily. Of course, it is no problem to develop hydrogen engines or 
turbines with specially adapted burners. 





 

3. THE TRANSITION TOWARDS A HYDROGEN 
ECONOMY 

3.1 Introduction 
Before discussing the issue of the transition towards a hydrogen economy, it is useful 
to first list the key drivers of a hydrogen economy again. According to McDowall 
[112], four overarching problems or policy objectives consistently stand out in the 
literature as providing the underlying drivers of a transition to a hydrogen future. 
These are: 

• Climate change 

• Energy security35 

• Local air quality 

• Competitiveness36 

Of course, the introduction of a new energy carrier is difficult and often requires 
technological breakthroughs in order to be successful. As far as hydrogen is 
concerned, the availability of low-cost fuel cells, low-weight on-board hydrogen 
storage and efficient CCS is considered to be necessary. In addition, the presence of 
a hydrogen infrastructure is a conditio sine qua non. 

Nonetheless, keeping in mind the above mentioned key drivers, none of the 
roadmaps, visions and future scenarios available in the literature, succeeds to fulfil all 
of these conditions. This might suggest the need for a completely different approach 
regarding the transition towards a hydrogen economy. Recently, some other 
hydrogen-transition studies successfully have incorporated most of these conditions 
(Argonne [201], CASCADE MINTS [202]). Although the overall viewpoint is 
substantially different from this thesis, the reader is strongly recommended to go 
through these complementary studies. 

                                                     
35  This encompasses a range of concerns over the finite nature of oil and gas reserves, their 

geopolitical sensitivity and location, energy prices, and vulnerability of centralised energy 
systems to attack. In several studies, the decentralised production of hydrogen from 
renewables is seen as a possible solution to this issue. 

36  This driver is mostly cited by governmental studies or roadmaps and generally refers to the 
development of highly-performant, low-cost fuel cells and mobile hydrogen-storage 
technologies. 
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3.2 Hydrogen and fuel cells 
In the current literature, there is a broad consensus that hydrogen and fuel cells 
cannot be seen apart from each other (e.g. Edwards [113], Zegers [114], Seymour 
[115], EC [116], Tanaka [117]). However, in order to play an important role in (the 
transition towards) a hydrogen economy, fuel cells need drastic improvements with 
regard to cost, durability and performance. 

Although several studies (e.g. IEA [17], Smit [89], van Ruijven [118], Barreto [119]) 
claim that fuel cell prices will drop substantially due to technological learning, recent 
research warns that these expectations cannot always be justified, since learning can 
by definition only be determined for technologies that have survived the test of time 
(Schoots  [120]). If fuel cells would be mass produced, international roadmaps 
predict cost reductions down to 2,000 €/kWe for stationary micro-CHP applications 
and less than 100 €/kWe for fuel cell stacks for transportational use37 (HFTP [121], 
NEDO [122]). However, regarding the stationary applications, it seems quite 
optimistic to assume mass production when costs of high-efficient condensing boilers 
are lower by more than one order of magnitude38. This viewpoint is confirmed by 
other studies or roadmaps which expect the costs of stationary fuel cells to be 
around 300 – 1,000 Euro/kWe in order to become a competitive technology (IEA 
[17], Zegers [114], Ramiréz-Salgado [123], NHER [124]). 

On the other hand, it might well be possible that the massive introduction of 
transportational fuel cell stacks serves as a stepping stone for the breakthrough of 
other fuel cell applications. This, of course, requires the availability of hydrogen as a 
fuel. As a result, the lack of a hydrogen delivery infrastructure will make it extremely 
difficult for fuel cell vehicles to enter the market. Accordingly, who will invest in a 
hydrogen production and delivery infrastructure, when there is no hydrogen 
demand? This situation is generally recognised as the chicken-and-egg problem and 
no sound solution to this has been suggested so far. 

One possibility to partly circumvent this problem could be the use of natural gas-, 
methanol- , or gasoline reformers together with fuel cells. Although this approach 

                                                     
37  This large difference in production cost can be explained by the fact that the required 

annual operating time is much higher for micro-CHP systems and that fuel cell cars basically 
need a fuel cell stack, while stationary cogeneration units need an entire fuel cell system 
including the entire balance-of-plant. 

38  Actually, these two situations cannot be compared as a condensing boiler only produces 
heat while fuel cells in CHP mode produce heat and electricity. Furthermore, in case of a 
CHP facility, the cost for other devices such as thermal-storage tanks should be taken into 
account. Nevertheless, from a consumers (and layman’s) point of view, the price difference 
will remain a stumbling block, seriously hampering large-scale market introduction.    
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does not tackle the problems of climate change and local air quality39, it might be 
useful as a first step towards a hydrogen economy. The main disadvantage will be 
the additional cost due to the reformer, which will hamper large-scale market 
introduction. In addition, it remains to be seen whether it is sensible to place all hope 
in the automotive industry, as other future technologies (e.g. electric cars, plug-in 
hybrid electric vehicles, biofuels, …) may prove to be far more interesting (Mazza 
[125], Van Roey [126], Sperling [127]). 

Finally, it must be stressed that it is uncertain whether the future cost reductions of 
fuel cells can actually be achieved. Namely, fuel cells have been depicted as a 
promising technology, ready for commercial breakthrough, for more than a decade 
now40. However, commercialisation is still far away and prices have not substantially 
dropped since then. Current prices are still well above 10,000 Euro/kWe (HFTP [121], 
NEDO [122]). In lectures and seminars, this phenomenon is often described as the 
‘fuel-cell constant’: fuel cells are always said to be commercialised within five years, 
and this time horizon always remains the same (VITO [128]). 

                                                     
39  This is because small-scale reformers are not capable of capturing and storing CO2. 
40  And whereby the fuel-cell concept is well over 100 years old (Wand [203]). 
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3.3 Carbon capture and storage    

3.3.1 Technology description 

There are three main technology options for CO2 capture: post-combustion capture, 
pre-combustion capture, and oxyfuel combustion (see Figure 12). 

 

The post-combustion process is commercially applied to produce high-purity CO2 
from the exhaust of coal and gas-fired boilers, furnaces and turbines. The CO2 is 
captured typically through the use of solvents and subsequent solvent regeneration, 
sometimes in combination with membrane separation. The basic technology, using 
monoethanolamine (MEA), has been used on an industrial scale for decades, but the 
challenge is the massive upscaling for power plants and to recover the CO2 with a 
minimum energy penalty and at acceptable cost. At present, the largest operating 
unit has a capacity of 800 t CO2/day. To put this into perspective, large coal-fired 
units produce up to roughly 10,000 t CO2/day. 

 

 
Figure 12: Principle of post-combustion capture (1), pre-combustion capture (2) and oxyfuel 
combustion (3). White components are equal to the configuration without capture, light grey 

indicates modifications to the configuration without capture, dark grey indicates new 
components (Damen [129]). 
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Pre-combustion capture processes can also be used in coal- or natural-gas based 
plants. The fuel is reacted first with oxygen and/or steam and then further processed 
in a shift reactor to produce a mixture of hydrogen and CO2. The CO2 is captured 
from a high-pressure gas mixture that contains between 15% and 40% CO2. 

In a power plant with oxyfuel combustion, the fuel is combusted using (nearly) pure 
oxygen, which is produced by a cryogenic air separation unit (ASU), although new 
technologies such as ion transport membranes are being worked on. The flue gas, 
containing primarily CO2, is partially recycled to the boiler to control the combustion 
temperature. The main advantage of oxyfuel combustion is that it enables nearly 
100% CO2 capture. 

In general, CCS is an energy intensive and expensive process involving several steps: 
CO2 capture, pressurisation, transportation and final disposal into geological 
formations or in aquifers (IEA [40], Muradov [69], Damen [129]). The total costs of 
CCS are generally estimated at 40-55 €/t CO2 captured for coal-fired plants and 50-
90 €/t CO2 captured for gas-fired plants. In terms of cost per tonne CO2 avoided41, 
these are around 60-75 € in 2010 dropping to 50-65 € in 2030 for coal, and 60-110 
in 2010 dropping to 55-90 € in 2030 for gas-fired plants. Costs for transport and 
storage of CO2 mostly lie between 5-20 €/t CO2 (IEA [34], IEA [40], Damen [130], 
Ogden [131]). Nevertheless, recent case studies have shown costs between 100-200 
€/t CO2 avoided (Andersen [132]). 

 

3.3.2 Hydrogen and CCS 

Although some studies (Barreto [119], Kikuchi [133]) suggest that CCS is only 
relevant for the production of hydrogen, section 3.3.1 clearly shows that this is not 
the case. Both the generation of electricity and hydrogen can benefit from the 
availability of well-developed CCS technologies. Combustion and reforming of natural 
gas release the same amount of CO2 and syngas, obtained after the gasification of 
coal, can be used to generate hydrogen as well as electricity. 

Nevertheless, there is a strong agreement in the literature that the availability of CCS 
is a prerequisite for the development of a hydrogen economy, unless hydrogen is 
being produced from renewable sources (Muradov [69], Smit [89], Wietschel [90], 
Edwards [113], Zegers [114], van Benthem [134]). Obviously, the use of CCS gives 
fossil-fuel based hydrogen the opportunity to be a clean energy carrier, contributing 
to the reduction of worldwide CO2 emissions, but the same goes for electricity. 

                                                     
41  The difference between CO2 captured and CO2 avoided is the inclusion of CO2 transport and 

storage in the latter case. 
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However, although the availability of CCS for electricity generation certainly is an 
asset in the context of a hydrogen economy, it will be shown below in this thesis that 
CCS does not necessarily promote the use of hydrogen as an energy carrier.  This 
follows from the dynamic considerations of the electricity/hydrogen production 
system; an important reason is the demand profile for electricity and hydrogen being 
in phase42, not allowing interaction between the two systems and not specifically 
favoring the production of hydrogen. Furthermore, hydrogen can still rely on its 
added value regarding intermediate energy storage and clean end-use conversion 
processes. 

                                                     
42  Being in phase means that, in northwestern Europe, on an annual basis, periods of high 

(winter) and low (summer) demand coincide. 
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3.4 The hydrogen infrastructure 
The term “hydrogen infrastructure” refers to the physical links between sites where 
hydrogen is produced and where it is consumed. Infrastructure includes long-
distance pipelines, transport by road, rail and water, large hydrogen storage facilities 
and filling stations. 

One of the main stumbling blocks for the gradual transition towards a hydrogen 
economy is the lack of this infrastructure and the substantial cost of building one in 
the absence of a demand for hydrogen. This, again, comes down to the famous 
chicken-and-egg problem. There are numerous roadmaps setting targets for the 
future development of a hydrogen economy, such as the European one represented 
in Figure 13, but only few studies actually try to tackle the very first transition issues. 
In fact, this is quite remarkable as the development of a hydrogen economy will 
never occur without a solution to this particular problem. 

Regarding the concrete transition towards a hydrogen economy and the according 
development of an appropriate hydrogen infrastructure, there are as many different 
views as there are authors. Moreover, even when different qualitative future visions 
are presented to a panel of experts, there still is a significant disagreement 
(McDowall [135]). This section will capture the most important aspects that allow a 
correct assessment of the entire transition issue. 
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Figure 13: Skeleton proposal for the European hydrogen and fuel cell roadmap (EC [116]). 
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3.4.1 Centralised versus decentralised 

There is a tendency in the literature to argue that decentralised hydrogen production 
could overcome many of the infrastructural barriers facing a transition to hydrogen 
(Tzimas [91], McDowall [112], Barreto [119], Johnston [136], Marban [137]). Most 
studies see the decentralised route as the key to by-passing the infrastructural 
problem. This decentralised hydrogen production encompasses the on-site 
production of hydrogen by means of reforming or electrolysis, or the on-board 
production of hydrogen in fuel cell vehicles. The existing natural-gas and electricity 
infrastructures can then be used to power the hydrogen production units. Typically, 
this viewpoint assumes that fleet vehicles will be the most likely entry point of 
hydrogen into road transport. In a second phase, private fuel cell vehicles will enter 
the market and finally, when demand for hydrogen is high enough, the decentralised 
production sites will be connected by pipelines. From that point on, the hydrogen 
infrastructure will develop in a more centralised way. 

The main disadvantages of this decentralised approach are the fact that hydrogen 
looses its possible environmental benefits – small-scale reformer units do not allow 
CCS – and the fact that the hydrogen production processes are less efficient due to 
their size. In addition, it has been proven from other alternative fuels that fleets may 
be poor early markets (McNutt [138]). Furthermore, to a certain extent, the chicken-
and-egg problem remains unsolved as far as the introduction of private fuel cell 
vehicles is concerned. Namely, research has shown that drivers would be willing to 
switch to another fuel only if the new fuel is available at approximately 15-25% of 
the existing retail stations (van Benthem [134]). Also, the availability of fuel cells 
remains a prerequisite and on-board reforming will make this technology even less 
cost-competitive due to the additional reformer that is needed. 

 

When looking at the broader picture, there are some other unsolved shortcomings of 
the decentralised transition to a hydrogen economy. 

 

Transportational vs. overall hydrogen use: The use of fleets and small or 
medium-scaled hydrogen production units only applies to the transportation sector. 
When hydrogen is to become a fully-fledged energy carrier, this also implies the use 
of hydrogen in the residential and commercial sector. The lack of an infrastructure 
for stationary hydrogen use will probably hamper the massive introduction of fuel 
cells, hydrogen engines and turbines. In addition, even if such an infrastructure could 
be developed, it is important to correctly take into account the existing market 
structure. Namely, in a liberalised market, every customer should be able to freely 
choose its end-use fuel as well as its provider. By only taking into account the 
transportation sector, these issues are completely being overlooked. 
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Qualitative vs. quantitative: Most of the studies dealing with the (decentralised) 
transition to a hydrogen economy, discuss all issues in qualitative terms (e.g. Murray 
[139], Hugh [140], van den Bosch [141]). However, in order to correctly estimate 
the necessary hydrogen delivery and production infrastructure, it might be useful to 
quantify production and delivery needs. This will give a better insight in the spatial 
needs that are required to meet a certain demand. Given that medium-sized 
reformers (3 MW) and electrolysers (1.7 MW) have a size of 10 by 10 by 14 meter, 
and 4 by 13.5 meter43, respectively, this can cause severe infrastructural and spatial 
problems as soon as there is a substantial demand for hydrogen (Smit [142]). In 
addition, as supply must be able to meet the demand at any time, quantification of 
demand profiles will clearly show the need for storage, especially in a decentralised 
landscape (Kim [143]). Although the amount of hydrogen to be stored quickly 
increases with growing demand, certainly when stationary use is taken into 
account44, no real solutions are being offered. 

 
 

Long-term vs. short-term: As developments and progress normally happens 
gradually, (decentralised) transition scenarios are generally short-term views. 
However, it is of major importance to prevent that choices made for production, 
storage and distribution in the long term turn out to be far from optimal and that a 
transition leads to nothing or is a dead-end street. The storage issue mentioned 
above is one example of long-term thinking, but also overall transition cost and even 
product development can suffer from short-term solutions. Namely, a decentralised 
approach often results in higher costs as efficiencies are generally lower than in 
centralised production units and because on-site production facilities are often 
dimensioned to cover peak demand (especially when no storage is foreseen or 
possible). Several studies try to circumvent this problem by linking filling stations 
with small hydrogen distribution pipelines when demand becomes higher. However, 
a further increase of demand will require larger pipelines, which thus implies new 
investment costs. Furthermore, as mostly only a decentralised, transportation-
focused transition scenario is looked at, this implies that fuel cells for stationary use 
have to be equipped with internal reformers and then coupled to the natural-gas 
grid. This will cause fuel-cell system prices to be higher. The same goes for on-board 
reforming. In addition, there is a risk of manufacturers locking in to mass-producing 
an inferior product that will or needs to be replaced as the shift to hydrogen occurs. 

                                                     
43  For electrolysers, no information was found on the third dimension, but the area covered 

(54 m²) already gives a good impression of the size of such installations. 
44  Fluctuations in demand in the residential and commercial sector are much higher than those 

in the transportational sector. Especially seasonal differences can be enormous. 
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In conclusion, it can be said that there are many different views on the transition 
towards a hydrogen economy, but none of them actually offers a fully-thought 
through solution. When hydrogen has the potential – under whatever given 
circumstances – to become a fully-fledged energy carrier, the transition phase is of 
utmost importance. To solve this issue, an overall, long-term, centralised, and 
quantitative approach seems the only sound possibility. This is the thesis defended in 
this work; the necessary argumentation is built up in what follows. 
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3.5 Mixtures of hydrogen and natural gas 
In recent years, several studies have reported on the possibility of mixing hydrogen 
into the natural-gas bulk (Larsen [15], Tzimas [91], van Ruijven [118], Barreto 
[119], McDowall [112], Suzuki [144], Schouten [145], Florisson [146], Kop [147], 
IEA [148], Tabkhi [149], Kop [151]). The European NaturalHy project, started in May 
2004 and scheduled to continue for a duration of five years, focuses on the use of 
existing natural gas networks for the transport of hydrogen and natural gas45 
(NaturalHy [150]).  

Simultaneously, research has shown that it is possible to use mixtures of hydrogen 
and natural gas in conventional end-use applications such as boilers, engines and 
turbines (Cheng [106], Schefer [107], Hoelzner [108], Parente [110], Ilbas [111], 
Kop [151], Yilmaz [152], Li [153], Dimopoulos [154], Akansu [155], Akansu [156], 
Wang [157], Juste [158]). 
 

Combining these two relatively new findings seems to offer a most elegant solution 
to the transition issues discussed above: “Can the existing natural-gas infrastructure 
be used to develop a fully-fledged hydrogen economy by mixing in hydrogen into the 
natural-gas bulk?”. This study tries to answer this question by means of a step-by-
step analysis of the entire transition phase. In addition, besides being a possible 
transition approach, mixing in of hydrogen into the natural-gas bulk is also a 
powerful tool with regard to the entire climate-change issue. Indeed, each kWh of 
hydrogen that is mixed into the natural-gas grid avoids burning one kWh of natural 
gas and the corresponding local release of CO2.  
 

Before the actual transition process can actually be modelled, firstly some practical 
questions should be addressed46: 

• Can the existing natural-gas pipeline infrastructure effectively be used? 

• Are there any energy-related or material restrictions? 

• To what extent is it possible to mix hydrogen with natural gas? 

• Does a liberalised gas market constitute a problem for mixing hydrogen and 
natural gas? 

                                                     
45  Final results of the NaturalHy project are not yet available, but – in contrast with this study 

– the focus lies on the use of fuel cells and hydrogen-natural gas separating membranes. 
46  The findings presented in this section have also been published (in summarised form) by 

the author: as D. Haeseldonckx and W. D’haeseleer, ‘The use of the natural-gas pipeline 
infrastructure for hydrogen transport in a changing market structure’, International Journal 
of Hydrogen Energy, Vol. 32, pp. 1381-1386, 2007 (Haeseldonckx [159]). 
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To be able to tackle concrete issues, and to fix the mind, the frame of reference for 
this study will be the northern part of Belgium, Flanders, being a densely-populated, 
industrialised region with a well-developed natural-gas grid, having approximately 6 
million inhabitants. Our methodology clearly applies to other regions as well. 

 

3.5.1 The natural-gas pipeline infrastructure 

The high-pressure natural-gas grid in Belgium is shown in Figure 14. The red lines 
represent pipelines transporting rich natural gas, whereas the blue lines represent 
pipelines transporting lean natural gas47.  

 

 

 
Figure 14: The Belgian high-pressure natural-gas grid. Brown lines represent rich natural gas; 
blue lines represent lean natural gas (CE2030 [190]). A larger representation can be found in 

Appendix B. 

                                                     
47  Lean natural gas is low-calorific natural gas (L-gas) with a HHV of approximately 37.7 

MJ/Nm³ and a Wobbe number between 41 and 47 MJ/Nm³ (e.g. Slochteren gas). Rich 
natural gas is high-calorific natural gas (H-gas) with a HHV of 40 MJ/Nm³ or more and a 
Wobbe number between 48 and 58 MJ/Nm³. 
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3.5.1.1 Components of the natural-gas grid 

The existing natural-gas network mainly consists of pipelines at high, medium and 
low pressure, compression stations, pressure-reduction stations and storage facilities 
(both for gaseous and liquid storage of natural gas). 

 

 Pipelines 

Natural-gas pipelines can be divided into two categories: the transport network with 
high-pressure pipelines (15-80 bars) and the distribution network with pipelines at 
medium or low pressure (below 15 bars). In 2002, the total length of the transport 
pipelines amounted to 3,685 km, of which 1,500 km having a diameter of more than 
500 mm. These large-diameter pipelines mainly serve as transit lines to transport 
natural gas from and to neighbouring countries. The end of the transport network is 
equipped with receiving stations which pass the natural gas to the distribution grid. 
The total length of the distribution grid is approximately 51,000 km. 

Transport pipelines are mainly made out of steel because of the high pressures used. 
Distribution pipelines are made out of cast iron, fibrous cement, PVC-enriched 
polyethylene (PE) or steel. Currently, mostly PE pipelines are being used. Figure 15 
shows the cumulative evolution of the materials used for distribution pipelines during 
the last decades. It is clear that, within a few years, all fibrous-cement and cast-iron 
pipelines will be replaced. 

 

 
Figure 15: Evolution of the materials used for distribution pipelines (Vanderoost [86]). 
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 Compression stations 

The transport of natural gas through pipelines is based on the principle of pressure-
difference induced flow. Due to the viscosity of the gas and the friction with the inner 
pipeline wall, this flow encounters a resistance causing a pressure drop. The higher 
the transport velocity, the higher the pressure drop will be. As every pipeline has to 
maintain a minimum and maximum pressure, recompression is mostly required when 
long distances have to be covered. This interaction between pressure drop and 
recompression is shown in Figure 16. The distance between compression stations is 
generally 80 – 100 km. In recent years, piston compressors have been replaced by 
centrifugal ones, powered by gas engines. Centrifugal compressors are more suitable 
for high gas volumes, although they are less flexible than piston compressors. 

 

 
Figure 16: Pressure drop in pipelines and the use of compression stations to maintain the 

pressure within certain boundaries (Pmax and Pmin). 

 

 Pressure-reduction stations 

When two pipelines operate at different pressures, pressure-reduction stations are 
used to connect them. In these facilities, the pressure is being reduced by expanding 
the gas through a throttle valve. This expansion will change the temperature of the 
(non-ideal) gas. This is called the Joule-Thompson effect, whereby the final 
temperature of the gas can be calculated as follows: 

 2 1 2 1( )T T P Pµ= + −  (3.1) 

with T2 Final gas temperature [°C] 
T1 Initial gas temperature [°C] 

µ Joule-Thomson coefficient [°C/bar] 
P2 Final gas pressure [bar] 
P1 Initial gas pressure [bar] 
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All real gases have an inversion temperature at which the Joule-Thompson 
coefficient changes sign. At room temperature, for most gases, this coefficient is 
positive, except for hydrogen, neon and helium. The Joule-Thompson coefficient 
amounts to 0.5 °C/bar for natural gas and to -0.035 °C/bar for hydrogen. This 
means that the expansion of natural gas from 80 to 15 bar results in a temperature 
drop of 32.5 °C. Therefore, to avoid the formation of ice, the gas is often preheated. 

 

3.5.2 Energy-related and material aspects of full-blown hydrogen 
transport through natural-gas pipelines 

As the final goal of the envisaged transition is the fully-fledged use of hydrogen, 
firstly the possible transport of pure hydrogen through the existing natural-gas 
pipeline network is being studied. This encompasses the transport of energy, the 
storage of energy in pipelines, the use of compression and pressure-reduction 
stations and material aspects such as hydrogen embrittlement and leakage. 

 

3.5.2.1 Transport and storage of hydrogen in pipelines 

On the one hand, a pipeline network serves to transport a sufficient amount of 
energy towards any end user (actually a power flow). On the other hand, this 
network is also used to store natural gas (or hydrogen) whenever the gas supply 
exceeds the demand. This (short-term) storage in pipelines is called linepack, which 
allows an almost continuous supply of gas into the network, despite a strongly 
fluctuating demand pattern. Viewed differently, linepack allows the demand side to 
change its offtake at will, independently of the injection of gas into the pipeline. More 
storage, of course, implies higher pressures. 

 

 Energy flow 

To meet the energy demand, the flow rate of the gas has to be sufficiently high. This 
flow rate, in turn, is controlled by the pressure drop in the pipeline. The volume 
flow rate through a pipeline is described by (Cerbe [10], KVBG [160], Van 
Herterijck [162], Eberhard [207], Menon [208]): 
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with Q Normal flow rate [Nm³/h] 
C Proportionality factor48 = 0.000129 [m².h.K0.5/kg] 

D Inner pipeline diameter [mm] 
e Pipeline efficiency49 [-] 
P1 Inlet pressure [kPa] 
P2 Outlet pressure [kPa] 
d Relative density compared to air [-] 
K Compressibility factor [-] 
T Gas temperature [K] 
L Pipeline length [km] 
f Friction factor [-] 
 

Actually, since the flow is expressed in normal m³/h [Nm³/h], this equation denotes 
a certain mass flow rate, rather than a volumetric flow. The pipeline efficiency is very 
hard to determine and is generally set equal to 1, while the friction factor has to be 
calculated dependent on the flow regime and the roughness of the pipeline. As 
drawn tubings (such as PE pipelines) and steel pipelines have a roughness of 1.5 µm 
and 46 µm, respectively, these both can be considered as smooth pipes. The flow 
regime is being determined by the Reynolds number, which is calculated as follows: 

 
.Re u D
ν

=  (3.3) 

with u Flow velocity of the gas [m/s] 

ν Kinematic viscosity of the gas [m²/s] 
 

The friction factor can then be graphically determined using the Moody diagram, or it 
can be calculated by means of correlations for smooth surface conditions for 
turbulent flow50 (Fox [161]): 

 
1

40.316Ref
−

=         5Re 10≤  (3.4) 

As the HHV’s of hydrogen and natural gas amount to 12.7 MJ/Nm³ and 
approximately 40 MJ/Nm³, respectively, a first view at Eq. (3.2) shows that the 
volume of hydrogen to be transported has to be three times that of natural gas to 
satisfy the same energy demand. After this rough calculation, some studies suggest 

                                                     
48  The proportionality factor C depends on the other units chosen and takes into account the 

temperature, pressure and density at normal conditions (0° C, 1 atm) (Eberhard [207]). 
49  The pipeline efficiency takes into account leakages and diffusion of the gas through the 

pipeline. 
50  Eq. (3.4) is the so-called Blasius correlation.  
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that the pipeline’s diameter has to be tripled in order to transport the same amount 
of energy (IEA [17]). Nevertheless, because hydrogen’s density is about nine times 
smaller than that of natural gas, a flow rate of hydrogen, three times larger than that 
of natural gas, still results in approximately the same pressure drop, being the critical 
parameter in a pipeline network (see the parameter d in Eq. (3.2)). 

However, also other parameters such as K and f can vary with pressure or flow rate. 
The compressibility Z is used to describe the deviation in the thermodynamic 
properties of a real gas from those expected from an ideal gas, and is defined as: 

 
,.

.
m rPV

Z
R T

=  (3.5) 

with Vm,r Real molar volume [m³/mol] 

R Universal gas constant [J/mol.K] 
 

As Z is dependent on the state of the gas (pressure and temperature), it is often 
expressed with regard to Zn (compressibility at normal conditions), the ratio of them 
being the compressibility factor K: 

 
,

, ,

. .

. .
m r n

n n m n r

PV TZK
Z P V T

= =  (3.6) 

with Vm,n,r Real molar volume at normal conditions [m³/mol] 

Tn Temperature at normal conditions, 273.15 K 

 Pn Pressure at normal conditions, 1.013 bar 
 

As long as pressure and temperature are not too high, the compressibility factor for 
natural gas and hydrogen can be estimated by 

 1
450

absPK
bar

= −  (3.7) 

and 

 1
1500

absPK
bar

= +  (3.8) 

respectively, whereby Pabs represents the absolute pressure51 (Cerbe [10]). In 
addition, as pressures vary during pipeline transport, some kind of mean pressure 

                                                     
51  For natural gas, Eq. (3.7) applies for temperatures from 0 to 12 °C and pressures up to 70 

bars. For hydrogen, Eq. (3.8) applies for temperatures between 0 to 10 °C and pressures 
up to 300 bars. 



The transition towards a hydrogen economy 65 

should be taken into account when evaluating the compressibility factor and density 
in Eq. (3.2). This mean pressure in a pipeline with inlet pressure P1 and outlet 
pressure P2 can be calculated as follows: 
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 (3.9) 

 

Given Km the compressibility factor corresponding to the mean pressure Pm and P1 
the inlet pressure of a pipeline, the outlet pressure P2 can then be calculated as 
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After combining Eqs. (3.2) - (3.11) for hydrogen, L-gas and H-gas, and assuming 
that the same amount of energy is transported in a 65-km, high-pressure pipeline 
with a diameter of 900 mm and an initial pressure of 67 bar, this leads to a pressure-
drop profile as shown in Figure 17. 

 

 
Figure 17: Pressure drop of L-gas, H-gas and hydrogen in a 65-km, high-pressure pipeline with 

a diameter of 900 mm, whereby the same amount of energy is being transported. 
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Otherwise, when the pressure drop is kept constant (from 67 to 41 barg), hydrogen 
is able to transport 98% of the energy compared to lean natural gas and 80% 
compared to rich natural gas, assuming a flow of 1.5 million Nm³/h L-gas and H-gas. 

When the same calculations are done for a 14-km, 8-bar medium-pressure pipeline 
with a diameter of 200 mm and an overall pressure drop of 3 bar, the energetic loss 
(attributed to replacing rich NG by H2) compared to rich natural gas is only 13%. In 
comparison with lean natural gas, hydrogen is then able to transport an additional 
3% of energy. 

Finally, assuming a low-pressure pipeline with a final pressure of 35 mbarg 
(overpressure relative to atmospheric pressure), pure hydrogen is capable of 
transporting the same amount of energy as rich natural gas and up to 18% more 
compared to lean natural gas. 

 

The differences in the results for each type of pipeline can be entirely explained by 
the different pressure levels. Namely, the higher the pressure, the more important 
becomes the compressibility, hampering the good flow characteristics of hydrogen. 
An overview of these calculations is given in Figure 18, whereby the full range from 0 
to 100 vol% of hydrogen, mixed with natural gas, is looked at. The percentages just 
quoted can be seen on the right-hand side of each figure (100% hydrogen). 

So, as far as the energy flow is concerned, especially the capacity of high-pressure 
rich-natural gas pipelines turns out to be insufficient to transport pure hydrogen. In 
this regard hydrogen is more comparable to L-type natural gas. 
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 a) 

 

 b) 

 

 c) 

 
Figure 18: Relative energy-transport flows for hydrogen-natural gas mixtures, assuming an 

unchanged pressure drop for high-pressure pipelines, 67-41 barg (a), medium-pressure 
pipelines, 8-5 barg (b) and low-pressure pipelines, 85-35 mbarg (c). The 0% point on the 

horizontal axis is pure natural gas; the 100% point is pure hydrogen. 
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 Linepack 

Another important aspect of gaseous pipeline transport is linepack. The possible 
linepack in a pipeline is strongly influenced by the flow rate. The lower the flow rate, 
the more storage becomes possible. An analytical equation to determine the linepack 
in a pipeline is given by 

 '
,

'

1. . .m m n
storage n geom

m m n

P P TV V
K K P T

⎛ ⎞
= −⎜ ⎟

⎝ ⎠
 (3.12) 

with Vstorage,n Volume of stored gas, referenced back to ‘normal’ conditions at Pn  

  and Tn [Nm³] 
Vgeom Volume of pipeline [m³] 

 Pm Upper mean pressure [bar] 

 Pm’ Lower mean pressure [bar] 
 

 
Figure 19: Principle of linepack in a pipeline. 

 

A visual representation of the linepack principle is given in Figure 19, whereby the 
area between the upper and lower pressure lines denotes the linepack volume. When 
pure hydrogen is transported through the existing high-pressure natural-gas 
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pipelines52, the linepack volume varies between 65% and 71% of linepack with lean 
natural gas with flow rates ranging from 1.35 million Nm³/h to 0.5 million Nm³/h. 

However, these percentages are only valid when linepack is expressed as a volume. 
What is really important, is the linepack energy, since satisfying the energy demand 
always prevails. So, taking into account the energy content of hydrogen and (lean) 
natural gas, the linepack energy of hydrogen can be more than four times smaller 
than this of natural gas, which may undermine the short-term security of supply 
during one day. This is illustrated in Figure 20, whereby the linepack energy for pure 
hydrogen is found on the right-hand side of the graph. A negative linepack indicates 
that the desired amount of energy cannot be transported, which was also illustrated 
in Figure 18. 

 

 
Figure 20: Linepack energy corresponding to different mixtures of hydrogen and lean natural 

gas at different flow rates Q (inlet pressure: 67 bar). 

 

The previous calculations have clearly shown that it will be very difficult to transport 
hydrogen through the existing high-pressure natural-gas grid, especially when 
pipelines are also being used as storage facilities.  

 

 

 

                                                     
52  Linepack is only being used in the high-pressure transport network because of the large 

pressure differences. 
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3.5.2.2 Material aspects of hydrogen transport through pipelines 

Besides energetic considerations, also several material issues require some attention: 
e.g., the use of the existing compression and pressure-reduction stations, hydrogen 
embrittlement and leakages. 

 

Two types of compressors can be distinguished: volumetric and flow compressors. 
As far as volumetric compressors are concerned, the working gas that is used is of 
no importance. These compressors, such as piston compressors and diaphragm 
compressors, are being used by the (currently sector-dominant) company Air Liquide 
in its hydrogen pipeline network. However, the existing natural-gas grid is equipped 
with flow compressors such as centrifugal and axial compressors. When hydrogen is 
transported through the high-pressure grid, this requires compression of a volume 
three times as large as when natural gas is used. This would imply a doubling of the 
currently installed compression infrastructure. Furthermore, the efficiency of the 
impeller of a centrifugal compressor largely depends on the specific velocity, which, 
among others, is determined by the shape of the impeller. The optimal value of this 
specific velocity is obtained at a certain rotational velocity and outer diameter of the 
impeller for an imposed flow and pressure ratio. This rotational velocity is calculated 
as53 (Asakura [163]) 
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 (3.13) 

with N Rotational velocity [rpm] 

 ηad Adiabatic efficiency [-] 

κ Specific heat ratio [-] 

R Specific gas constant = 8.314 [J/mol.K] 

T1 Inlet temperature [K] 
M Molecular weight [kg/kmol] 

 Ns Specific velocity [rpm] 

 

                                                     
53  This equation is actually used for the design of a new compressor, but is assumed also to 

be valid for calculating a compressor’s characteristics under changing operating conditions. 
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This means that for a pressure ratio of 1.254, a constant specific velocity and a 
constant flow rate, the rotational velocity to compress hydrogen must be 1.74 times 
higher than to compress natural gas. As rotational velocity is limited by the material 
strength, and given the lack of capacity, the current compression infrastructure 
seems inadequate to handle hydrogen as an energy carrier. However, this only 
applies to the high-pressure network as compressors are not being used in the 
medium and low-pressure grid. 
 

As mentioned earlier, reducing the pressure of natural gas causes its temperature 
to decrease with 0.5 °C/bar, whereas for hydrogen the temperature rises with 0.035 
°C/bar. So, throttling hydrogen from 80 to 15 bar results in a temperature rise of 2 
°C, not causing any problems in the existing pressure-reduction stations. 
 

The risk of hydrogen embrittlement is complicated to predict. It does not only 
depend on the material of the pipeline, but also on the pipeline’s history. The larger 
the pressure fluctuations in the past have been, the higher the risk of hydrogen 
embrittlement and material fatigue. Therefore, only intensive testing of pipelines and 
welds will give a definitive answer about this potential problem. Here again, as 
pressure fluctuations are larger in the high-pressure network and as hydrogen 
embrittlement is most likely to occur when high-strength steel is being used, the 
medium and low-pressure network seem more resistant to hydrogen embrittlement 
(NaturalHy [150], Prager [164], Korb [165]). 
 

The volumetric losses of hydrogen by subsonic or sonic release through openings are 
always larger than those of natural gas, but the energetic losses are always smaller. 
The quantitative amount of losses strongly depends on the material of the pipeline 
and the type of connection. The leakage risk is considerably high in cast iron and 
fibrous cement pipelines, as they are generally connected with coupling sleeves, 
while there is almost no leakage through tube-drawn PE and welded steel pipelines. 
Even without openings, hydrogen can always escape by means of diffusion. As 
diffusion through steel is much less than diffusion through PE, only PE pipelines will 
be considered here. Diffusion of hydrogen through PE pipelines is approximately five 
times higher than diffusion of natural gas, but still negligible. Based on 
experimentally determined permeability coefficients, calculations have shown that 
the yearly loss of hydrogen by diffusion in PE pipelines amounts to approximately 
0.0005% - 0.001% of the totally transported volume (Alcock [12], IEA [148], 
Scholten [166], Polman [167]). 

                                                     
54  Typical values for this pressure ratio in the natural-gas grid lie between 1.2 and 1.4. 
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3.5.3 Percentwise mixing of hydrogen into the natural-gas bulk 

Based on the previous sections, it is reasonable to take the viewpoint that mixtures 
of hydrogen and natural gas cannot be used on a high-pressure transport level due 
to energetic and technical reasons. Indeed, although mixtures containing around 75 
vol% of hydrogen behave quite differently than pure natural gas, Figure 18 shows 
that a hydrogen content of up to 40 vol% only causes minor changes on the medium 
and low-pressure level. Also material considerations, and the absence of compression 
stations, have made clear that these networks are capable of transporting hydrogen-
natural gas blends. 

 

3.5.3.1 End use of H2-NG mixtures in combustion appliances 

A next question that arises is whether these mixtures can be used in domestic and 
transportational applications. Although experiments have already proven that this is 
feasible (see the beginning of Section 3.5), a more theoretic approach is useful to 
provide some additional insights. The author does not necessarily promote the use of 
hydrogen for combustion in boilers for space heating as a long-term option. 
However, when hydrogen becomes available by means of pipeline distribution (with 
mixtures ranging from 0% to 100%), it should not be excluded and seems even 
logical that end users with gas-fired heating equipment want to continue using their 
furnaces, albeit perhaps for a transitional phase. It seems unrealistic that everybody 
will replace his/her boiler by a fuel cell at the same time. There will be a natural 
market diffusion of fuel cells. The point here is to break the chicken-and-egg cycle to 
launch the H2 economy even without full market penetration of fuel cells. 

As mentioned in Section 2.1.2, the Wobbe index determines to which family gases 
belong and is a measure for exchangeability of gases in gas burners (boilers, 
engines, turbines). The Wobbe index for hydrogen-natural gas mixtures, based on 
the HHV, is calculated as follows55: 
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According to the European standard EN 437, the boundaries within which the Wobbe 
number must lie for common rich natural-gas burners are 48 and 58 MJ/Nm3. When 
lean natural gas is used in standard burners, the Wobbe number has to lie between 
41 and 47 MJ/Nm³ (CEN [198]). From Figure 21, it then can be seen that for lean 

                                                     
55  The symbols have been defined in Section 2.1. 
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natural-gas burners, up to 98 vol% of hydrogen can be added. For rich natural gas, 
up to 45 vol% of hydrogen can be injected. Also mixtures containing more than 98 
vol% of hydrogen are useable. 
 

In practice, however, most countries use more stringent limitations for the Wobbe 
index (e.g. The Netherlands assume a Wobbe index between 43.4 and 44.4 
MJ/Nm³). Nevertheless, several studies have shown that injection of 17 vol% to 25 
vol% of hydrogen into the natural-gas network should not cause any difficulties for 
both the pipeline infrastructure and the end-use applications (Larsen [15], Polman 
[167], Kop [151], Schouten [168]). 
 

 
Figure 21: Effect of hydrogen addition to natural gas on the Wobbe index. 

 

Having said that, currently some countries (e.g. France and Belgium) have chosen to 
invest in flexible burners, which can tolerate gases with a Wobbe number within 
almost the whole range of 41 to 58 MJ/Nm³, i.e., they can tolerate both lean and 
rich natural gas. In these regions, switching from L-gas to H-gas requires the 
distribution company to change the gas-delivery pressure (20 mbarg for H-gas and 
25 mbarg for L-gas), but it is technically possible without replacement of appliances. 
Also in The Netherlands, switching from L-gas to H-gas is possible, but requires a 
more complex case-by-case approach (Harris [169], IEA [170]). 

 

Nevertheless, respecting the boundaries of the Wobbe-index tolerance is a necessary 
but insufficient prerequisite, as also specific combustion characteristics can change 
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when using hydrogen-natural gas mixtures in burners, boilers, gas engines or 
internal-combustion engines. The most important effect is the increase of the flame 
speed, which brings along the risk for flashback. This problem could be by-passed by 
means of a leaner combustion process. In general, the flame-detection system, the 
burner head (smaller nozzles) and the sealings need adjustment when hydrogen-
natural gas mixtures are used. A possible solution to avoid multiple adjustments each 
time the composition of the input fuel is changed, is the use of multifunctional 
devices which can run both on natural gas and pure hydrogen, as on any mixture of 
these two56. Presently, these applications are being developed and the first test 
results (efficiency, emissions, safety) seem satisfactory (Cheng [106], Schefer [107], 
Hoelzner [108], Parente [110], Ilbas [111], Kop [151], Yilmaz [152], Li [153], 
Dimopoulos [154], Akansu [155], Akansu [156], Wang [157], Juste [158]). 

 

Since no field tests for the use of H2/NG mixtures in flexible burners (Belgium, 
France) have been done so far, it is impossible to assess the compatibility of these 
burners with these mixtures, even though the tolerated range of Wobbe numbers 
suggests that no problems are to be expected. Therefore, based on field tests abroad 
(The Netherlands (IEA [148], Kop [151]), Denmark (Larsen [15])), it is reasonable to 
consider the injection of +/- 17 vol% as some kind of limit or turning point after 
which end-use appliances need modifications. Of course, these modifications can be 
avoided when multifunctional devices are used. 

 

3.5.3.2 End use of H2-NG mixtures in fuel cells 

One of the main advantages of using hydrogen-natural gas mixtures is the possibility 
to circumvent the aforementioned chicken-and-egg problem: some parts of the 
natural gas infrastructure can be used to deliver hydrogen to the end users and the 
availability of fuel cells is not a prerequisite to use hydrogen as a fuel. In addition, 
the use of mixtures can even serve as a stepping stone for the introduction of fuel 
cells. Obviously, fuel cells with an internal- or external-reforming system can be 
coupled to the natural-gas grid (possibly transporting hydrogen-natural gas 
mixtures), but this does not necessarily promote the use of fuel cells as overall 
system costs will be higher and the development of small-scale reformers needs to 
be perfectioned. In addition, the local reforming of natural gas is not a long-term 
sustainable solution as it does not avoid local emissions. Nevertheless, although 
prices are still rather high and no CCS can be applied on a local level, it is clear that 

                                                     
56  It is important to distinguish between ‘flexible’ and ‘multifunctional’ burners: ‘flexible’ 

burners can tolerate both lean and rich natural gas, while ‘multifunctional’ burners can run 
both on natural gas and pure hydrogen, as on any mixture of both. 
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the use of hydrogen-natural gas mixtures does not hamper a possible breakthrough 
of fuel cells. After all, fuel cells will remain one of the most promising, energy-
efficient CHP technologies. 
 

Currently, however, hydrogen-separating membranes are being developed which 
would allow the use of pure hydrogen-fuelled fuel cells when mixtures of hydrogen 
and natural gas are being transported through the existing natural-gas distribution 
grid. Installation of these membranes at the point of use could then create 
opportunities for the large-scale market introduction of both stationary and 
transportational fuel-cell applications, at the same time avoiding local pollution and 
the need for costly small-scale reforming technologies. The most common membrane 
types are palladium alloy membranes, carbon-based membranes (carbon molecular 
sieves) and ceramic membranes. Nevertheless, market introduction of these 
membranes is still far away and current costs are still considerably high (NaturalHy 
[150], Grainger [171], Power [172], Argonne [173]). 
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3.6 Transition towards full-blown hydrogen transport 
in natural-gas pipelines 

Since no problems are expected if less than 17 vol% of hydrogen is injected in 
natural-gas pipelines, this would be a logical and attractive first step towards a 
hydrogen economy. However, from an economic point of view, the liberalised gas 
market may throw a spanner. Since some energy companies will still sell natural gas, 
while others offer hydrogen or hydrogen-natural gas mixtures, or a combination of 
these, it is hardly imaginable that all these ‘products’ will be transported through the 
same pipeline network, which provides all customers’ demand. 

3.6.1 General issues 

In what follows, the reader should clearly distinguish between the distribution (i.e., 
low pressure) grid and the transport (i.e., high pressure) grid. 

 

It goes without saying that hydrogen as an energy carrier will only be a realistic 
option if and when it becomes economically favourable. Here, “economic” has to be 
interpreted in a broad sense, meaning that the external costs for all energy options 
also have to be included in the overall comparison. When these conditions are met, 
the question can be raised how the transition from natural gas to hydrogen will take 
place. The considerations in Section 3.5.3 make clear that, although it could be a first 
step towards the widespread use of hydrogen, the use of hydrogen-natural gas 
mixtures containing over 17 vol% of hydrogen is not self-evident, unless certain 
standards are enforced by governments by means of taxes or subsidies. Therefore, it 
should be investigated whether the immediate use of pure hydrogen, instead of a 
transition period with mixtures, might perhaps prove to be a more realistic scenario. 

 

Technically seen, this drastic changeover should be possible. After all, historically 
most European countries have switched from city gas (a mixture of about 50% CO 
and 50% H2) to natural gas literally overnight. Hereby, the grid was divided into 
different sectors and during one night, the replacement of city gas by natural gas 
was carried out in one particular geographic sector. In the subsequent week, all end-
use applications were modified or replaced and natural gas became the new energy 
carrier. It seems very unlikely that this scenario can be repeated for the transition 
from natural gas to hydrogen. The reasons are threefold: firstly, the distribution 
network is almost three times larger than it was 40 years ago. This would make such 
a changeover very time-consuming. Secondly, the absence of a high-pressure 
transport grid in the 1960’s made such transition far less complicated than it would 
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be now. Thirdly, as the number of end-users has drastically been increased by now, 
the necessary replacement of all end-use applications will be very cost-intensive. 

 

Another option, the installation of a parallel pipeline network for hydrogen, could 
theoretically also be considered as a plausible solution for the introduction of 
hydrogen into our society. This approach might be perfectly feasible for the high-
pressure transport network, but most likely it will bring serious problems about for 
the distribution network due to a lack of space. Furthermore, it would be very 
expensive and time consuming to develop a hydrogen distribution grid to the farest 
corner of the existing natural-gas grid. Thus, since an immediate and entire switch 
from natural gas to hydrogen does not seem to be a realistic scenario, both for the 
distribution and the transport grid (and this is independent of the energy-market 
structure, since we have not even mentioned that aspect in this section), a transition 
period with mixtures, certainly has to be considered as a serious option. 

 

As argued above in Section 3.5.2, mixing on the transport level is not justified 
because of the presence of compressors and the lack of energy-transport and 
linepack capacity (see Figure 18 and Figure 20). So, for technical reasons, any 
injection of hydrogen into the natural-gas bulk initially should take place at the 
medium or low-pressure grid, immediately after the pressure-reduction stations. On 
the one hand, backflow from the medium or low-pressure grid to the high-pressure 
transport grid is effectively impossible, which allows to carry out the transition 
process on both pressure levels strictly separated. On the other hand, no 
compressors are used in the medium or low-pressure distribution grid, which 
facilitates the use of that pipeline infrastructure for hydrogen transport. 

3.6.2 Transition towards hydrogen in a regulated energy market 

In general, a regulated energy market is entirely controlled by the government or a 
monopolist. In this case, an injection of hydrogen into the natural-gas bulk will only 
take place when the regulatory authorities impose it, possibly invoking environmental 
or social-economic – thus also considering external costs – reasons. A logical first 
step then would be the injection of up to 17 vol% of hydrogen into the medium and 
low-pressure grid. As far as Flanders (the Northern part of Belgium) is concerned, 
this would come down to approximately 62 injection points in order to provide every 
small customer with the same hydrogen-natural gas mixture. Due to the possible or 
expected transition from lean to rich natural gas in the not too far future, every 
newly-installed end-use application in Flanders must currently be capable of burning 
gases that have a Wobbe number between 41 and 58 MJ/Nm3. Therefore, as can be 
seen from Figure 21 and based on field tests abroad, a mixture containing no more 
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than 17 vol% of hydrogen does not require a replacement of burners, boilers or gas 
engines, although minor adjustments to the burner head, flame-detection system 
and sealing might be necessary in some cases57. 

In a second phase, more than 17 vol% of hydrogen can be mixed into the natural-
gas bulk. Probably, this would require any end-use application to undergo substantial 
adjustments or to be replaced, preferably by a multifunctional device that is capable 
of handling all kinds of mixtures, up to pure hydrogen. Technically seen, this should 
not create a problem, since, in order to avoid an overnight replacement of these 
units, the government could issue new standards for boilers, burners and gas 
engines some years before this second-phase transition takes place. 

 

3.6.3 Transition towards hydrogen in a liberalised energy market 

A liberalised energy (gas) market is characterised by different shippers that feed the 
pipeline infrastructure with their own products. This market structure implies that, at 
some point, natural gas and hydrogen will become competitive energy carriers in the 
energy market. Only economic considerations will then incentivise shippers to offer 
hydrogen to the customers, while others will still be offering natural gas. From this 
point of view, it is difficult to see how a transition from pure natural gas to pure 
hydrogen can take place through one single (high and low-pressure) pipeline 
network controlled by one grid operator, but fed by different shippers. 

 

However, even in a liberalised market the government can require that the gas that 
is supplied to the customers, connected at the distribution grid, meets certain 
standards. In a first phase, the presence of up to 17 vol% of hydrogen in the 
natural-gas bulk, could be one of these standards. Also taxes could be used to 
encourage shippers to mix a certain amount of hydrogen into the natural-gas 
pipeline infrastructure. The resulting, possible minor adjustment of end-use 
applications of course will have to be coordinated by the government as well in this 
case. 

 

In a second phase, here again, the government can issue new standards in order to 
replace every end-use application by a multifunctional device, including fuel cells with 
reforming. This decision is unrelated to the products that are supplied by the 
shippers, but it offers the market the opportunity to evolve more and more to a 
hydrogen-based economy if this would be economically favourable. On the whole, it 

                                                     
57  These minor adjustments are very unlikely to be necessary when using flexible devices, but 

since no filed tests have been done, some prudence is certainly in order here. 
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can be concluded that, on the distribution level, a transition to hydrogen does not 
seem to meet any additional problems due to the liberalised character of the gas 
market. 

3.6.4 The supply of hydrogen in a transitory economy 

Even though the transition from natural gas to hydrogen seems to be achievable by 
gradually mixing in hydrogen into the natural-gas bulk, the question remains how a 
sufficient amount of hydrogen can be supplied to the distribution grid. In a regulated 
energy market, the building of a hydrogen transport grid, parallel to the high-
pressure natural-gas grid, might be an option, if it were not for the cost. At first 
sight, this seems to be a solution that is far too expensive, although technically 
perfectly feasible. 

 

Another option might be to install hydrogen-production units near the injection 
points. This can also offer a solution for the ‘short-term security of supply’ problem 
because of a smaller linepack for H2 (see Section 3.5.2.1), by producing a surplus of 
hydrogen and storing it in large vessels or tanks. This approach should, theoretically 
seen, be possible in both a regulated and a liberalised gas market. However, in a 
liberalised market, who will take care of the hydrogen supply and/or production? The 
government may well be able to impose certain standards on the composition of the 
gas at the distribution grid, but if no one takes the initiative or is willing to invest in 
these hydrogen-production units, nothing will change. Of course, much will depend 
on the market conditions at that very moment. 

 

Considering these two first options together, the issue actually comes down to the 
location of the hydrogen-production units and their possible interconnection by 
means of high-pressure hydrogen-transport pipelines. Both approaches have an 
impact on the storage capacity that is available, the security of supply and the 
‘freedom’ to decide where hydrogen-production units need to be installed. A detailed, 
numerical comparison of both options will be given in Sections 4.1.3 and 4.1.4. 

 

A third possibility is the interaction between the (stationary) energy and the 
transportation sector. It is very unlikely that a transition to hydrogen only will take 
place in the energy sector. The transportation sector could also evolve towards 
hydrogen as an energy carrier, which implies that hydrogen-filling stations may arise 
throughout the country. Some of these stations would make use of their own 
hydrogen-production units, which then could be applied to deliver hydrogen to the 
injection points. However, for now it remains a question whether the capacity of 
these units will be sufficient to do so. 
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By actually modeling the quantitative supply of hydrogen in a transitory market, 
Chapter 4 will try to give an answer to this question. 

3.6.5 Transition to hydrogen on the transport level 

Gradually mixing in hydrogen into the distribution grid might be a first step to bring 
about the transition towards a hydrogen economy. However, from the beginning, the 
high-pressure transport grid cannot be neglected. We will mention some issues here 
that have to be kept in mind. 

 

Firstly, in contrast with the distribution grid, compressors are a part of the transport 
grid. Since the use of hydrogen in centrifugal compressors might cause the used 
materials to fail because of the required higher pressure ratio, it is strongly 
recommended to use piston compressors as soon as hydrogen is fed into the 
transport grid. Secondly, as most European countries are transit countries for the 
transport of natural gas, the decision to start using hydrogen can only take place on 
a European level, not on a national one. And thirdly, during a transition period with 
almost no fuel cells present yet, hydrogen will likely be used for space heating (as 
part of the NG mixture), not to generate electricity. This would mean that the large, 
centralised CCGT units will still be needed to generate a sufficient amount of 
electricity. It is, however, not clear whether these units can cope with hydrogen as 
an input gas (or mixtures with a large fraction of hydrogen in natural gas). Also the 
large industrial users, which are directly connected to the transport grid, might 
experience some problems with the changing characteristics of the gas mixture that 
is supplied. 

 

Taking into account these considerations, a new hydrogen transport grid could turn 
out to be the only plausible solution, although the investment costs are substantial. 
As mentioned before, the possible added value of such a new high-pressure 
transport grid (in comparison with hydrogen production near the injection points and 
the use of local storage) will be examined in the following chapter. 

 



 

4. MODELLING OF A TRANSITORY HYDROGEN 
INFRASTRUCTURE 

Whereas the previous chapter addressed most hydrogen transition issues in a 
qualitative way, this chapter will provide additional insights by actually calculating 
and modelling the foundations of an emerging hydrogen economy. Obviously, it 
cannot be the intention to predict how a future hydrogen economy will exactly look 
like, taking into account the uncertainty on almost every economic and technological 
parameter. Rather, simulation results will offer some general guidelines and highlight 
the most important opportunities, obstacles and bottlenecks in developing a 
hydrogen infrastructure. It is of utmost importance that all results are interpreted in 
the right context, meaning with respect to all the assumptions that have been made. 

Therefore, this chapter first gives a detailed overview of all hypotheses and boundary 
conditions. Next, the mathematical implementation of the optimisation model is 
explained and finally, different scenarios are evaluated by means of the simulation 
results. 
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4.1 Hypotheses and boundary conditions  
In order to create a realistic roadmap towards a possible hydrogen economy, it is 
necessary to incorporate all aspects of the entire hydrogen chain, from production to 
end use. Hereby, both economic and technological characteristics have to be dealt 
with. In addition, quantifying all issues discussed in Chapter 3 requires the 
development of a time-varying hydrogen-demand profile. 

 

4.1.1 Hydrogen demand 

In this study, it is assumed that there is a demand for hydrogen in the stationary as 
well as in the transportation sector. As far as stationary applications are concerned, 
only the use of hydrogen-natural gas mixtures is considered. Therefore, a hydrogen 
demand profile can easily be deduced from the existing natural-gas demand profile. 
Also for the transportation sector, it is simply assumed that hydrogen partly replaces 
the current use of transportation fuels according to the same demand pattern as 
applicable to that sector. 

4.1.1.1 Hydrogen for stationary applications 

As mixing in of hydrogen into the natural-gas grid will only take place at the 
distribution level, the demand for hydrogen can be entirely determined based on the 
demand profile of natural gas in the distribution grid. Before explaining the 
development of a hydrogen demand profile for stationary applications, first the 
overall assumptions are listed: 

• All data retrieved apply to the year 2004.   

• Although the development of a hydrogen infrastructure takes place in the 
future (2030 or beyond), it is assumed that the 2004 demand profile remains 
unchanged. In reality, this demand may have increased (due to more 
households being connected to the natural-gas grid) or decreased (due to 
improved energy efficiency of appliances, better thermal insulation of 
buildings or a shift to electricity-based systems) by a couple of percentpoints, 
but this will not affect the qualitative findings of the simulation results. It is, 
however, important to keep in mind that all figures and data are always 
indicative.  

• All natural gas that leaves the transport grid and enters a gas-receiving 
station is assumed to be used at the distribution level58.  

                                                     
58  This effectively excludes large industries and electric power plants, although they can also 

be seen as gas-receiving stations. 
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• As there is no linepack at the distribution level, the hourly take-off profile can 
directly be translated in volumes and flows passing through the distribution 
pipelines. 

• Unless stated otherwise, 5% of the energy needs met by the distribution of 
natural gas are covered by using hydrogen. I.e., we consider H2-NG mixtures 
of 5%-95% by energy content. 

 

For good understanding, it must be noted that mixing in 5% of hydrogen into the 
natural-gas bulk on an energy basis does not correspond to hydrogen-natural gas 
mixtures containing 5 vol% of hydrogen. In order to translate an energetic amount 
of natural gas into the corresponding volume (expressed in Nm³), the HHV can be 
used. The mean HHV of rich and lean natural gas distributed in Flanders in 2004 
amounted to 11.6 kWh/Nm³ and 10.25 kWh/Nm³, respectively (Indexis [176]). Table 
7 below then shows the relationship between the energy-based and volume-based 
composition of hydrogen-natural gas mixtures. 

 

According to the Flemish Regulator for the Electricity and Gas Market (VREG [174]), 
the amount of natural gas delivered to customers connected to the distribution grid 
in Flanders (excluding Brussels) in 2004 was 58,000 GWh. This exactly corresponds 
with the data provided by Fluxys, operator of the natural gas transmission system, 
regarding the amount of natural gas that entered the 35 main gas-receiving stations 
located in Flanders in 2004. Including the two gas-receiving stations from which 
natural gas is distributed in Brussels, the total amount of natural gas distributed in 
the Northern part of Belgium in 2004, amounted to 77,000 GWh (Fluxys [175]). 

 

In addition, Fluxys also provided daily gas-entry averages for each receiving station, 
while the VREG provides synthetic load profiles59 for the residential and commercial 
use of natural gas. Combination of these data then leads to an hourly natural-gas 
demand profile as represented in Figure 22. The demand profile for hydrogen (5% 
on an energy base) can then simply be obtained by dividing the natural-gas demand 
profile by 20. 

 

 

                                                     
59  Synthetic load profiles are unitary profiles which give the demand for natural gas on a 15-

minute base, relative to the total demand throughout the year.  
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Figure 22: Assumed natural-gas demand profile at distribution level. 

 

 

 Energy-based mixtures Volume-based mixtures 

 Nat. gas [%] Hydrogen [%] Nat. gas [vol%] Hydrogen [vol%] 

95 5 85.25 14.75 

90 10 73.25 26.75 

75 25 47.72 52.28 

60 40 31.34 68.66 

H
-g

as
 

50 50 23.33 76.67 

95 5 86.74 13.26 

90 10 75.61 24.39 

75 25 50.82 49.18 

60 40 34.06 65.94 

L-
g

as
 

50 50 25.62 74.38 

 Table 7: Difference between energy-based and volume-based composition of hydrogen-natural 
gas mixtures. 
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4.1.1.2 Hydrogen for mobile applications 

To estimate the demand for hydrogen as a transport fuel, the following assumptions 
have been made: 

• Hydrogen replaces 5% of the conventional transport fuels. This replacement 
is based on the total yearly amount of kilometres that is driven in Flanders 
and Brussels, regardless of the type of fuel (gasoline, diesel, lpg, …), the type 
of vehicle (trucks, passenger cars, motorcycles, …) or the type of traffic 
(transit, local traffic, …). 

• In 2005, approximately 57 billion kilometres have been covered in Flanders 
and Brussels (Statbel [177]). This figure is taken as a reference and is 
assumed to remain unchanged. 

• Driving 100 km requires 1 kilogram of hydrogen (NRC [16], Larsen [15], 
Mazza [125]). 

• Highway filling stations fulfil 7.5% of total demand. As a comparison, in The 
Netherlands 5.2% of all filling stations are located near highways, fulfilling 
25% of the total demand. In Belgium, only 1.5% of all filling stations are 
located near highways (Benzinescan [178]). 

 

As hydrogen will take a market share of 5%, hereby replacing any type of fuel, the 
demand profile will be similar to the current demand profile of conventional transport 
fuels. The current demand has been deduced based on data60 available from Smit 
[142], Simonnet [179], ECN [180] and Exxon Mobil [181]. The resulting hourly 
demand profiles for hydrogen are shown in Figure 23, whereby a distinction must be 
made between filling stations located near highways (37 in Flanders and Brussels) 
and other filling stations (more than 2,000). 

                                                     
60  These data mainly consist of hourly, daily and monthly offtake profiles relative to the overall 

daily, weekly and yearly demand for transport fuels. In combination with the actual yearly 
demand for transport fuels in Flanders (Statbel [177]), an absolute hourly demand profile 
has then been developed. 
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a) 

 

b) 

 
Figure 23: Overall hourly demand profile for hydrogen in filling stations near highways (a) and 
other filling stations (b). Absolute figures when a hydrogen market share of 5% relative to the 

amount of km driven is assumed. 
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4.1.1.3 Overall demand for hydrogen 

The total demand for hydrogen in the residential, commercial and transportation 
sector, having a market share of 5% on an energy basis, is then obtained by adding 
the respective demand profiles. From now on, this overall profile, shown in Figure 
24, is considered as the reference scenario for the first step towards a fully-fledged 
use of hydrogen as an energy carrier. Unless stated otherwise, this demand profile 
serves as an input to all simulations and optimisation scenarios. 

 
Figure 24: Overall hourly hydrogen demand profile for stationary and mobile applications, 

assuming a market share of 5% of hydrogen on an energy basis. 

4.1.2 Hydrogen production 

From all the hydrogen-production technologies discussed in Section 2.2, the following 
are considered to be the most realistic options in the near to medium future: IGCC61, 
steam-methane reforming (SMR) and electrolysis. Firstly, some general assumptions 
are explained, which apply to every technology. Then, the technological and 
economic characteristics of each technology are discussed in detail. In order to 
correctly assess these assumptions, it is important to note that the time horizon of all 
simulations is 2030 and beyond. Therefore, some technological improvements 
already have been taken into account. 

                                                     
61  As the ‘combined-cycle’ part of the IGCC facility is not required when only hydrogen is 

produced, this technology will be denoted as ‘gasification’ from this point on. 
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4.1.2.1 General assumptions 

• All gasification and SMR units62 are equipped with CO2-separation and capture 
facilities. The costs for carbon capture are internalised in the investment costs 
of each production unit. 

• CCS is a widespread technology, whereby the costs for transporting and 
storing CO2 are estimated at € 10/ton CO2. 

• The minimum operating point of each type of hydrogen-production unit is set 
to 60% of the nominal hydrogen output. Different efficiencies are attributed 
to the activation level of the hydrogen plant operating between 60% and 80% 
of the nominal output and to the activation level operating between 80% and 
100% of the nominal output. 

• Efficiencies are independent of the size of the unit. As all units considered are 
MW-scale facilities, it is indeed unlikely that efficiencies will differ significantly. 

• The yearly capitalised cost of the production units is calculated as follows 
(NRC [16], Müller [182]): 

 
.( 1).
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−
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whereby 

 (1 )
100

n niq = +  (4.2) 

with I Overall investment cost [Euro] 
n Lifetime [years] 

  i Interest rate [%] 

 

• The lifetime of the plants is set to 20 years, the interest rate is assumed to be 
15%63. 

• The fixed operating costs amount to 5% of the yearly capitalised cost (CC). 

                                                     
62  For clarity, ‘gasifiication unit’ refers to the gasification of coal (not biomass); ‘SMR unit’ 

refers to the steam-methane reforming of natural gas. 
63  This might seem rather high, but can be justified by the high risk. At the point of the first 

investments, it is indeed very uncertain whether a hydrogen economy will effectively 
develop. Furthermore, the difference in yearly capitalised cost using an interest rate of 12% 
or 15%, assuming a lifetime of 20 years, is approximately 19%. This lies well below the 
uncertainty on other economic parameters such as the investment cost, fuel prices, carbon 
taxes, etc. Finally, the same interest rate of 15% has been used by the National Research 
Council (NRC [16]). 
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4.1.2.2 Technological and economic characteristics 

All assumptions regarding the technological and economic characteristics of the three 
types of hydrogen-production plants are based on the data of Section 2.2, with 
particular attention to the findings of the National Research Council (NRC [16]). For 
each technology, a variety of units with different nominal power output – expressed 
in MW H2 – are being considered64. The overall investment cost of each unit can be 
calculated using the correlations obtained from Figure 25 (NRC [16]). Obviously, 
technological learning might have an important influence on these costs throughout 
the years. However, as the optimisation algorithm used in this thesis only considers 
one year (or less), it was chosen to fix costs at a certain level. 

 

Apart from the investment cost, all other characteristics are independent of the size 
of the unit. They are summarised in Table 8 below. 

 

 Gasification Reformer Electrolyser 

O&M cost 
[€/kWh H2] 

0.0005 0.00025 0.0028 

Electricity use 
[kWhe/kWh H2] 

0.045 0.034 0.046 

Efficiency 1st activation level65 
[%] 

75 83 75 

Efficiency 2nd activation level 
[%] 

70 80 72 

CO2 emitted 
[kg/kWh H2] 

0.056 0.033 - 

CO2 captured 
[kg/kWh H2] 

0.38 0.2 - 

Table 8: Overview of the economic and technological characteristics of hydrogen-production 
plants as used in the simulation runs. 

                                                     
64  For gasification units, these nominal hydrogen outputs are 200, 300, 480, 500, 800 and 

1000 MW H2; for reformers 50, 100, 150, 300 and 500 MW H2; for electrolysers 20, 50, 70, 
100, 120 and 200 MW H2.  

65  The 1st activation level is operation between 60% and 80% of the nominal power output; 
the 2nd activation level is operation between 80% and 100% of the nominal power output. 
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a) 

 

b) 

 

c) 

 
Figure 25: Overall investment cost for gasification units (a), reformers (b) and electrolysers (c) 

and the corresponding correlations. 
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4.1.3 Hydrogen storage 

As far as storage is concerned, three scenarios have been considered: no storage, 
gaseous storage in tanks or vessels and storage in pipelines. Due to the high 
energetic requirements, liquid storage of hydrogen has not been taken into account. 
This might be an option in a fully-fledged hydrogen economy, but seems very 
unlikely in a first transition phase. 

4.1.3.1 No storage 

The lack of storage implies that enough production capacity needs to be installed in 
order to cover the peak demand for hydrogen. Obviously, this scenario comes down 
to a huge additional investment cost, making it very unrealistic as cost reductions are 
of utmost importance to facilitate a breakthrough of hydrogen as an energy carrier. 
Nevertheless, special attention has been paid to the ‘no storage’-scenario as this will 
clearly show the importance of storage in the entire transition issue. 

 

4.1.3.2 Gaseous storage in tanks or vessels 

In order to avoid an overinvestment in production capacity, gaseous storage of 
hydrogen in tanks or vessels might be a solution. To fulfil the hydrogen demand 
represented in Figure 24, a minimum production capacity of approximately 515 MW, 
that runs continuously over 8,760 hours to meet the required annual energetic 
demand for H2, has to be installed. Although this would significantly lower the 
production-related investment cost, a storage capacity of almost 200 million Nm³ H2 
is needed then to balance supply and demand. If the production capacity is doubled, 
calculations have shown that the need for storage decreases to only 10 million Nm³ 
H2. The correlation between production and storage capacity is shown in Figure 26. 

Although local storage in tanks or vessels is perfectly feasible if hydrogen demand is 
very low, the required space rapidly increases if hydrogen demand becomes 
substantial. Even if hydrogen has a market share of 5 % – as is the case in Figure 26 
– the necessary storage capacity easily amounts to 10 million Nm³ H2. Given the fact 
that large storage facilities can only maintain pressures up to 12 – 16 bar (see 
Section 2.3.1.2), this means that up to 1 million m³ of space is required. In addition, 
storing such large quantities of hydrogen also brings along serious safety issues. 
Large hydrogen storage facilities are unlikely to be located near densely-populated 
areas. As hydrogen will be mixed into the natural-gas distribution grid, this leads to 
the need for a hydrogen transport infrastructure as most pressure-reduction stations 
are situated near large cities or towns. Due to these practical issues, only hydrogen 
storage in pipelines has been considered throughout this study. This is explained in 
the next subsection. 
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Figure 26: Correlation between the installed hydrogen-production capacity and the resulting 

storage capacity needed to balance supply and demand according to Figure 24. 

4.1.3.3 Storage in pipelines 

In contrast to tanks and vessels, the pressure in hydrogen transport pipelines can be 
as high as 100 bars66. This means that less space is required to store the same 
amount of hydrogen. In addition, as hydrogen is stored throughout the entire 
pipeline network, there are no large concentrations of hydrogen at the same 
location, improving the overall safety. 

The exact amount of hydrogen that can be stored, depends on the maximum and 
minimum pressure, the hydrogen flow and the length and diameter of the pipeline. 
Throughout this study, two different approaches are used to determine the hydrogen 
storage capacity in pipelines. 

A simplified, static approach assumes that the entire amount of hydrogen flows 
through a 1,000-km pipeline with a diameter of 900 mm, operating between 
pressures of 100 and 40 bars67. This pipeline then represents the entire hydrogen-
transport network and if the hydrogen flow is considered to be constant, the possible 
linepack amounts to approximately 18 million Nm³ or 65 GWh H2. 

                                                     
66  From a storage point of view, only the pressure difference is important. As the minimum 

pressure in such a pipeline is about 40 bars, a pressure difference of 60 bars is available for 
storage, still being substantially higher than the 12 – 16 bars in tanks or vessels. 

67  Considering Flanders, 1,000 km of pipelines is sufficient to connect all pressure-reduction 
stations, which is the main point of interest here as hydrogen will be fed in the medium- or 
low-pressure grid at these locations.  
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In reality, however, the amount of linepack is dependent on the flow of hydrogen 
and therefore varies every hour (see Eqs. (3.2) - (3.12)). Moreover, pipeline 
diameters are more likely to be in the 300 to 700 mm range as is currently the case 
for natural gas68. Finally, as hydrogen is expected to be produced at different 
locations, only a fraction of the overall hourly demand flows through a certain 
segment of the high-pressure grid. Keeping this in mind, several linepack profiles are 
calculated for different pipeline diameters, maximum pressures (namely 100 and 80 
bars) and hydrogen flow rates. Logically, the resulting shape of these profiles is an 
inversion (or the complement) of the hydrogen demand profile displayed in Figure 24 
as the amount of linepack is inversely proportional to the hydrogen flow rate. An 
example of an hourly linepack profile for a 1,000-km pipeline structure with a 
diameter of 400 mm and a maximum pressure of 100 bars is shown in Figure 27. 
Hereby it is assumed that hydrogen is recompressed to 100 bars every 100 km. 

 

 
Figure 27: Hourly linepack profile in a 1,000-km pipeline structure with a diameter of 400 mm 
and a maximum pressure of 100 bars, corresponding to a hydrogen demand as shown in Figure 
24. 

                                                     
68  The existing high-pressure natural-gas grid does actually contain about 1,000 km of 

pipelines with a diameter of 900 mm or more, but these pipelines are only used for transit 
of natural gas. Pipelines delivering the natural gas to the medium- and low-pressure grid 
generally have smaller diameters. 
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The effect of the pipeline diameter and the maximum allowed pressure on the 
linepack, regardless from the hydrogen flow rate, is represented in Figure 28. The 
figure is normalised to 100% for 100 bar and 700 mm. It can be seen that increasing 
the maximum pressure from 80 to 100 bars causes the amount of possible linepack 
to increase by approximately 50%. Increasing the pipeline diameter causes the 
linepack energy to increase more than linearly in absolute terms, while the relative 
increase becomes smaller for larger pipelines. 

 
Figure 28: Effect of pipeline diameter and maximum pressure on the linepack energy. 

4.1.4 Hydrogen transport, distribution and end use 

The exact hourly details concerning transport and distribution of hydrogen (flows, 
pressures, etc.) are not included in the optimisation algorithm since that is basically 
impossible as far as computation time is concerned. The end use of hydrogen, in 
turn, is taken into account indirectly by the hourly fluctuating demand profile. 
However, it has to be kept in mind that, implicitly and according to the findings of 
Chapter 3, the following is assumed: 

• A new hydrogen pipeline transport grid with a length of 1,000 km is built and 
can be used. The overall cost of this new transport grid is still quite uncertain. 
Of course, this cost will depend on the type of construction and the diameter, 
but based on the figures in Table 6 it is estimated to be between 0.5 and 2 
billion Euros or G€ (500 – 2,000 €/m). As far as the length is concerned, 
1,000 km should be sufficient to connect the high-pressure grid with all 
existing pressure-reduction stations in Flanders (Fluxys [175]). 
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• Although a 1,000-km high-pressure grid with a diameter of 900 mm is clearly 
oversized when hydrogen has a market share of only 5%, this investment 
does make sense on the longer term. Namely, dimensioning this transport 
grid merely to the initial hydrogen demand would require reinstalling a new 
grid as soon as the demand for hydrogen increases. This, of course, would 
lead to much higher overall costs. On the other hand, when it is expected that 
hydrogen will gain a market share of 100%, it speaks for itself that even 
1,000 km is not enough and that additional investments will be necessary to 
connect new hydrogen-production plants and industrial customers to the grid. 

• At every pressure-reduction station, hydrogen is mixed into the natural-gas 
bulk and delivered to the end-users by means of the existing distribution grid. 
As the scope of this study is well beyond 2030, it is assumed that all 
distribution pipelines are made out of PE or steel (see Figure 15), allowing to 
neglect the risk for leakage. 

• As discussed in Section 3.5.3, H2-NG mixtures can be used in any combustion 
appliance (up to at least 17 vol% H2 in the existing devices and up to 100 
vol% H2 in multifunctional devices). It is also possible to use any type of fuel 
cell, whereby a hydrogen-separating membrane can be installed to provide 
pure hydrogen to a customer if necessary. 

 

4.1.5 Fuel prices and energy-related costs 

4.1.5.1 Fuel prices 

The fuel prices used have been obtained from the 2030 prospects of IEA’s World 
Energy Outlook 2007 (IEA [183]). Of course, a transition towards a hydrogen 
economy might well take place a decade later, but recent price fluctuations have 
clearly shown that pinpointing future fuel prices is rather senseless. However, in 
order to carry out the necessary simulations, the latest 2030 predictions have been 
used, but it goes without saying that the effect of changing fuel prices is one of the 
most important parameters to analyse. 

 

Fuel prices in the base scenario are: 

• 7.35 €/GJ or 45 €/boe69 or 26.5 €/MWh for natural gas; 

• 2.45 €/GJ or 15 €/boe or 8.8 €/MWh for coal; 

                                                     
69  boe=barrel of oil equivalent, whereby 1 boe = 6.1 GJ. 
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whereby the corresponding CO2 emissions equal approximately70 57 kg/GJ for natural 
gas and 95 kg/GJ for coal, respectively. As a reference, the price evolutions of 
natural gas and coal since 1985 (1991 for coal) in Europe are represented in Figure 
29 (BP [199]). 

 

 
Figure 29: Historic price evolution of natural gas and coal in Europe (BP [199]). 

 

4.1.5.2 Electricity price and carbon tax 

Just like fuel prices, carbon taxes could vary substantially from 0 to possibly 400 
€/ton CO2, depending on the energy policy (IEA [34]). Unless stated otherwise, the 
carbon tax used in the simulations is 70 €/ton CO2 emitted. 

The price for electricity is set to 0.05 €/kWh71, carbon tax not included. When the 
electricity is assumed to be generated by means of a STAG (or CCGT) unit, 
approximately 400 g CO2/kWh is being emitted, resulting in an overall electricity price 
of 0.075 €/kWh (internalisation of carbon tax). As electricity prices might vary 
throughout the day – especially if a lot of variable and unpredictable renewable 
capacity is installed – the effect of an hourly changing electricity price will also be 

                                                     
70  The exact CO2 emissions depend on the composition of the natural gas or coal. 
71  Tariff for large industrial users 
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studied, whereby the electricity price is supposed to fluctuate between 0 and 0.075 
€/kWh. 
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4.2 Optimisation algorithm 
The problem to be solved here actually is an extension of the well-known Unit 
Commitment (UC) or dispatching72 optimisation problem for electric power plants in 
an electricity-generation context (Delarue [200])73. While the traditional 
UC/dispatching optimisation problem consists of finding the optimal set of activated 
power plants, this study also includes an investment analysis, making the problem 
even more complex. Indeed, besides finding the optimal set of activated hydrogen-
production plants, the hydrogen infrastructure optimisation algorithm also has to 
decide which hydrogen-production plants are invested in – and thus constitute the 
actual installed capacity – and which plants are not. 

4.2.1 Mixed integer linear programming 

Mixed Integer Linear Programming (MILP) is an operations research method that 
consists of maximising or minimising an objective function accounting for 
parameters, variables and several constraints on these variables. These variables can 
be integers or not and some of them can be constrained to be binary, i.e. either 0 or 
1. The solution of such a problem is found by using the Gauss-Jordan method for 
solving systems of linear equations. When problems become larger (more 
parameters, variables and constraints), this Gauss-Jordan method is combined with 
the branch-and-bound method in order to converge to an optimal solution as quickly 
as possible (Winston [184]). For the purpose of this study, the integer linear 
programming technique is preferred above regular linear programming as it allows 
the integration of discrete rated capacities, minimum operating points and minimum 
up- and downtimes. By doing so, valuable insights regarding the need for storage 
can be obtained. 
 

The actual optimisation algorithm has been implemented partly in Matlab and partly 
in GAMS [185], a commercial software package specifically developed to: 

• Provide a high-level language for the compact representation of large and 
complex models. 

• Allow changes to be made in model specifications simply and safely. 

• Allow unambiguous statements of algebraic relationships. 

                                                     
72  As the terminology concerning these problems is not unambiguous, we clarify what is 

exactly meant here. In this thesis, unit commitment or dispatching refers to the decision 
whether a power (or hydrogen) plant is activated or shut down and for how long it keeps 
running. 

73  The author is grateful to Erik Delarue for his assistance in helping to understand the 
similarity with the UC problem, and for his guidelines for utilizing the MILP tool. 
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• Permit model descriptions that are independent of solution algorithms. 

 

Using the Matlab/GAMS link (Ferris [186]) allows expressing the optimisation problem 
independently of the data it uses. This separation of logic and data makes it possible to 

increase a problem in size without increasing the complexity of the representation. The actual 
optimisation problem is then solved by the Cplex 10.0 solver [187]. A schematic overview of the 

implementation of the model is given in  

Figure 30. 

 

 
 

Figure 30: Schematic representation of the implementation of the simulation model. 

 

4.2.2 Model description 

The main equation of the optimisation algorithm is the objective function. This 
objective function represents the overall cost to meet the hydrogen demand and 
needs to be minimised: 

 
,

( ) ( , )
i i j

Cost Investcost i Opcost i j= +∑ ∑  (4.3) 

Hereby, the indices i and j refer to the set of hydrogen-production units I and the set 
of time periods J74, respectively. It should be noted that the investment cost only 
depends on the decision to build a certain plant or not, while the operating cost of an 
installed plant is also time dependent (i.e., operational or not, at partial load, etc.). 

 

                                                     
74   Throughout all simulations, one time period equals one hour. 
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In order to correctly asses the objective function, the following constraints have to 
be taken into account: 

• The equilibrium between production, demand and storage of hydrogen 

 

 : ( , ) ( ) ( ) ( )
i

j J g i j storout j storin j d j∀ ∈ + − =∑  (4.4) 

 

 

with g(i,j) Total hydrogen production of plant i in period j  

  [kWh/h]75 

storout(j) Hydrogen taken from storage in period j [kWh/h] 
storin(j) Hydrogen added to storage in period j [kWh/h] 

 dj Hydrogen demand in period j [kWh/h] 

  

• Boundaries for the amount of storage, determined by the possible linepack 

 : 0 ( ) ( )j J stor j line j∀ ∈ ≤ ≤  (4.5) 

 : ( ) ( 1) ( ) ( )j J stor j stor j storin j storout j∀ ∈ = − + −  (4.6) 

 

with stor(j) Amount of hydrogen stored in period j [kWh] 

line(j) Maximum storage (linepack) in period j [kWh] 

Furthermore, an additional boundary condition assures that the final amount 
of storage equals the initial amount.  

 

• The stepwise cost function of a hydrogen plant according to the data in Table 
8 

 1 2 min, 2, : ( , ) ( , ) ( , ) . ( , )ii I j J g i j g i j g i j g z i j∀ ∈ ∀ ∈ = + +  (4.7) 

 1 int, min, 2, : ( , ) . ( , )i ii I j J g i j g g z i j⎡ ⎤∀ ∈ ∀ ∈ ≤ −⎣ ⎦  (4.8) 

 2 max, int, 2, : ( , ) . ( , )i ii I j J g i j g g z i j⎡ ⎤∀ ∈ ∀ ∈ ≤ −⎣ ⎦  (4.9) 

 

                                                     
75  As each time period equals one hour, all energy-related units could also be denoted as 

kWh/h, being the average amount of energy produced/stored/consumed during one hour. 
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with g1(i,j) Hydrogen production between gmin,i and gint,i [kWh/h] 

g2(i,j) Hydrogen production between gint,i and gimax,i [kWh/h] 

gmin,i Minimum hydrogen output of plant i76 [kWh/h] 

gmax,i Maximum hydrogen output of plant i [kWh/h] 

gint,i Intermediate hydrogen output of plant i77 [kWh/h] 

z2(i,j) Binary variable indicating whether unit i is committed or 
not in period j 

 
The underlying principle of Eqs. (4.7) - (4.9) is illustrated in Figure 31. The 
minimum operating point gmin of the plant is fixed at 60% of the rated 
hydrogen output; the intermediate operating point gint is set to 80% of the 
rated hydrogen output. Furthermore, the plant’s efficiency remains constant 
in the first and second operating interval between gmin and gint and gint and 
gmax, respectively. The decrease of the efficiency in the second interval can be 
deduced from the larger slope of the curve (higher marginal fuel use). 
Obviously, each hour the plant can operate at any point between gmin and 
gmax or it can be shut down if necessary. 

 

• The necessary condition that a plant must be installed in order to be used 

 1 2: ( ) ( , ) / 8760
j

i I z i z i j∀ ∈ ≥∑  (4.10) 

With z1(i) Binary variable indicating whether plant i is installed or 
not 
 

In fact, Eq. (4.10) implies that, as soon as a plant is considered to be in 
operation for one hour, the investment cost must be taken into account. 
 

                                                     
76  The minimum output is set to 60% of the rated hydrogen output of the plant. 
77  The intermediate output is set to 80% of the rated hydrogen output of the plant. 
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Figure 31: Operating regime of a hydrogen-production plant with gmin the minimum operating 
point (60% of the rated hydrogen output), gint the intermediate operating point (80% of the 
rated hydrogen output) and gmax the maximum operating point (100% of the rated hydrogen 
output). The plant’s efficiency is lower in the second interval (between gint and gmax), which is 

represented by the larger slope of the fuel-use curve. 

 
Given these constraints, the investment cost and operating cost can then simply be 
written as: 
 

 1: ( ) ( ). ii I Investcost i z i CaC∀ ∈ =  (4.11) 

 

min, 1 1, 2 2,, : ( , ) ( , ) . ( , ). ...i i ii I j J Opcost i j g g i j MC g i j MC⎡ ⎤∀ ∈ ∀ ∈ = + + +⎣ ⎦
 [ ]... ( , ). . .i ig i j CE CT CC CS+  (4.12) 

 

With CaCi Capitalised cost78 of plant i [€] 

MC1,i Overall marginal cost of plant i up to 80% of rated power output 
[€/kWh] 

MC2,i Overall marginal cost of plant i between 80% and 100% of rated 
power output [€/kWh] 

                                                     
78  This is in fact the levelised cost for the time period considered (1 hour, 1 week, 1 year, …), 

which is obtained from the yearly capitalised cost as calculated in Eq. (4.1). 
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CEi CO2 emissions of plant i [g/kWh] 

CT Carbon tax [€/g] 

CCi CO2 captured by plant i [g/kWh] 

CS Carbon storage and disposal cost [€/g] 

 

Hereby, the overall marginal cost is the sum of the marginal fuel cost, the electricity 
cost and the O&M cost for the production of an extra kWh of hydrogen. 

Subsequently, constraints are added to include the minimum up- and downtimes of 
each hydrogen plant. These up- and downtimes vary from 1 hour for the smallest 
(20 MW) electrolyser units to 12 hours for large-scale reformers and gasification 
units.  

 

 [ ], , 1, 2,..., 1 :ii I j J k mut∀ ∈ ∀ ∈ ∀ ∈ −  

 [ ] [ ]2 2 2 2( , ) ( , 1) ( , 1) ( , ) 1z i j z i j z i j k z i j k− − + + − − + ≤  (4.13) 

 [ ], , 1, 2,..., 1 :ii I j J k mdt∀ ∈ ∀ ∈ ∀ ∈ −  

 [ ] [ ]2 2 2 2( , 1) ( , ) ( , ) ( , 1) 1z i j z i j z i j k z i j k− − + + − + − ≤  (4.14) 

With muti Minimum uptime of plant i [h] 

mdti Minimum downtime of plant i [h] 

 

In Eqs. (4.13) and (4.14), the first terms between square brackets reflect a startup 
or shutdown, respectively. The second terms between square brackets make sure 
that the plant remains on- or offline during the required number of hours. 

 

Finally, the following constraints have been imposed on the variables in order to keep 
the solution physically possible: 

 

 1 2, : ( , ), ( , ), ( , ), ( ), ( , ),...i I j J g i j g i j g i j Investcost i Opcost i j∀ ∈ ∀ ∈  

 ... ( ), ( ), ( ) 0stor j storout j storin j ≥  (4.15) 

 1 2, : ( ), ( , ) 0i I j J z i z i j∀ ∈ ∀ ∈ =  or 1 (4.16) 
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4.3 Modelling philosophy 
Given a set of hydrogen plants to choose from, a storage capacity and a time frame, 
the optimisation algorithm described above can then be used to determine the 
(economically) optimal hydrogen-generation mix and the corresponding working 
regime of each plant to meet a certain demand. However, because of this double 
optimisation – generation mix and unit commitment – the computer time needed to 
solve the algorithm quickly increases as the problem becomes more complex. Using a 
set of 12 hydrogen plants to choose from and a fixed amount of storage, this 
increase with regard to the number of hours simulated is shown in the semi-
logarithmic plot of Figure 32. It can be seen that simulating 7 weeks (1,176 hours) 
takes about 300,000 seconds, being approximately 4 days in real time. This 
computer time can differ somewhat depending on the required accuracy and the 
input data, but the order of magnitude remains the same. 

 

 
Figure 32: Increase of simulation time with regard to the number of hours simulated for a set of 

12 hydrogen plants and a fixed amount of storage. Note the semi-logarithmic scale. 

 

Obviously, due to this computer time it is impossible to simulate an entire year. 
However, when the binary variable z1 (investment decision) is removed from the 
algorithm, solely leaving the traditional unit commitment/dispatching problem with 
the binary variable z2, simulating the operational behaviour of all hydrogen plants 
throughout an entire year only takes a few hours. But, as there are no examples of 
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an existing hydrogen infrastructure to start from, the question remains which 
hydrogen-generation mix should be used as an input.  

To overcome this problem, a stepwise solution is being suggested. Firstly, determine 
the optimal hydrogen-production mix based on a simulation time period summing up 
to a maximum of 7 weeks (limited due to computation time). Secondly, use this 
optimal configuration as an input to optimise the operational behaviour throughout 
an entire year (or longer). 

 

4.3.1 Determination of the optimal hydrogen-production mix 

When a hydrogen demand profile of 1 to 7 weeks is imported in the optimisation 
algorithm, the ‘optimal’ hydrogen-production mix and the corresponding behaviour of 
the plants is returned as a result after some time (several seconds to four days). 
However, this solution may well be optimal for the given time period, but this does 
not imply that it is optimal for an entire year79. In order to verify this, the annual 
demand profile (Figure 24) has been split up into weekly and monthly profiles and an 
optimal hydrogen infrastructure for each of these weeks and months has been 
calculated. This has been done for three different scenarios: no storage and no 
minimum up- and downtimes, no storage but including minimum up- and downtimes 
and, finally, including both storage and minimum up- and downtimes. 

 

A first example of the output of such a simulation, whereby the results are 
postprocessed by a Matlab-implemented code, is shown in Figure 33. This particular 
example only shows the eventual composition of the hydrogen-production mix, 
whereby the set of hydrogen plants to choose from consists of two types of 
gasification plants (500 MW and 1,000 MW), three types of reformers (100, 300 and 
500 MW) and three types of electrolysers (50, 100 and 200 MW). Moreover, although 
not being the case in the simulations in this Section 4.3.1, each plant can appear 
more than once in the production mix. In this example, no gasification plants, two 
300-MW reformers, one 50-MW electrolyser, two 100-MW electrolysers and two 200-
MW electrolysers are being installed. This is indicated by the stacked bars above 
each type of plant listed on the abscissa. 

 

 

 

                                                     
79  Because the demand profile repeats itself after one year and the initial and final amount of 

storage must be equal, it is sufficient to consider only one year to verify whether a solution 
is optimal. Namely, this exact same solution will be returned for the second, third, … year. 
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Figure 33: Example of the output of the optimisation algorithm as given by Matlab for a 6-week 

profile corresponding to scenario 9 as described in Table 13. This example is limited to the 
stacked-bar representation of the optimal composition of the hydrogen-production mix as 

obtained from the optimisation algorithm. 

 

Besides the composition of the hydrogen-production mix, also the hourly operational 
behaviour of each individual plant is returned as an output of the optimisation 
algorithm. An example of this is shown in Figure 34, whereby the set of hydrogen 
plants to choose from consists of four types of gasification units (200, 300, 480 and 
800 MW), four types of reformers (50, 150, 300 and 500 MW) and four types of 
electrolysers (20, 70, 120 and 200 MW). The upper graph again shows the 
composition of the hydrogen-production mix, being one 200-MW gasification facility, 
two 50-MW reformers, one 150-MW reformer and one 500-MW reformer in this case. 
The lower graph then shows the hourly operational behaviour of each individual 
plant, whereby the output can fluctuate between 60% and 100% of the rated 
hydrogen output. In this example, a fixed amount of storage is assumed to be 
available and the minimum up- and downtimes of each plant have been taken into 
account. Minimisation of the objective function in Gams/Cplex then leads to an 
overall investment and operational cost of 24.93 M€ for the four-week demand 
profile considered80. 

 

                                                     
80  When simulating four weeks, the capitalised cost taken into account equals only 4/52nd of 

the annual value. The same reasoning is applied when a different time span is being looked 
at. 
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Figure 34: Example of the output of the optimisation algorithm as given by Matlab for a period 
of 4 weeks. The upper graph shows the composition of the hydrogen-production mix; the lower 
graph shows the hourly operational behaviour of each individual plant. The overall investment 

and operational costs are also displayed in the lower graph. 

 

4.3.1.1 Weekly profiles81 

In these simulations, an optimal solution is found for each individual week. The 
demand for every week is deduced from the overall demand profile, with ‘week 1’ 
representing the time period from January 1st to January 7th and ‘week 52’ the time 
period from December 24th to December 30th. Obviously, the numerical outcome of 
each optimisation is of lesser importance as these simulations are only a first step to 
determine the optimal composition of the park throughout an entire year. The 
relevance of these weekly simulations lies in the understanding one can gain from 
analysing and interpreting the results. 

 

 

                                                     
81  The results of all weekly and monthly simulations are listed in Appendix C. 
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 No storage / no minimum up- and downtimes 

The total installed hydrogen-production power ranges from 340 MW (weeks 32, 33 
and 34) to 1,570 Mw (week 51). Using the assumptions and boundary conditions as 
described in Section 4.1, reformers are the dominant technology, complemented with 
small-to-medium scale gasification units in periods of high demand (October-March) 
and with small-scale electrolysers in periods of low demand. Occasionally, a single 
electrolyser is also installed in winter to cover peaks in demand. 

Logically, if there is no storage, the only production mix capable of meeting the 
demand every hour of the year is the one designed to cover the peak demand. 
However, even then an additional amount of 20-MW electrolysers is needed to cover 
the very low demand in summer as large-scale facilities can only operate at 60% of 
their rated hydrogen output. All in all, it is clear that this stepwise weekly approach 
does not allow finding the optimal hydrogen park, but it has proven to be a good 
exercise in understanding the physics behind the optimisation algorithm. 

 

 No storage / with minimum up- and downtimes 

When minimum up- and downtimes of the hydrogen-production units are included in 
the optimisation algorithm, reformers remain the dominant technology but more 
small-scale electrolysers are being installed, mainly at the expense of gasification 
units. This is entirely due to the fact that electrolysers are more flexible than 
gasification units and therefore are more suitable to balance supply and demand. As 
there is no storage, the overall installed capacity still fluctuates between 340 and 
1,570 MW. Here again, none of the ‘weekly optimal’ parks is suitable to meet the 
demand for hydrogen throughout an entire year unless additional small-scale 
electrolysers are being installed. As far as costs are concerned, the use of minimum 
up- and downtimes does not cause a substantial difference. 

 

 With storage / with minimum up- and downtimes 

Including storage in the simulations causes a substantial drop in the installed 
capacity, now ranging from 170 MW to 950 MW. In addition, the overall weekly cost 
decreases by about one third on average. The hydrogen-production mix always 
consists of multiple reformers, occasionally supplemented with a 20-MW electrolyser. 
When fixing these different hydrogen-production mixes and simulating an entire 
year, every production mix with an installed capacity of at least 850 MW succeeds in 
fulfilling the overall annual demand. Hereby, the overall cost is strongly determined 
by the technologies – and the appropriate fuel – that are being used. For example, a 
production mix of 1,000 MW consisting of some reformers and one gasification unit 
will have a lower overall cost than a production mix entirely consisting of reformers. 
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This, of course, is due to the lower fuel costs for gasification units, which makes 
them more attractive when they are operated for a longer period. Moreover, the 
additional investment cost of a gasification unit is difficult to compensate for by lower 
fuel costs on a weekly basis because of the rather long minimum downtime of such a 
unit. This effect, however, is less pronounced on an annual basis. 

 

4.3.1.2 Monthly profiles 

In all simulations without storage, using a monthly instead of a weekly profile does 
have little effect on the composition of the production mix. Reformers are still the 
dominant technology and the maximum installed capacity during winter is 1,570 MW. 
Nevertheless, the installed capacity in summer is somewhat higher compared to the 
weekly analyses (540 MW being the minimum). This can be ascribed to the fact that 
the maximum hourly demand to be met in any month is larger than the maximum 
hourly demand in the lowest-demand weeks. 

When storage is taken into account, the installed capacity in winter lies between 950 
and 1,100 MW, somewhat higher than the results obtained on a weekly basis. The 
reason is the same as mentioned above: the high demand and longer operating time 
sometimes favours the installation of a 300-MW gasification unit above a 150-MW 
reformer due to the lower fuel costs and the minor importance of the minimum up- 
and downtimes. Obviously, this effect largely depends on the input data such as 
investment costs, fuel costs, efficiencies, carbon taxes, etc. 

 

4.3.1.3 Virtual profiles 

From the previous simulations, it has become clear that, apart from the possibility to 
store hydrogen or not, the length and quantitative characteristics of the demand 
profile have an important impact on the outcome of the simulations. However, as it 
remains impossible to simulate an entire year computationally, these side-effects 
have to be overcome. Therefore, 9 different virtual demand profiles have been 
developed. Here, virtual refers to the fact that the demand profiles do not represent 
a number of consecutive hours. Instead, the virtual demand profiles are composed 
out of non-consecutive days or weeks which contain some characteristic data such as 
the maximum and minimum hourly demand seen on an annual basis. These profiles 
are shown in  Figure 35.  
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 Figure 35: Nine different ‘virtual’ demand profiles used as an input to the optimisation 

algorithm. 
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The different demand profiles are shortly described below: 

• Profile 1 consists of only two weeks containing the maximum and minimum 
hourly demand for hydrogen, respectively. In practice, this refers to a winter 
and a summer week. Including this minimum and maximum demand prevents 
over- or underdimensioning the installed production capacity. 

• In profile 2, one week with an intermediate demand is added to profile 1. 

• In profiles 3 and 4, two weeks with an intermediate demand are added to 
profile 1. The two additional weekly demand profiles are different in both 
cases. This will allow gaining insight in the sensitivity of the optimisation 
algorithm to the exact values of a demand profile, regardless of the time 
frame. 

• Profiles 5 to 7 each consist of five weeks, whereby the first (maximum), third 
(intermediate) and last (minimum) week are always the same. In profiles 5 
and 7, the second and fourth week are simply switched. By doing this, the 
importance of the exact order of the hourly demand can be studied, as the 
time frame and the overall demand remain unchanged. 

• Profile 8 consists of seven consecutive weeks, again containing the weeks 
with minimum and maximum demand. 

• Profile 9 covers a time span of six weeks and reflects the shape of an actual 
yearly demand profile by carefully selecting daily demand profiles, including 
the maximum and minimum demand and taking into account the differences 
between daily demand during the week and the weekend. 

 

These profiles are then used to check the reliability and robustness of the 
optimisation algorithm and to obtain some further insights in the development of an 
appropriate hydrogen infrastructure. 
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4.4 Modelling results 
Using the aforementioned different demand profiles, more than 100 simulation runs 
are performed. Hereby, four main scenarios were considered. For each scenario, the 
following assumptions are made: 

• The investment cost of the hydrogen-production plants is calculated as 
explained in Section 4.1.2.2. 

• The capitalised cost for each plant is obtained by dividing the annual 
capitalised cost by 52 and then multiplying it by the number of weeks 
appearing in the corresponding demand profile. 

• O&M costs, electricity use, efficiencies and emissions of each production unit 
are taken from Table 8. 

• Storage is only available as linepack, whereby the maximum and minimum 
allowable amount of storage are kept constant to 110 GWh H2 and 45 GWh 
H2, respectively82. This comes down to the simplified, static approach as 
explained in Section 4.1.3.3. 

• The different hydrogen-production plants available to the optimisation model 
are gasification units (200, 300, 480 and 800 MW), reformers (50, 150, 300 
and 500 MW) and electrolysers (20, 70, 120 and 200 MW). Each plant can be 
installed maximum four times. 

 

The following scenarios are considered: 

• A base case scenario including storage and minimum up- and downtimes of 
the hydrogen-production units (BASE) 

• A scenario, similar to the base case, but without storage (BASE_NOSTOR) 

• A scenario with storage but without imposing a minimum up- and downtimes 
(BASE_NOMUMD) 

• A scenario similar to the base case except for a much higher gas price  
(SOARING_GAS) 

 

In this last scenario, the gas price is assumed to be 25% higher than in the base 
case, i.e. 56.25 €/boe instead of 45 €/boe. This increase of 25% is chosen based on 
the forecasted and historic natural-gas price as shown in Figure 29. Indeed, whereas 
the IEA forecasts a natural-gas price of 45 €/boe in 2030, the historic price evolution 

                                                     
82  As a comparison, the overall annual hydrogen demand (and production) amounts to 

approximately 4,500 GWh. 
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shows that prices of well over 50 €/boe are not unrealistic. An overview of the four 
different scenarios is given in Table 9. 

 

SCENARIO NAME BASE BASE_NOSTOR BASE_NOMUMD SOARING_GAS 

Gas price 

[€/boe] 
45 45 45 56.25 

Coal price 

[€/boe] 
15 15 15 15 

Elec. Price 

[€/kWh] 
0.075 0.075 0.075 0.075 

Carbon tax 

[€/ton] 
70 70 70 70 

Storage YES NO YES YES 

Minimum 
up/downtime 

YES NO NO YES 

Table 9: Overview of the four simulation scenarios applied to the 9 demand profiles as given in  
Figure 35. 

 

A schematic overview of the output of the BASE and BASE_NOSTOR scenarios is 
represented in Table 10. The upper (grey) line corresponding to each profile lists the 
different production units installed in the BASE scenario; the lower (white) line gives 
the production units installed in the BASE_NOSTOR scenario. The overall cost 
(investment, operational and emission cost) can be found in the last column of the 
table. The results of the BASE_NOMUMD and SOARING_GAS scenarios are given in 
Table 11, whereby the upper line for each profile corresponds to the BASE_NOMUMD 
scenario and the lower line to the SOARING_GAS scenario. 
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Table 10: Simulation results for nine different demand profiles in the BASE and BASE_NOSTOR 
scenarios. 
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Table 11: Simulation results for nine different demand profiles in the BASE_NOMUMD and 
SOARING_GAS scenarios. 

 



116 Chapter 4 

4.4.1 The influence of the demand profile 

Before discussing the simulation results, it should be mentioned that the accuracy of 
the simulation outcome is set to be within a 1% range of the optimal solution83. 

 

In the BASE and BASE_NOMUMD scenarios (Table 10 and Table 11, grey lines), the 
composition of the hydrogen-production park is identical for each demand profile, 
being two large-scale reformers with a capacity of 500 MW H2 each. This 
correspondence, however, is entirely due to the type of scenario rather than to the 
type of demand profile. Namely, when looking at the results in the BASE_NOSTOR 
and SOARING_GAS scenarios, no generic conclusion on the influence of the demand 
profile can be drawn. However, as will be explained below, profile 9 has the 
advantage of resembling a real profile. Some observations are now discussed. 

 

Firstly, the length of the demand profile does not lead to some kind of convergence 
in the results. This is clearly illustrated by the results corresponding to profiles 5, 6  
and 7, each consisting of five weeks. In the BASE_NOSTOR scenario, the output is 
different in every case (a mix of different types of reformers and small-scale 
electrolysers). In the SOARING_GAS scenario, both a gasification and reformer unit 
are installed, but in different sizes (profile 5 vs. profile 7). The higher cost per week 
for profile 6 can be explained by the higher overall demand for hydrogen – and 
therefore the higher operating costs – in that profile (443 GWh compared to 419 
GWh for profiles 5 and 7). 

 

Secondly, the shape of the demand profile (switching between high and low 
demand) does also not seem to have a particular influence. There are indeed some 
shifts in the composition of the hydrogen-production mix, but they cannot be 
correlated to the specific shape of a profile. The overall cost, of course, increases 
with an increasing hydrogen demand as the operating costs (mainly fuel costs) are 
higher. 

 

Thirdly, the exact order of a demand profile (order of the different weeks) has an 
influence. The results in the BASE_NOSTOR and SOARING_GAS scenarios for 
demand profiles 5 and 7 illustrate this perfectly. Profiles 5 and 7 both consist of five 
weeks, whereby the only difference between both profiles is the fact that the second 

                                                     
83  This means that the solver will stop on the first solution found whose objective value is 

within 1% of the best possible solution. This best possible solution is determined from the 
linear programming problem (LP) obtained by omitting all integer or 0-1 constraints on 
variables. This is called the LP relaxation of the (mixed) integer programming problem. 
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and fourth week are switched (so, the overall demand for hydrogen is exactly the 
same). Nevertheless, the results for profiles 5 and 7 differ in both scenarios, whereby 
both the composition of the park and the overall cost are different. This can partly be 
explained by the accuracy of the simulation outcome and partly by the sensitivity of 
the model to the length and shape of the demand profile. 

Obviously, the demand profile strongly influences the result of the optimisation 
process. Therefore, as it best resembles the actual annual demand, only demand 
profile 9 is being considered in the next round of simulations, i.e. a more in-depth 
sensitivity analysis of the optimisation algorithm to input parameters such as fuel 
prices and carbon taxes. Nevertheless, it must be stressed that even this profile is 
merely an approximation because of the limited length and the inevitable uncertainty 
on each prediction of future demand. So, whatever may be the outcome of a 
particular simulation, it is important to focus on the general tendencies that can be 
observed rather than analysing the detailed operational behaviour of every 
hydrogen-production unit. 

4.4.2 The influence of storage 

In all scenarios considered, storage is assumed to be available only as linepack in 
pipelines. Until now, only the simplified, static approach is used assuming that the 
entire amount of hydrogen flows through a 1,000-km pipeline with a diameter of 900 
mm, operating between pressures of 100 and 40 bars. The resulting storage capacity 
then amounts to approximately 18 million Nm³ or 65 GWh H2. 

An example of such a storage profile is represented in Figure 36. This storage profile 
corresponds to demand profile 9 and the BASE scenario, whereby two 500-MW 
reformers are installed. Both the storage and demand profile are deliberately plotted 
on the same scale to emphasize the absolute difference between them. Figure 36 
clearly shows that linepack is effectively and actively used during periods with high 
demand, while it rather serves to allow the use of large production units during 
periods of low demand (e.g. the 200-MW gasification unit in the example of Figure 
34). Moreover, it is clear that the storage capacity is not fully used, indicating that 
the underlying pipeline network is capable of handling a much larger demand for 
hydrogen. This might seem strange as the amount of storage goes to zero during 
winter. However, this is entirely due to the fact that even in winter both reformers 
almost never operate at full load. The operational behaviour of the reformers is 
shown in Figure 37. 
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Figure 36: Storage (linepack) profile corresponding to demand profile 9 and the BASE scenario, 

whereby two 500-MW reformers are being installed. 

 

 

 
Figure 37: Operational behaviour of two 500-MW reformers corresponding to demand profile 9 

and the BASE scenario.  
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Table 10 gives a good overview of the influence of the availability of storage on the 
development of a hydrogen infrastructure. Firstly, the lack of storage requires the 
installation of some small-scale production units – i.e. electrolysers – in order to be 
able to exactly meet the peak demand at any given moment. Secondly, independent 
of the demand profile, the main effect of the absence of storage facilities is the 
increase of the installed capacity by approximately 900 MW and the increase of the 
overall cost by approximately 25%. As operational costs remain more or less 
unchanged, this cost increase can entirely be attributed to the construction of 
additional hydrogen-production units and their corresponding investment cost. 
Expressed in absolute terms, this additional investment cost in the absence of 
storage amounts to 70 M€ per year84, or an increase by approximately 110%. As the 
lifetime of each production unit is assumed to be 20 years, the overall additional cost 
due to the absence of storage is then 1.4 billion €, while the cost for installing a new 
1,000-km hydrogen-transport grid amounts to 0.5 – 2 billion € (see Table 6 and 
Section 4.1.4). At first sight, the two options – storage or no storage – seem 
competitive from an economic point of view. However, there are arguments which 
clearly favour the installation of a new hydrogen-transport grid to be able to benefit 
from the storage: 

• The additional costs calculated above are valid when only 5% of hydrogen is 
mixed into the natural-gas bulk. However, the pipeline infrastructure 
considered is easily capable of handling hydrogen flows that are two to three 
times higher. So, mixing in of 10-15% of hydrogen will not cause an 
additional cost as far as pipelines (and storage) is concerned. On the other 
hand, if hydrogen demand is doubled and there is no storage available, the 
additional investment cost also doubles to 140 M€ per year or to 2.8 billion € 
for a 20-year timeframe. 

• A newly-built pipeline infrastructure is likely to be in place for more than 20 
years. E.g., pipelines with a lifespan of 50 years or more are no exception in 
the current natural-gas infrastructure (Vanderoost [86]). 

• The pipeline infrastructure considered (diameter: 900 mm; length: 1,000 km) 
is strongly oversized. Pipelines with a diameter of 400 mm are also capable of 
handling the necessary hydrogen flow and providing a sufficient storage 
capacity (see Figure 27). Therefore, the pipeline investment cost will more 
likely to be in the range of 0.5 billion € than 2 billion €. However, when 
hydrogen demand is expected to increase substantially – using hydrogen-

                                                     
84  In the simulations, the annual capitalised costs have been downscaled proportionally to the 

length of the demand profile. The additional annual cost is then calculated by reconverting 
the capitalised costs to a time period of one year. 
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natural gas mixtures containing 20 vol% H2 or more – it might be useful to 
initially oversize the newly-built pipeline infrastructure. 

• Finally, the installation of a hydrogen-transport grid allows the continuous 
mixing in of hydrogen into the natural-gas bulk. Namely, whenever a 
hydrogen-production plant is shut down (unexpectedly or for maintenance), 
the stored amount of hydrogen in the transport grid can be used to ensure 
the delivery of hydrogen to the medium- or low-pressure natural-gas grid. 

 

In conclusion, the investment in a high-pressure hydrogen pipeline network and 
corresponding linepack possibilities probably pays off. Therefore, the availability of 
such a network and storage capacity is assumed in all further simulations. 

 

4.4.3 The influence of minimum up- and downtimes 

From Table 10 and Table 11 (BASE and BASE_NOMUMD scenarios) it can easily be 
seen that the use of minimum up- and downtimes for the hydrogen-production 
plants has no effect on the investment decision nor on the overall cost. This, 
however, is only the case as long as storage is available. Without storage, the use of 
minimum up- and downtimes will avoid the installation of large units, which often 
have to be up or down for a period of 12 consecutive hours, and will cause a shift to 
smaller, more flexible units. Nevertheless, as storage will always be included in the 
simulations, the importance of minimum up- and downtimes is negligible. 

 

4.4.4 The influence of fuel prices and carbon taxes 

A quick view at the results of the SOARING_GAS scenario in Table 11 already learns 
that a small increase of the gas price  (by 25%) immediately results in a partial 
technology switch, whereby one of the two 500-MW reformers of the BASE scenario 
is replaced by an gasification unit and/or smaller reformer facilities. Although the 
technology switch occurs for each demand profile, there are some differences in the 
final composition of the hydrogen-production park. This indicates that there is a 
range of possible solutions that are very close to ‘the optimal’ solution and, 
consequently, that the optimisation algorithm (and especially the ‘investment part’) is 
very sensitive to changes in the input data. 

However, as announced above, a more in-depth analysis of the effect of changing 
fuel prices and carbon taxes is carried out with demand profile 9 as an input (see  
Figure 35 and Section 4.4.1). For this second round of simulations, the following 
additional assumptions are made: 
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• Storage is available as linepack provided by a 1,000-km pipeline with a 
diameter of 400 mm and a maximum pressure of 100 bars. As most of the 
time only 3-4 hydrogen-production plants are installed, the flow of hydrogen 
through a certain segment of the transport grid is assumed to be one fourth 
of the hourly demand. In addition, hydrogen is recompressed to 100 bars 
every 100 km. These assumptions then lead to an hourly available linepack 
profile as shown in Figure 27. 

• The different hydrogen-production plants available to the optimisation model 
are gasification units (500 and 1,000 MW), reformers (100, 300 and 500 MW) 
and electrolysers (50, 100 and 200 MW)85. Each plant can be installed 
maximum two times86. 

• The electricity price is allowed to fluctuate. The reasoning behind this is the 
probably massive installation of renewable energy technologies (wind 
turbines, photovoltaics, …) by 2030 and beyond. The output of these 
renewables will certainly cause the electricity price to fluctuate substantially, 
possibly even dropping to zero when there is an excess of electricity. As a 
simplified approach, it is then assumed that during a time span of 24 hours, 
the electricity price drops to zero one quarter of the time. These six hours are 
distributed randomly in each time span of 24 hours. 

• Minimum up- and downtimes are included in every simulation. 

• The accuracy of the optimisation algorithm is set to be within 2.5% of the 
optimal solution in order to reduce the computation time. 

 

 

Table 12 gives an overview of the different scenarios analysed, whereby only gas-, 
coal- and electricity prices and the carbon tax have been changed. Scenario 1 is the 
same as the BASE scenario in the previous sections; Scenario 2 is similar to the 
SOARING_GAS scenario, albeit that the rated hydrogen output of the production 
units that can be installed is different. 

 

 

                                                     
85  The main differences with the production plants in Table 10 and Table 11 are the higher 

rated hydrogen output of the gasification units and the smaller overall number of units. The 
higher nominal hydrogen output was introduced to reflect reality as good as possible since 
current IGCC units are tend to be built as large as possible due to beneficial economies of 
scale. The overall amount of units has been lowered in order to decrease computation time 
somewhat. 

86  In previous simulations, a plant could be installed four times. Here again, this is changed to 
reduce the computation time. 
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 Gas price 

[€/boe] 

Coal price 

[€/boe] 

Elec. Price87 

[€/kWh] 

Carbon tax88 

[€/ton] 

Scenario 1 45 15 0.075 70 

Scenario 2 56.25 15 0.075 70 

Scenario 3 67.5 15 0.075 70 

Scenario 4 67.5 15 0.075 120 

Scenario 5 67.5 22.5 0.075 70 

Scenario 6 67.5 22.5 0.075 120 

Scenario 7 56.25 18.75 0.045 120 

Scenario 8 56.25 15 0.0375 70 

Scenario 9 78.75 22.5 0.0375 120 

Table 12: Overview of the input parameters of the different scenarios used to analyse the effect 
of changing fuel prices and carbon tax. 

 

The exact input parameters of each scenario have been determined after the results 
of the previous optimisation are known. As each simulation run still lasts 
approximately three days, this is necessary to avoid running superfluous simulations. 
Although the differences between the scenarios sometimes seem very small, almost 
every scenario leads to a different output, indicating that the optimisation model is 
extremely sensitive to the input. At first sight, the choice of the input data might 
seem strange as the electricity price is clearly independent of the gas and coal price. 
However, this independent variation is chosen deliberately in order to get an idea of 
the conditions in which electrolysers will gain a substantial market share. Moreover, 
due to the probable massive installation of renewables for electricity production, it is 
not unreasonable to assume that the average electricity-production cost is no longer 
proportional to the gas and coal price. The investment analysis and overall cost 
calculation for each scenario are listed in Table 13. 

 
 

                                                     
87  This is not a mean value but the actual price during the hours that the electricity price does 

not drop to zero. 
88  Given the CO2 emission factors of natural gas and coal, being 57 kg/GJ and 95 kg/GJ, 

respectively, the fuel prices and carbon tax relate as follows: an increase of the carbon tax 
with 1 €/ton is equivalent to an increase of the natural gas price and coal price by 0.34 
€/boe and 0.59 €/boe, respectively. 
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Table 13: The influence of changing fuel prices and carbon taxes; simulation results for demand 
profile 9 and the different scenarios as listed in Table 12 (scenarios 5a and 5b both correspond 

to scenario 5 in Table 12). Calculations are performed with an accuracy of 2.5%. 

 

In the base scenario (scenario 1), the optimal hydrogen production mix again 
consists of two 500-MW reformers, whereby the overall cost amounts to 32.5 M€. In 
scenarios 2 and 3, the gas price is gradually increased by 25 and 50%, respectively. 
As could be expected, this leads to a shift towards more gasification units and less 
reformers, increasing the overall cost. Hereby, it should be noted that scenario 2 
effectively differs from the SOARING_GAS scenario, the overall cost being 35.75 M€ 
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compared to 33.87 M€ in the SOARING_GAS scenario. This difference can be 
ascribed to the differently-sized hydrogen-production units. Subsequently, in scenario 
4, the carbon tax is set to 120 €/ton only affecting the overall cost but not the 
composition of the park (1 GW gasification plant).  

 

In scenario 5, both the gas and coal price have been increased by 50%. Two 
simulation runs have been performed which both led to a different solution. This 
difference is caused by the electricity price, dropping to zero one quarter of the time, 
whereby these hours are distributed randomly throughout each day. All in all, a 
rather small variation which nevertheless leads to two different solutions, illustrating 
the extreme sensitivity of the optimisation algorithm89. The installation of a 100-MW 
electrolyser can easily be explained by the higher gas and coal price. However, the 
competition between the gasification and reformer technology seems very close in 
this scenario as two different solutions were obtained with approximately the same 
overall cost, one solution comprising the installation of two 500-MW reformers and 
the other the installation of one 500-MW reformer and one 500-MW gasification unit. 
Moreover, when comparing scenario 5b with scenario 1, it is remarkable that the 
additional 100-MW electrolyser is being installed in scenario 5b. Namely, as the 
demand profile is exactly the same, the two reformers should be capable of meeting 
the demand without the electrolyser. Nevertheless, as the gas price is 50% higher in 
scenario 5b, it turns out to be more economic to install an additional electrolyser 
allowing the reformer(s) to shut down more often and avoiding high operational 
costs. 

 

Compared to scenario 5b, an increase of the carbon tax in scenario 6 does not lead 
to a change in the composition of the park but only increases the overall cost. 

 

In scenarios 7 to 9, all prices fluctuate but the overall tendencies are higher gas 
prices and lower electricity prices. This clearly favours the installation and use of 
electrolysers (limited to two electrolysers of each type). Gasification units do not 
appear on the scene, even not when gas prices are high and coal prices low 
(compare scenario 8 to scenario 2). After scenarios 2 to 5, this might seem a 
surprising result but it can be explained by the lower utilisation rate of the non-
electrolyser facilities in scenarios 7 to 9. As reformers or gasification units are used to 
fulfil (almost) the entire demand in scenarios 2 to 5, a higher gas price is strongly 
penalising and favours the use of gasification units, despite their higher investment 

                                                     
89  All other simulations runs (scenarios 1 to 9) have also been performed twice, but only in 

scenario 5 two different solutions are obtained. 
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cost. In scenarios 7 to 9, the reformers are only used to cover a small part of the 
demand, so their lower investment cost – compared to gasification units – has more 
impact than the high gas price. 

All in all, the low electricity price leads to a shift towards electrolysers and brings 
down the overall cost substantially. However, there are some peculiarities in the 
results. Firstly, although the gas price in scenario 9 is remarkably higher than in 
scenario 7, the installed reformer capacity in scenario 9 is 600 MW compared to 500 
MW in scenario 7. Secondly, the overall installed hydrogen-production capacity 
amounts to 1,100 MW in scenario 7 and to 1,250 MW in scenario 9. 

 

These differences are now explained in detail, at the same time demonstrating the 
proper functioning of the optimisation algorithm and its highly-sensitive response to 
changing input data. The methodology used is as follows: 

• The two different hydrogen-production systems obtained from scenarios 7 
and 9 are fixed and then serve as an input to solve a traditional unit 
commitment/dispatching problem90. These two systems are referred to as 
‘System 7’ (one 500-MW reformer, two 100-MW electrolysers and two 200-
MW electrolysers) and ‘System 9’ (two 300-MW reformers, one 50-MW 
electrolyser, two 100-MW electrolysers and two 200-MW electrolysers). 

• The simplified optimisation algorithm (no investment decision) is then run 
twice for each system: one time with the input parameters corresponding to 
scenario 7 and one time with the input parameters corresponding to scenario 
9 (see Table 12). 

• The results will then allow drawing conclusions about the accurateness and 
correctness of the results obtained in Table 13 (investment + unit 
commitment/dispatching problem). 

 

The detailed simulation results are shown in Figure 38 to Figure 41. The upper graph 
(a) shows the demand profile and the hourly behaviour of each production unit. The 
middle graph (b) shows the hourly, cumulative hydrogen production. The lower 
graph (c) represents the demand profile and the linepack profile. 

                                                     
90   For reasons of consistency, the accuracy here was also set to be within a 2.5% range of the 

optimal solution. 
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a) 

 
b) 

 
c) 

 
Figure 38: Detailed output of the optimisation algorithm for ‘System 7’ (fixed) and the input 

parameters of ‘Scenario 7’ (see Table 12). The upper graph (a) shows the demand profile and 
the hourly behaviour of each production unit. The middle graph (b) shows the hourly, 

cumulative hydrogen production. The lower graph (c) represents the demand profile and the 
linepack profile. 



Modelling of a transitory hydrogen infrastructure 127 

a) 

 
b) 

 
c) 

 
Figure 39: Detailed output of the optimisation algorithm for ‘System 7’ (fixed) and the input 

parameters of ‘Scenario 9’ (see Table 12). The upper graph (a) shows the demand profile and 
the hourly behaviour of each production unit. The middle graph (b) shows the hourly, 

cumulative hydrogen production. The lower graph (c) represents the demand profile and the 
linepack profile. 
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a) 

 
b) 

 
c) 

 
Figure 40: Detailed output of the optimisation algorithm for ‘System 9’ (fixed) and the input 

parameters of ’Scenario 9’ (see Table 12). The upper graph (a) shows the demand profile and 
the hourly behaviour of each production unit. The middle graph (b) shows the hourly, 

cumulative hydrogen production. The lower graph (c) represents the demand profile and the 
linepack profile. 



Modelling of a transitory hydrogen infrastructure 129 

a) 

 
b) 

 
c) 

 
Figure 41: Detailed output of the optimisation algorithm for ‘System 9’ (fixed) and the input 

parameters of ‘Scenario 7’ (see Table 12). The upper graph (a) shows the demand profile and 
the hourly behaviour of each production unit. The middle graph (b) shows the hourly, 

cumulative hydrogen production. The lower graph (c) represents the demand profile and the 
linepack profile. 
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A schematic overview of the overall hydrogen production per installed unit for the 
four cases considered, is given below in Table 14 and Table 15. 

 

Hydrogen production [GWh] 
SYSTEM 7 Power [MW] 

Scenario 7 Scenario 9 

Reformer 500 254 25 

100 37 79 

100 37 80 

200 97 170 
Electrolyser 

200 97 167 

Total cost [M€] 35.98 36.00 

Table 14: Overview of the overall hydrogen production per installed unit in ‘System 7’ for 
scenarios 7 and 9. Calculations are performed with an accuracy of 2.5%.  

 

 

Hydrogen production [GWh] 
SYSTEM 9 Power [MW] 

Scenario 7 Scenario 9 

300 126 7 
Reformer 

300 138 4 

50 13 50 

100 34 74 

100 34 75 

200 89 154 

Electrolyser 

200 88 157 

Total cost [M€] 35.42 35.81 

Table 15: Overview of the overall hydrogen production per installed unit in ‘System 9’ for 
scenarios 7 and 9. Calculations are performed with an accuracy of 2.5%. 
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From Figure 38 to Figure 41, Table 14 and Table 15, the following conclusions can be 
drawn. 

 

Firstly, the difference in total cost of each ‘system-scenario’ combination is less than 
2.5%, being the accuracy of the optimisation algorithm. This indicates that several 
near-optimal solutions exist, although the ‘chosen’ systems might seem quite 
different. 

Secondly, from Figure 40, it becomes clear why two 300-MW reformers are being 
installed rather than one 500-MW reformer. Namely, a 500-MW reformer has a 
minimum hydrogen output of 300 MW (60% of rated output), whereas a 300-MW 
reformer has a minimum hydrogen output of 180 MW. In scenario 9, the 300-MW 
reformers are merely used to meet peaks in the hourly demand, producing only 11 
GWh H2. As the gas price is considerably high, and the difference in minimum 
hydrogen output is 120 MW, installing 300-MW reformers allows using more 
electrolysers than when a 500-MW reformer was installed. The higher investment 
cost can then be compensated by the lower operating cost as the electricity price is 
very low in scenario 9. 

Thirdly, when a certain system (hydrogen-production mix) is fixed and the input 
parameters are changed, the unit commitment/dispatching problem is solved leading 
to a new optimum. In practice, this new optimum comes down to a switch from 
reformers to electrolysers as ‘baseload’ units. E.g., while both 300-MW reformers 
produce 11 GWh H2 in scenario 9, their H2 production is increased to 264 GWh in 
scenario 7. 

 

4.4.5 The influence of the investment cost 

Starting from the BASE scenario (for profiles 1 to 9, see Table 10), the investment 
cost of GASIFICATION units and electrolysers is lowered by 15% and 25%, 
respectively91. In both cases there is a (partial) technology shift away from reformers 
towards gasification facilities and electrolysers. Since the investment cost only 
accounts for approximately 25% of the overall costs, this again shows that numerous 
near-optimal solutions to the problem exist and that small changes of the input data 
strongly affect the final outcome of the optimisation process. 

 

                                                     
91  The investment cost of electrolysers is decreased more since mass production of 

electrolysers is currently breaking through, providing more possibilities to substantial cost 
reductions in the near future. 
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4.4.6 Increasing the hydrogen demand 

Until now, mixing in of only 5% of hydrogen into the natural-gas bulk is considered. 
Although this already translates in a considerable amount of hydrogen that needs to 
be produced, transported, stored and distributed, it still is a first step towards the 
fully-fledged use of hydrogen as an energy carrier. In order to gain some insight in 
the effect of an increasing hydrogen demand, the BASE scenario (for profiles 1 to 9, 
see Table 10) is run for mixtures containing 10%, 15% and 20% of hydrogen92 
(assuming a 1,000-km high-pressure hydrogen pipeline grid with a diameter of 900 
mm). All other parameters remained the same except for the number of production 
units that can be installed. Increasing demand requires increasing production and 
therefore each unit was allowed to be installed 4, 6 or 8 times, depending on the 
hydrogen demand. 

As a result, the type (and size) of the units installed do not change but the number 
of installed units and the overall costs evolve perfectly proportional with the 
increasing hydrogen demand for mixtures containing 10% and 15% of hydrogen. As 
soon as 20% of hydrogen is needed, also small-scale reformers and electrolysers are 
installed by the optimisation programme. This is necessary for the production side to 
be able to meet the demand at any given moment as the amount of storage capacity 
is becoming inadequate to compensate for periods of high demand. Without focusing 
on the operational details, it is clear that – on top of the infrastructural assumptions 
made in this thesis – additional investments in the hydrogen high-pressure pipeline 
and production infrastructure become necessary when more than 15% of hydrogen 
is fed into the natural-gas grid. This further development of infrastructure is likely to 
occur similar to the development of the natural-gas and electricity infrastructure 
during the past decades. Additional pipelines are installed, possibly in parallel to the 
ones that already exist to increase the transport (and storage) capacity and to 
ensure the security of supply. New hydrogen-production plants are installed, either 
near the high-pressure pipeline grid or near the pressure-reduction stations (mixing 
hydrogen directly into the medium- or low-pressure grid). 

                                                     
92  We recall that, by the time that the amount of hydrogen fed into the natural-gas bulk is 

increasing substantially, multifunctional end-use appliances will have become standard, 
allowing the use of up to 100% hydrogen. Of course, this implies a well-thought, long-term 
view and according policy. 
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4.5 Economic viability of the scenarios 
Although it is not the intention of this thesis to determine under which conditions 
hydrogen becomes a viable energy carrier, it may be useful to give an idea of the 
economic competitiveness of hydrogen in the scenarios that have been considered. 
Indeed, the cost of one kWh of hydrogen will have to be more or less comparable to 
that of one kWh of natural gas, whereby – to a certain and reasonable extent – 
subsidies may have to be used to close the possible gap. 

Therefore, according to the assumptions that have been made in this chapter, the 
cost of hydrogen and natural gas per kWh are being calculated, taking into account 
investment costs, fuel costs, operational costs, a carbon tax and the utilisation rate 
of the hydrogen-production facilities. The reference case for this calculation is 
scenario 1 as listed in Table 12. All relevant figures and data are summarised below 
in Table 16. Hereby, it is assumed that the carbon tax is already internalised in the 
electricity price. The utilisation ratio is chosen based on the outcome of the different 
scenarios, in which the baseload units are operating about 50% of the time. 

 

 Gasification Reformer Electrolyser 

O&M cost [€/kWh H2] 0.0005 0.00025 0.0028 

Investment cost [€/kW H2] 750 350 650 

Electricity use [kWhe/kWh H2] 0.045 0.034 0.046 

Efficiency [%] 70 80 72 

CO2 emitted [kg/kWh H2] 0.056 0.033 - 

CO2 captured [kg/kWh H2] 0.38 0.2 - 

Utilisation ratio [%] 50 50 50 

 Coal Gas Electricity 

Fuel price [€/boe] 15 45 - 

Fuel price [€/MWh] 8.83 26.50 75 

Emissions [kg CO2/kWh] 0.34 0.205 - 

 Carbon tax CO2 disposal  

[€/ton CO2] 70 10  

Table 16: Overview of data used to calculate the cost of hydrogen and natural gas per kWh. 
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The cost per kWh of hydrogen or natural gas is then calculated as follows: 
 

. . .
8760.2

AC FPH cost CE CT CC CD OC EU EP
UR η

= + + + + +  (4.17) 

 

.NGcost GP GE CT= +   (4.18) 

 

with AC Annual cost93 [€/kW H2] 

UR Utilisation ratio [-] 

 CE CO2 emitted [kg/kWh H2] 

 CT Carbon tax [€/kg CO2] 

 CC CO2 captured [kg/kWh H2] 

 CD CO2 disposal cost [€/kg CO2] 

 FP Fuel price [€/kWh] 

 η Efficiency [-] 

OC O&M cost [€/kWh H2] 

EU Electricity use [kWhe/kWh H2] 

EP Electricity price [€/kWhe] 

GP Gas price [€/kWh] 

GE Gas emissions [kg CO2/kWh] 

 
For the reference case, the corresponding costs94 are listed in Table 17. 

 

 Cost 

[€/kWh] 

H2 (gasification) 0.052 

H2 (reforming) 0.053 

H2 (electrolysis) 0.134 

Natural gas 0.041 

Table 17: Overall cost of hydrogen and natural gas according to the data in Table 16. 

                                                     
93  The annual cost is calculated according to Eqs. (4.1) and (4.2) using a lifetime of 20 years 

and an interest rate of 15%. 
94  Hereby, the build up of the infrastructure is not taken into account. 
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As could have been expected, the cost of hydrogen from coal gasification and 
natural-gas reforming is almost the same, indicating the mutual competition between 
these technologies in the different scenarios considered. In this reference scenario, 
the overall cost of natural gas is approximately 20% lower than the cost of 
hydrogen. Therefore, from an economic point of view, it might not be useful mixing 
hydrogen into the natural-gas bulk. However, it is clear that this difference in cost is 
subject to the assumptions that have been made. This is shown in Figure 42 and 
Figure 43, representing the overall hydrogen and natural-gas cost for a changing 
carbon tax and gas price, respectively. As soon as the carbon tax exceeds 125 €/ton 
CO2, both hydrogen from gasification and reforming becomes cheaper than natural 
gas. As soon as the gas price is higher than 62 €/boe (or 38.3 €/MWh), hydrogen 
from gasification becomes cheaper than natural gas. So, when looking at Table 12, it 
is clear that hydrogen is an economically viable energy carrier compared to natural 
gas in half of the scenarios considered in this chapter, whereas additional incentives 
or subsidies would be needed to make hydrogen competitive in the other scenarios. 

 

 

 
Figure 42: Overall hydrogen and natural-gas cost according to the data in Table 16, but with a 

changing carbon tax from 0 to 400 €/ton CO2. 

 

 

 

 



136 Chapter 4 

 

 
Figure 43: Overall hydrogen and natural-gas cost according to the data in Table 16, but with a 

changing gas price from 30 to 80 €/boe. 
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4.6 Conclusion 
Due to the very long computation time, it is rather difficult and time consuming to 
develop a consistent modelling methodology and perform an in-depth sensitivity 
analysis. To keep the computation time within ‘reasonable’ limits, the margin of error 
on the overall cost is set to 2.5%, sometimes leading to some apparent ambiguity in 
the hydrogen-production park. However, since the error of optimisation is a mere 
2.5%, the exact production mix is never much better than the one found by the 
programme. In any case, the optimisation algorithm allows gaining valuable insights 
in the development of a transitory hydrogen infrastructure by combining production, 
transport, storage and demand of hydrogen in one single model. One of the most 
important findings is unmistakably the crucial role of a hydrogen storage 
infrastructure. This need for storage is a strong and convincing argument for the 
development of separate hydrogen-transport grid. Given the demand for hydrogen, 
the hourly linepack available in the high-pressure pipelines avoids the costly 
overdimensioning of the hydrogen-production park. 

Concerning the exact composition of the hydrogen-production mix, the outcome of 
the optimisation algorithm seems very sensitive to the input data. By changing the 
input parameters, almost every possible combination of hydrogen-production 
facilities can be obtained as an output. Therefore, as the uncertainty on the input 
data is relatively large (up to a factor 2), a detailed analysis of the (hourly) 
operational behaviour of the hydrogen-production plants does not provide any useful 
additional information concerning the investment decision. However, this sensitivity 
does illustrate that the main three hydrogen-production technologies are rather 
competitive, each of them proving their value in different market conditions (albeit 
that electrolysers only come into the picture when electricity prices are assumed to 
be very low). Therefore, it might be wise to keep in mind issues like fuel diversity 
and security of supply, thus choosing for a mix of different hydrogen technologies 
rather than – based on the outcome of a simulation – putting all eggs in the same 
basket. Indeed, in reality the input parameters fluctuate anyway (fuel diversity) and 
a diverse portfolio is also useful when – in the long term – 50 to 100% hydrogen is 
used instead of natural gas (security of supply). Based on the simulation results, it 
then seems reasonable to suggest that gasification facilities and reformers constitute 
the lion’s share of the installed production capacity (e.g. 40% each) and that 
electrolysers are used to cover the remaining part (e.g. 20%). 

Nevertheless, the tendencies provided by the optimisation model seem to be correct 
and explicable, illustrating its usefulness when more accurate input data become 
available in the future. Up to this point, the model is preferably used to analyse more 
general aspects of the hydrogen economy such as the need for storage, the 
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necessary installed production capacity and the effect of changing input data on the 
overall costs.  



 

5. HYDROGEN AND ELECTRICITY: 
COMPLEMENTARY ENERGY CARRIERS 

In the previous chapters, only the development of a hydrogen infrastructure and the 
production of hydrogen have been discussed. However, as in a transition phase 
hydrogen would only account for a couple of percentages of the overall energy 
demand, other energy carriers still play a dominant role. Therefore, the entire 
hydrogen story cannot be seen apart from the overall energy picture. Especially the 
interaction with the electricity sector deserves some special attention, namely: 

• Both the production of hydrogen and electricity use mainly natural gas and 
coal as a primary energy source. 

• IGCC facilities can produce hydrogen as well as electricity depending on the 
exact configuration. This makes these units usable in both sectors, possibly 
providing some opportunities whereby hydrogen can be produced when there 
is no need for electricity or vice versa. 

• When hydrogen is produced by means of electrolysis, this requires electricity 
as an input. Therefore, the use of electrolysers is inextricably related to the 
production of electricity. 

• Renewable energy sources will play an increasing role of importance in the 
(near) future. If there is – due to the unpredictable nature – an excess of 
electricity, this can be used to produce electrolytic hydrogen, almost fueling 
the electrolyser ‘for free’. 

 

This chapter contains a detailed analysis of the interaction between the hydrogen 
and electricity sector in order to gain a better insight in the possible opportunities 
that might appear. In other words, it is studied whether the amount of hydrogen that 
can be produced by excess renewable electricity or by ‘flexible’ IGCC facilities is 
sufficient to facilitate the development of a hydrogen economy by covering already 
part of the hydrogen demand. Indeed, it might be possible that this ‘cheap’ hydrogen 
decreases the remaining hydrogen demand to such extent that less efforts and 
investments in hydrogen production, transport and storage capacity are needed. 
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5.1 IGCC and renewables: hydrogen or electricity?  

5.1.1 Combined power and hydrogen production from coal 

Assuming the commercial development of CCS within a few decades, coal-fired 
plants will continue to be part of the electricity-production mix. Hereby, newer coal 
technologies such as ultra-supercritical (USC), pulverised-coal (PC) and IGCC units 
will replace the existing coal-fired facilities. Although current IGCC plants are 
generally developed to solely produce electricity, each of these plants is intrinsically 
capable of producing hydrogen as well, given an appropriate configuration of the 
peripheral equipment (see Section 2.2.2). Recall that an IGCC produces synthesis 
gas, which after application of the shift reaction, produces CO2 and H2, which are 
easily separable. This means that an IGCC with CC(S) function produces H2. In such 
a configuration, an IGCC unit allows the flexible, high-efficient co-production of 
hydrogen and electricity (Chiesa [42], Cicconardi [43], Starr [188], Perna [189]). A 
schematic overview of this configuration is shown in Figure 44. Hereby, the hydrogen 
obtained can be sent to the combined-cycle gas-turbine section of the plant to 
generate electricity or it can be directly fed into a high-pressure hydrogen pipeline. 
 

 
 Figure 44: Schematic overview of the configuration of an IGCC plant for production of 

hydrogen and electricity in variable ratios (Starr [188]). 



Hydrogen and electricity: complementary energy carriers 141 

Future efficiencies (based on the HHV) of these ‘combined’ power and hydrogen 
plants are supposed to be around 40% coal-to-electricity efficiency and 70% coal-to-
hydrogen efficiency (IEA [44]). So, a 400-MWe ‘combined’ power and hydrogen IGCC 
also has a nominal hydrogen output of 700 MW, whereby it can shift from the one 
extreme to the other95. When such a plant is part of the electricity-production mix, it 
can occur that it is not needed to produce electricity from time to time, depending on 
the unit commitment strategy, other facilities, fuel prices, demand, etc. Logically, 
rather than lowering the output or shutting it down during night or periods with low  
electricity demand, the plant can continue operating at full load producing hydrogen. 
For example, if a 400 MWe (700 MW H2) IGCC plant only needs to produce 300 
MWhe in a certain hour, this means that also 175 MWh H2 can be produced in that 
hour (taking into account efficiencies of 40% and 70%, respectively). 

To a certain extent, this can be considered as a ‘free’ hydrogen production unit. 
Namely, from the electric point of view, the plant is built anyway, fixing the overall 
investment costs. So, lowering the output or shutting down the plant will not make 
the investment more profitable, on the contrary. Instead, it is more useful to produce 
hydrogen, whereby only the corresponding fuel costs are attributed to the hydrogen-
production side96. Taking into account a minimal electric operating point of 40%, the 
possible output of a ‘flexible’ IGCC unit as described above is represented in Figure 
45. In the remaining simulations in this chapter, also a minimum downtime of 12 
hours is assumed from an electric point of view. Indeed, whereas switching from 
electricity to hydrogen can be done immediately (simply feeding hydrogen into a 
pipeline), restarting electricity generation is determined by the characteristics of the 
combined-cycle gas turbine. 

 

 

 

 

 

 

 

 

                                                     
95  Note that unlike Combined Heat and Power Plants, whereby the combined production of 

electricity and heat is thé rule, ‘combined’ IGCC plants do not necessarily produce hydrogen 
and electricity simultaneously. Therefore, it is probably better to denote those plants as 
‘flexible’ IGCC units, which can produce 100% electricity, 100% hydrogen or a combination 
of both (e.g. 70% electricity – 30% hydrogen). 

96  In fact, this is an allocation problem whereby several approaches are possible. However, a 
detailed overview of the different allocation strategies goes beyond the scope of this study. 
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Figure 45: Hydrogen production and/or electricity generation by a flexible IGCC unit with a 
nominal electric output of 400 MW, a nominal hydrogen output of 700 MW and a minimal 

electric operating point at 40% of the nominal electric output. 

 

5.1.2 Hydrogen from renewables 

When looking at Belgium, the share of renewable energy in electricity generation is 
expected to grow drastically by 2030, mainly due to policy choices and CO2 reduction 
targets. Although not being predictions of the future, the findings of the Commission 
Energy 2030 clearly indicate the ‘possible’ massive installation of renewable energy 
sources, mainly consisting of on- and offshore wind turbines (CE2030 [190]). In most 
scenarios, the installed wind-turbine capacity amounts to approximately 5,800 MW, 
about 20% of the overall installed capacity (gas-fired, coal-fired, nuclear in the non-
nuclear phase-out scenarios and others). 

Most likely, the electricity produced by the wind turbines will not exceed the 
instantaneous demand for electricity. Hence, at first sight, there seems to be no 
opportunities for the ‘cheap’ production of electrolytical hydrogen based on 
renewables. However, this substantial amount of renewable electricity will cause 
other power plants to lower their output or even to shut down for a while. In this 
case, the question can be raised whether it might be ‘better’ to continue operating 
the ‘conventional’ power plants at full load and use the renewable electricity for 
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hydrogen production. Answering this question requires a detailed and careful analysis 
of the entire energy infrastructure, including capacity credits for wind energy, unit 
commitment strategies, marginal production costs, partial-load characteristics of 
power plants, congestion issues and a sound definition of the term ‘better’.  

Therefore, in this study, it is chosen only to consider the interaction between 
renewable hydrogen production and hydrogen production by means of a flexible 
IGCC. Concretely, from an electric-energy point of view, two situations are looked at: 
the hourly electric output of all IGCC units with no wind turbines installed and the 
hourly electric output of all IGCC units with 5,800 MW of wind turbines installed. The 
difference in electric output allows calculating how much additional hydrogen can be 
produced by the IGCC units due to the installation of 5,800 MW of wind turbines. On 
the other hand, it also indicates how much renewable electricity would be available 
to produce hydrogen with, when the IGCC units would operate identical to the 
scenario without wind turbines.  

From a hydrogen point of view, the reasoning behind both approaches is as follows: 
producing hydrogen by means of a flexible IGCC unit implies that the installation is 
‘for free’ (no investment cost) and that the fuel (coal) has to be paid; producing 
hydrogen by means of renewable excess electricity implies that the installation has to 
be paid (electrolysers) and that the fuel (electricity) is ‘for free’. As the emphasis of 
this study lies on the hydrogen infrastructure, the costs to produce hydrogen are 
then compared to determine which approach offers the best opportunities. 
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5.2 Modelling the future electricity generation 
In order to determine the electricity output of the future electricity-generation mix, 
the model E-simulate is used as a simulation tool. E-simulate has been developed at 
the University of Leuven (Voorspools [191]) and can be used to determine electricity 
generation on a power-plant level and an hourly basis, satisfying a given electricity 
demand at the lowest cost. Furthermore, it takes into account reserve requirements, 
planned outages and unit commitment issues such as minimum operating points and 
minimum up- and downtimes. 

 

5.2.1 Hypotheses and boundary conditions 

Further details on the model E-simulate can be found in Voorspools [192]. All 
additional assumptions specific to this study are discussed below. 

 

5.2.1.1 Composition and characteristics of the electricity-generation mix 

The time horizon for the simulations being 2030, the composition of the Belgian 
electricity-generation mix is hard to predict97. As a guideline, the scenarios studied by 
the Commission Energy 2030 are used (CE2030 [190]). Furthermore, although a 
nuclear phase out in Belgium is still on the table, it is nevertheless assumed that the 
currently installed nuclear power plants remain operational. Summarised, the Belgian 
electric system is assumed98 to consist of nuclear power plants (5,700 MW), 
combined-cycle gas-fired plants (9,600 – 10,800 MW), pulverised-coal plants (1,200 
MW), IGCC facilities (1,200 – 2,400 MW), cogeneration (1,800 MW), autoproducers 
(525 MW), wind turbines (5,800 MW of which 3,800 MW offshore), hydropower (90 
MW, run-of-river), photovoltaics (210 MW) and water pumping units (1300 MW, dual 
storage). Two different systems are considered, whereby the only difference is a 
capacity shift between gas-fired units and IGCC facilities. An overview of both 
systems and the characteristics of each technology are given in Table 18. As far as 
gas- and coal-fired units are concerned, the rated power of one single unit is always 
assumed to be 400 MWe. 

 

                                                     
97  We do not advocate a hydrogen economy by 2030, but have chosen this horizon to be able 

to say something ‘meaningful’ about the possible composition of the electricity-generation 
system. 

98  Because of uncertainties in a liberalised market, this means that the electricity system has 
effectively been ‘postulated’ for our purposes. For the methodological purposes in this 
study, the exact details of the system compared to reality in 2030 are not important. 
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MW installed  

System 1 System 2 

Full-load efficiency 

[%] 

Min. operating point 

[%] 

Overall 28,638 28,638   

Nuclear 5,713 5,713 35 35 / 10099 

Gas-fired 10,800 9,600 55 40 

Pulv. coal 1,200 1,200 42 40 

IGCC 1,200 2,400 40 40 

Cogeneration 1,800 1,800 35 - 

Dual storage 1,300 1,300 80 - 

Wind 5,800 5,800 100 - 

Photovoltaic 210 210 100 - 

Hydro (RoR) 90 90 100 - 

Autoprod. 525 525 35 - 

Table 18: Overview of the Belgian electric system and the characteristics of the power plants in 
2030. Both systems are used as an input to E-simulate. 

 

The full-load efficiencies for the combined-cycle gas- and coal-fired plants assume 
the availability of CCS. Without CCS, these efficiencies increase to 60%, 50% and 
46% for STAG units, pulverised-coal facilities and IGCCs, respectively (IEA [40]). 
Except for the dual storage facility (the pumped-storage hydroelectric facility located 
in Coo), all other units without a minimum operating point are considered to operate 
as must-run power plants. 

5.2.1.2 Demand for electricity 

For the electric-energy demand, hourly-averaged values are used. The shape of this 
demand is derived from historic patterns of the electric-energy demand in Belgium 
on a power-plant level. For the future, this shape is extrapolated with an annual 
growth rate of 1.3% per year between 2000 and 2010 (starting from a demand of 
82.6 TWh in 2000), 1.1% per year between 2010 and 2020 and 0.7% per year 
between 2020 and 2030, resulting in a final demand of 112 TWh (FPB [193]). As far 
as import and export are concerned, both are fixed at a certain level and have no 
further influence on the necessary electricity generation. 

                                                     
99  The 5,713 MW of nuclear power plants are divided into 4,897 MW of baseload units with a 

minimum operating point of 100% and 816 MW of adjustable units with a minimum 
operating point at 35% of the rated power output. 



146 Chapter 5 

5.2.1.3 Renewable energy profiles 

The hourly electric output profiles for wind, photovoltaic and hydropower are fixed 
for an entire year100. These profiles then serve as an input to E-simulate. Any profile 
is acceptable, but just like the electricity demand profile, this renewable generation 
profile is also a given. Hereby, it is assumed that all renewable units operate as 
must-take power plants and their hourly electric-energy production is subtracted 
from the overall electric-energy demand that has to be met by the central power 
system101. This is equivalent to saying that the marginal cost of these renewable 
sources is effectively zero, so that the produced electricity will become present in the 
market, either as reduced demand passing the meter of the customers, or as no-
marginal-cost electricity at the bottom of the merit order. Whereas the photovoltaic 
and hydropower profiles have been incorporated in E-simulate, the wind-power 
profile choice is left to the user and is imported into the model. Since both onshore 
and offshore wind turbines are considered, it is appropriate to take into account the 
behaviour of wind turbines for different locations in Belgium. Therefore, accurate 
wind-speed measurements on four different sites have been used. These values have 
been measured by the KMI (Royal Meteorological Institute) and have been converted 
to hourly wind-turbine power outputs (Voets [196]). Combining these four profiles 
into one overall set, taking into account the correct onshore/offshore ratio, should 
allow correctly estimating a typical behaviour of several wind turbines scattered all 
over Belgium. This overall profile is represented in Figure 46. 

 

5.2.1.4 Fuel prices, emissions and carbon taxes 

The fuel prices for the base scenario are again taken from the 2030 projections of 
IEA’s World Energy Outlook (IEA [183]). An overview of these prices and the 
emissions of the most important fuels is given in Table 19. It has to be noted that 
the emissions are only valid in the absence of CCS. Using CCS in STAGs, IGCCs and 
pulverised-coal units will reduce the corresponding emissions by 85%, 85% and 
90%, respectively (IEA [40]). 

 

Depending on future energy policies, the carbon tax may vary widely between 0 and 
400 €/ton CO2 (IEA [34]). This entire range is covered in the simulations that follow. 

 

 

                                                     
100  As only fluctuating sources are taken into account, biomass-fueled plants are not 

considered here. 
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Figure 46: Mean normalised electric output of on- and offshore wind turbines in Belgium as 

used in the E-simulate model, averaged and weighted over four sites in Belgium (incorporating 
onshore and offshore). 

 

 

 

 Price 

[€/GJi]102 

Emissions 

[kg CO2/GJi] 

Nuclear 1.03 0 

Coal 2.45 95 

Gas 7.35 57 

Table 19: Fuel prices and emissions for the base scenario as used in E-simulate. 

 

5.2.2 Scenario overview 

Given the input as discussed above, four main scenarios are considered (see Table 
18): 

                                                                                                                          
101  This can also be seen as a negative load. The negative-load approach is commonly used 

(Milligan [194], Van Wijk [195]). 
102  The index i stands for the primary energy content based on the lower heating value of the 

fuel. 
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• System 1 (10,800 MW STAG; 1,200 MW IGCC) with CCS and with 5,800 MW 
wind. 

• System 2 (9,600 MW STAG; 2,400 MW IGCC) with CCS and with 5,800 MW 
wind. 

• System 1 (10,800 MW STAG; 1,200 MW IGCC) without CCS and with 5,800 
MW wind. 

• System 2 (9,600 MW STAG; 2,400 MW IGCC) without CCS and with 5,800 
MW wind. 

 

The scenarios without CCS are merely indicative to illustrate the impact of CCS in this 
entire issue. As mentioned before, the development of a hydrogen infrastructure is 
always considered to go hand in hand with the availability of CCS. 

 

For each of these scenarios, two parameters are varied within certain boundaries: 

• The carbon tax ranges from 0 to 400 €/ton CO2 (0, 30, 60, 100, 150, 200, 
250, 300, 350 and 400 €/ton CO2). 

• The gas-to-coal price ratio varies between 0.5 and 10 (0.5, 1, 1.5, 2, 2.5, 3, 
4, …, 10). Hereby, as the gas price is more likely to fluctuate than the coal 
price, for simplicity in the assumptions and since only the price ratio is 
important, the latter one is kept constant at 2.45 €/GJ. So, in absolute terms, 
the gas price is varied between 1.225 and 24.5 €/GJ. 

 

All together, up to 500 simulations are carried out, each of them providing a detailed 
hourly output for every power plant throughout one year. Nevertheless, the only 
point of interest for the interaction with the development of a hydrogen 
infrastructure is the use of the flexible IGCC facilities. This flexible use will be 
expressed as a percentage, representing the electricity generated by all IGCC units in 
one year divided by the maximum amount of electricity that can be generated by 
these units when they operate an entire year at full load. So, a result of 100%, 
taking into account an availability of 90% due to planned maintenance and 
unexpected outages, indicates that all IGCC units are constantly being used for 
electricity generation and that there is no possibility to produce hydrogen. A result of 
10% indicates that the IGCC units are able to produce hydrogen for 90% of the time, 
whereby the hourly hydrogen production can be calculated from the output provided 
by E-simulate. 
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5.3 Interaction between the hydrogen and electricity-
generation infrastructure 

Before extensively discussing the outcome of the various scenarios and parameter 
variations, first the issue raised in Section 5.1.2 is being addressed. As a matter of 
fact, this issue is artificial in the sense that the choice to reserve part of the wind-
generated electricity for hydrogen production via electrolysis ignores the fact that 
everything is part of one entire system. Indeed, wind-generated electricity is in the 
electricity market, hereby effectively making IGCCs or STAG units decrease in 
electricity output (depending on the gas-to-coal price ratio). If there is a need for 
hydrogen production, however, it is now studied whether it might be better to 
continue operating the IGCC facilities as if no wind was available and to use the 
resulting ‘excess’ wind-generated electricity for hydrogen production. 

Hereunder in Section 5.3.1 it is shown that it will be too expensive to use wind-
generated electricity for hydrogen production by means of electrolysis. It simply does 
not make sense to make the necessary investment in electrolysers. 

 

5.3.1 Hydrogen from wind or coal? 

To determine whether it is better to use wind turbines – and to invest in the 
necessary electrolysers – or IGCC units for the production of hydrogen, first some 
random simulations are performed to select a calibrated ‘case’, i.e. a situation in 
which the installation of 5,800 MW of wind turbines effectively changes the 
commitment of the IGCC units. 

 

This has led to the comparison of the following two scenarios: 

• System 1 with CCS, no wind turbines, a coal price of 2.45 €/GJ, a gas-to-coal 
price ratio of 2.5 and a carbon tax of 150 €/ton. 

• System 1 with CCS, 5,800 MW of wind turbines, a coal price of 2.45 €/GJ, a 
gas-to-coal price ratio of 2.5 and a carbon tax of 150 €/ton. 

 

In the first scenario (no wind), the three IGCC units of 400 MWe each are constantly 
used to generate electricity, while in the second scenario the IGCC units are used to 
generate electricity only 90% of the time. The 10% difference between both 
scenarios then reflects the amount of hydrogen that can be produced by the IGCC 
units due to the installation of 5,800 MW of wind turbines. 
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Taking now the other viewpoint, it is checked whether it is more profitable to keep 
using the IGCC units at full load and use the excess wind-generated electricity to 
produce hydrogen by means of electrolysis. The hourly excess-electricity profile is 
represented in Figure 47. 

 

 
Figure 47: Excess-electricity103 profile due to the installation of 5,800 MW of wind turbines. This 
electricity can be used to produce hydrogen or – according to this profile – flexible IGCC units 

can be allowed to produce hydrogen instead of electricity. 

 

Given an electrolyser efficiency of 75% and a peak-electricity input of 1080 MW 
(three 400 MWe IGCC units with an availability of 90%), this means that several 
electrolysers with an overall capacity of about 810 MW H2 have to be installed in 
order to convert all wind-generated ‘excess’ electricity into hydrogen. The total 
amount of electricity available for electrolysis throughout one year amounts to 900 
GWh, which leads to approximately 675 GWh H2. Assuming the investment-cost 
function from Figure 25, a lifetime of 20 years and an interest rate of 15%, the 
annual capitalised cost can then be calculated and, subsequently, the cost per kWh 
H2. Hereby, the electricity is assumed to be ‘for free’. An overview of several 
possibilities (ranging from 4 x 200 MW electrolysers to 27 x 30 MW electrolysers) and 
the resulting hydrogen cost is listed in Table 20. 

                                                     
103  For good understanding, in this case, excess electricity is defined as follows: the difference 

in electric output on an hourly basis of IGCC facilities with no wind turbines installed and 
the electric output of IGCC facilities with 5,800 MW of wind turbines installed. 



Hydrogen and electricity: complementary energy carriers 151 

On the other hand, when the flexible IGCC units lower their electricity output 
according to the profile in Figure 47, the available capacity can be used to produce 
hydrogen. With a coal-to-electricity efficiency of 40% and a coal-to-hydrogen 
efficiency of 70%, approximately 1.6 million MWh of hydrogen can be produced. 
Taking into account the carbon tax of 150 €/ton, the hydrogen cost then amounts to 
0.024 €/kWh, of which 0.011 €/kWh can be attributed to the carbon tax. 

 

Size [MW H2] Number of electrolysers 

30 27 - - - 

50 - 16 - - 

100 - - 8 - 

200 - - - 4 

Total cost104 

[M€] 
98 94 86 71 

Hydrogen cost 

[€/kWh] 
0.146 0.139 0.128 0.105 

Table 20: Overview of different scenarios and the corresponding hydrogen cost using excess 
wind-generated electricity to produce hydrogen. 

This shows that renewable hydrogen production by means of electrolysis is at least 4 
times more expensiev than hydrogen production by means of a flexible IGCC. This is 
clearly a consequence of the allocation of the investment cost. Indeed, in the 
calculation above the entire electrolyser installation cost is ascribed to the renewable 
hydrogen production, while the investment cost of the IGCCs is fully allocated to the 
electricity sector. One could try to argue for a different sort of allocation of the 
investment cost, however, as it turns out to no avail. For instance, one could reason 
that the electrolysers can also be used to produce hydrogen during the rest of the 
year. 

As the renewable hydrogen production only represents 10% of the amount of 
hydrogen that can be produced in an entire year, assuming that the electrolysers are 
operating continuously at full load, it seems reasonable to ascribe only 10% of the 
investment cost to this renewable hydrogen. The hydrogen cost in Table 20 will then 
drop by a factor 10, being approximately two times less than the hydrogen produced 
by flexible IGCC units. Nevertheless, the full-load operation of 800 MW of 
electrolysers also requires the installation of at least two new 400-MW electricity-
generation plants to provide the necessary power. This will bring along a huge 

                                                     
104  This is the annual capitalised cost, assuming a lifetime of 20 years and an interest rate of 

15%. 
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additional investment and emission cost, making these electrolysers far less 
competitive than any other hydrogen-production plant105. 

In conclusion, from this point on, only the behaviour and the availability of IGCC 
facilities are considered when looking at the interaction between the hydrogen and 
electricity infrastructure. 

 

5.3.2 Hydrogen production by flexible IGCC units 

5.3.2.1 Coal-to-gas switch 

The simulation results for system 1 (10,800 MW STAG; 1,200 MW IGCC) with CCS, 
5,800 MW wind and a varying carbon tax and gas-to-coal price ratio are shown in 
Figure 48. As mentioned before, the results represent the relative use of the IGCC 
facilities, expressed as a percentage of the maximum electricity output that can be 
generated by these units during an entire year. It can be seen that the switch from 
100% use to 0% use is quite sudden, except for a small band in which the use 
fluctuates either around 90% or 10%. Such an example of a relative use of 90% is 
the scenario used in Section 5.3.1 with a carbon tax of 150 €/ton and a gas-to-coal 
price ratio of 2.5. 

 

This sudden switch is a common phenomenon and actually comes down to a fuel 
switch between gas and coal due to changing fuel prices and carbon taxes (Delarue 
[197]). As only the marginal cost plays a role in these simulations, this switching 
point can also be calculated analytically106: 
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105  In fact, this again comes down to a rather complicated allocation problem which requires an 

in-depth study of the detailed behaviour, investment and generation costs of the electricity 
and hydrogen-generation system.  

106  In Chapter 4, this analytical approach could not be used due to the investment cost that 
had to be taken into account and the uncertainty about the effective number of operating 
hours. Therefore, it was impossible to exactly define the generation cost per kWh H2. 
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with CT Carbon tax [€/ton CO2] 

ηIGCC IGCC efficiency [%] 

 ηSTAG STAG efficiency [%] 

 FCIGCC IGCC fuel cost (coal) [€/GJi] 

FCSTAG STAG fuel cost (gas) [€/GJi] 

EFIGCC IGCC emission factor (coal) [ton CO2/GJi] 

EFSTAG STAG emission factor (gas) [ton CO2/GJi] 

 
 

 
Figure 48: Relative use of IGCC units, expressed as a percentage of the maximum electricity 

output that can be generated by these units during an entire year. Simulation results for system 
1 (10,800 MW STAG; 1,200 MW IGCC) with CCS. 

 

The outcome of this analytical approach is represented in Figure 49 and corresponds 
almost perfectly with the simulation results (Figure 48). The small difference 
between both, i.e. the presence of the transitory band, is caused by the analytical 
formula only assuming full-load operation of the power plants, neglecting minimal 
operation points, part-load efficiencies and planned outages. Remarkably, the 
presence of 5,800 MW wind only causes some small perturbations but does not 
influence the sudden switch between gas-fired (STAG) and coal-fired (IGCC) units. 
The jagged result (or ‘broken line’) in Figure 48 is a consequence of the discretely 
chosen values for the carbon tax and gas-to-coal price ratio. 
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So, in this scenario (System 1 with CCS and 5,800 MW wind) the IGCC units in the 
electricity system only become available for hydrogen production when the gas price 
is very low or when carbon taxes are very high, indicating that there are limited 
possibilities for interaction between both infrastructures. This is mainly due to the 
availability of CCS as is shown below. Figure 50 gives an overview of the simulation 
results for system 1 without CCS. It is clear that, even with relatively high gas prices 
and low carbon taxes, IGCC units in the electricity system can contribute 
substantially to the production of hydrogen. However, since the scenarios without 
CCS are believed not to be sustainable in the long term, this is not being studied in 
detail. Nevertheless, it definitely shows the impact of CCS on the future electricity 
system and the possible interactions with the hydrogen system. 

 

 
 

 
Figure 49: Analytical determination of the coal-to-gas switching point with CCS. 
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Figure 50: Relative use of IGCC units, expressed as a percentage of the maximum electricity 

output that can be generated by these units during an entire year. Simulation results for system 
1 (10,800 MW STAG; 1,200 MW IGCC) without CCS. 

 

Subsequently, it is checked whether an increase of the installed IGCC units (System 
2; 9,600 MW STAG; 2,400 MW IGCC; 5,800 MW wind) has an impact on the output 
of the electricity-generation mix. This turned out to have not any effect. The results 
of the simulations are exactly the same – with and without CCS – as for system 1. 
This indicates that more than enough capacity is being installed to allow switching 
between gas-fired and coal-fired units without restraints. This could suggest that the 
system is oversized, but is easily explained by the massive amount of renewable 
technologies that are being installed and the corresponding need for backup. 
Lowering the overall installed capacity causes the model E-simulate to fail and give 
error reports (lack of reserve capacity). 
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5.3.2.2 Interaction with the hydrogen infrastructure 

All the simulation results above can actually be divided into three main scenarios as 
far as the interaction with the hydrogen infrastructure is concerned: 

 

• The IGCC units constantly produce electricity. 

• The IGCC units produce electricity 90% of the time. 

• The IGCC units produce electricity only up to 10% of the time. 
 

The first scenario is straightforward: the IGCC units produce electricity and as such 
there is no interaction with the development of a hydrogen infrastructure. 
 

An example of the second scenario is given in Section 5.3.1. Here, the IGCC unit can 
produce hydrogen 10% of the time according to the profile as shown in Figure 47107. 
Subtracting the hourly hydrogen-production profile from the overall hydrogen 
demand as given in Figure 24 then leads to a corrected hydrogen-demand profile, 
which is shown in Figure 51. Clearly, the remaining hydrogen demand is substantially 
lower in summer, quite often even dropping to zero, while the peak demand for 
hydrogen in winter largely remains unchanged. As this peak demand is a crucial 
parameter in the development of a hydrogen infrastructure, the ‘free’ IGCC-produced 
hydrogen does not affect the necessary investments, neither on a hydrogen-plant 
level nor on a storage level. 

 

 

 

 

 

 

 

 

 

 

 

                                                     
107  The profile in Figure 47 actually represents the ‘excess’ wind-generated electricity or the 

avoided electricity production for the IGCC units. Dividing this profile by the coal-to-
electricity efficiency and then multiplying it by the coal-to-hydrogen efficiency – i.e. 40% 
and 70%, respectively – the hourly hydrogen-production profile is obtained. 
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Figure 51: Overall hydrogen demand after subtraction of the amount of hydrogen produced by 

flexible IGCC units. 

In the third scenario, the IGCC units are available for hydrogen production at least 
90% of the time, producing enough hydrogen to meet the entire hydrogen demand. 
This possibly offers great opportunities for the development of a hydrogen 
infrastructure as the installation of a high-pressure hydrogen transport grid (and 
storage facility) is the only investment that has to be done initially. However, since 
this only occurs when gas prices are very low or carbon taxes sufficiently high, it is 
dangerous to rely on this scenario as a breakthrough for the development of a 
hydrogen infrastructure. In fact, with such low gas prices and high carbon taxes – 
coal emitting more CO2 than natural gas – and low reformer investment costs, one 
could even wonder whether it would not be more beneficial to still build a new 
reformer plant, rather than using the ‘unemployed’ IGCC facilities. This can easily be 
verified by determining a reformer-to-IGCC switching curve, similar to the one 
calculated above. The only difference is that the reformer investment costs have to 
be included in the calculation this time. In contradiction to the simulations in Section 
4, this can be done analytically as the operation time of the reformer is known 
beforehand, which allows dividing the investment costs over each kWh H2 that is 
being generated. The according formula is as follows: 
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with ICREF Reformer investment cost [€/kW H2] 

ηREF Reformer efficiency [%] 

 FCREF Reformer fuel cost (gas) [€/GJi] 

 EFREF Reformer emission factor (gas) [ton CO2/GJi] 

 

Assuming a 700-MW reformer with an availability of 90%, continuously operating at 
full load – thus identical to the 400-MWe IGCC unit108 that could be used for 
hydrogen production – with an efficiency of 83% and an overall investment cost of 
180 M€ (according to the cost function shown in Figure 25), the reformer-to-IGCC 
switching curve is then represented by the dashed line in Figure 52. The STAG-to-
IGCC switching curve (full line) is also added to this figure. All points above the full 
line are scenarios in which flexible IGCC plants will only be used for electricity 
generation; all points below the full line are scenarios in which these units can 
produce hydrogen almost continuously (neglecting the small transitory bond). As far 
as the reformer-to-IGCC switching curve is concerned, all points above the dashed 
line are scenarios in which ‘investment-free’ IGCC plants are being used, whereas all 
points below the dashed line are scenarios in which the construction and use of a 
new reformer is preferred above the use of ‘free’ IGCC plants due to lower overall 
costs (fuel costs, investment costs and carbon taxes). 

 

This leaves the gray area as the limited and only set of scenarios in which there 
actually is an interaction between the hydrogen and the electricity infrastructure, 
facilitating the development of a new hydrogen economy. 

 

 

 

 

 

 

 

 

 

 

                                                     
108  With a coal-to-electricity efficiency of 40% and a coal-to-hydrogen efficiency of 70%, a 

400-MWe IGCC unit does have a hydrogen capacity of 700 MW. 
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Figure 52: Reformer-to-IGCC switching curve (dashed line) and STAG-to-IGCC switching curve 

(full line). Flexible IGCC units can only contribute to the development of a hydrogen 
infrastructure when the combination of fuel prices and carbon tax is situated in the gray area. 

 

5.3.2.3 Fuel diversity and security of supply 

The issues of fuel diversity and security of supply were already slightly touched at 
the end of Chapter 4, where it is argued that it might be wise to invest in different 
types of hydrogen-generation plants rather than following the often black-or-white 
output of the optimisation model. Taking into account both the electricity and 
hydrogen system makes these considerations even more important. Namely, apart 
from the small gray-shaded area in Figure 52, which actually represents scenarios 
that are very unlikely to occur due to the extremely low gas prices, the fuel choice 
for both systems is identical. Whenever gas prices are sufficiently high, only IGCC 
units are built for hydrogen production, whereas the electricity system also strongly 
relies on the use of IGCC and pulverised-coal facilities. In the – although very 
unlikely – scenarios where gas prices are extremely low and carbon taxes very high, 
both systems only make use of natural-gas fed plants (STAGs and reformers). 

Therefore - given the large uncertainty about future fuel prices, taxes and 
investment costs – fuel and technology diversification are probably the most stable 
building blocks for a viable and sustainable future energy system consisting of 
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several energy carriers such as electricity, natural gas and hydrogen. Nevertheless, 
optimisation and simulation tools as developed and used in this thesis can definitely 
contribute to finding a good equilibrium between these different technologies, given 
certain tendencies and future cost or price predictions. 
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5.4 Conclusion 
In this chapter, the possible interaction between the electricity and hydrogen-
production infrastructure is studied. Indeed, with the possible massive installation of 
renewable energy technologies (especially wind) and the presence of CC(S)-equipped 
IGCC facilities in the electricity system, capable of producing electricity and/or 
hydrogen, one may expect that these facilities can also produce hydrogen from time 
to time, facilitating the early development of a hydrogen economy. 

 

Firstly, it is shown that using wind-generated electricity for hydrogen production (by 
means of electrolysis) does not make sense. The necessary electrolyser investment 
costs are simply too high. On the other hand, also the use of ‘flexible’ IGCC facilities 
does not seem to contribute to the development of a hydrogen economy, unless very 
specific (not so realistic) conditions are met. The reasons are threefold: 

• The massive installation of wind turbines (5,800 MW) does not cause the 
IGCC units to become available for the production of a significant amount of 
hydrogen. The analytically calculated sudden switch from gas-fired to coal-
fired technologies (depending on the gas-to-coal price ratio, the plant’s 
efficiencies and the carbon tax) is merely perturbated by the massive use of 
wind turbines, allowing the IGCC units to produce hydrogen some 10% of the 
time. 

• The amount of hydrogen that effectively can be produced by ‘flexible’ IGCCs 
is generally insufficient to facilitate the development of a hydrogen economy. 
Namely, as most of this ‘cheap’ hydrogen (whereby only the fuel – coal – has 
to be paid for) is produced in summer, the peak demand for hydrogen in 
winter remains unchanged, requiring the same efforts and investments as far 
as production, transport and storage capacity are concerned. 

• In the few scenarios where ‘flexible’ IGCCs can produce hydrogen most of the 
time, the conditions (lbeing ow gas price, high carbon tax) are as such that 
they almost tend to favour the installation of new reformers, rather than using 
the IGCC-produced hydrogen. 

 

In conclusion, it is clear that the ‘expected’ interaction between the electricity and 
hydrogen-production infrastructure is very unlikely to occur, given the current 
assumptions that have to be made (efficiencies, investment costs, …). 

 





 

6. SUMMARY, CONCLUSIONS AND 
RECOMMENDATIONS 

6.1 Summary 
Given the significant energy challenges at the start of the 21st century and the 
interest in a potential “hydrogen economy”, hydrogen might be part of the overall 
energy mix, so that a fully-fledged hydrogen presence should be investigated. From 
the beginning of this research, it has never been the intention to address the 
question whether hydrogen will effectively become a part of our energy system but 
as a starting point, it is assumed or even postulated that – at some point, under 
certain conditions – hydrogen will become a viable alternative, so as to be able to 
investigate the transition towards a fully-fledged hydrogen economy. 

6.1.1 Roadmap towards a possible hydrogen economy 

In the literature, there is a broad agreement that fuel cells – both for stationary and 
mobile applications – are the key technology to induce the development of a 
hydrogen infrastructure. Furthermore, this development is generally thought to be 
based on a gradual, decentralised evolution. Nevertheless, in this thesis it is argued 
that, taking into account the entire hydrogen chain (production, transport, storage, 
distribution and end use), this decentralised fuel-cell based philosophy shows some 
serious flaws: 

• The chicken-and-egg problem, i.e. the development of a hydrogen 
infrastructure vs. the end use (fuel cells) of hydrogen, is mostly overlooked. 

• Most scenarios assume the breakthrough of hydrogen in the transportational 
sector to serve as a stepping stone for the overall use of hydrogen, although 
there are existential differences. 

• The problem is dealt with qualitatively, not quantitatively. However, a 
quantitative approach puts things like hydrogen production and especially 
storage in a different perspective. 

• A proper long-term vision is missing. Decentralised, transport use of hydrogen 
is fundamentally different from large-scale overall hydrogen use. 

 

Therefore, a new hydrogen-transition approach was pushed forward and studied 
closely: mixing in of hydrogen into the natural-gas bulk. Using Flanders – the 



164 Chapter 6 

Northern part of Belgium – as a case study, a concrete roadmap towards the fully-
fledged use of hydrogen as an energy carrier has been proposed, covering all 
technical, economic and energetic issues throughout the entire hydrogen chain, from 
production to end use. 

From a technical and energetic point of view, the existing distribution pipeline grid 
turnes out to be well capable of handling hydrogen and hydrogen-natural gas 
mixtures. On a transport level (high-pressure pipelines), technical and regulatory 
issues require the installation of a new hydrogen-transport grid. Such a high-pressure 
grid simultaneously provides the necessary hydrogen-storage capacity by storing 
hydrogen in the pipelines themselves using varying pipeline pressures (linepack). As 
far as the end use of hydrogen is concerned, the immediate need for fuel cells is 
circumvented as existing natural-gas appliances can deal with hydrogen-natural gas 
mixtures containing up to approximately 17 vol% of hydrogen, only requiring minor 
technical changes. Due to the use of flexible burners, capable of burning both L- and 
H-gas, this percentage could even be substantially higher in Belgium and the 
northern part of France. In the long term, multifunctional end-use appliances – which 
should become the standard – can use mixtures ranging from 0% to 100% of 
hydrogen. 

Besides these technical and energetic considerations, also the policy and regulatory 
framework has been looked at, both in a regulated and liberalised market. Hereby, it 
is found that the market structure has no fundamental implications for the transition 
towards a future hydrogen economy. 

6.1.2 Modelling of a transitory hydrogen infrastructure 

In a next step, the development of a transitory hydrogen infrastructure has been 
quantified. Based on the literature, the commercial availability and the ability of 
large-scale hydrogen production, three hydrogen-generation technologies have been 
considered: reforming of natural gas, gasification of coal and electrolysis. Assuming 
(as a start, and to show the principle) that 5% of hydrogen is mixed into the natural-
gas bulk (on an energy basis), that 5% of freight and passenger transport uses 
hydrogen as a fuel and that a new high-pressure hydrogen grid is built, an 
optimisation model has been developed using Matlab and the commercial solvers 
GAMS and CPLEX. Following a mixed-integer linear-programming approach, this 
model is able to determine the near-optimal hydrogen-production mix and the 
optimal operational behaviour of each hydrogen plant individually. 

For consistency, the modelling philosophy has been carefully studied before any 
results have been interpreted. Afterwards, a profound but qualitative sensitivity 
analysis is carried out to gain insight in the importance of several parameters such as 
the use of storage, the hydrogen-demand profile, investment costs, fuel prices and 
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carbon taxes. The optimisation model clearly allows determining some valuable 
tendencies (e.g. the absolute need for sufficient and flexible storage capacity, the 
impact of fuel prices, etc). It must be recognised, however, that the sensitivity to the 
input parameters is very high. This in itself is already an important conclusion. 
Therefore, given the large uncertainty range of these data, a detailed study on a 
hydrogen-plant level is premature. 

6.1.3 Hydrogen and electricity as complementary energy carriers 

Finally, the interaction between the future electricity-generation mix and the newly-
developing hydrogen-production infrastructure is modelled with the model E-
simulate. Namely, flexible IGCC units are capable of producing both electricity and 
hydrogen in different ratios. When these units are part of the electricity-generation 
mix and when they are not operating at full load, they could be used to produce a 
certain amount of hydrogen, avoiding the costly installation of new IGCC units for 
hydrogen production. The same holds for the massive introduction of renewable 
energies (especially wind), possibly generating excess electricity from time to time, 
which could then perhaps be used to produce hydrogen electrolytically. 

However, the interaction between both ‘systems’ turned out to be almost negligible. 
Firstly, it is shown that it is more beneficial to use IGCC facilities to produce 
hydrogen with, rather than (excess) wind-generated electricity due to the necessary 
electrolyser investment costs. But even flexible IGCC facilities do not seem to 
contribute substantially to the development of a hydrogen economy. Namely, in most 
scenarios – which are combinations of a wide range of fuel prices and carbon taxes – 
one primary-energy carrier (natural gas or coal) seems to be dominant, pushing the 
other, and the corresponding technologies such as reformers or IGCCs, out of the 
market. Nevertheless, issues like fuel diversity and security of supply can throw a 
new light on this matter and facilitate the interaction between both energy systems. 

6.2 Conclusions 
In this work, a comprehensive and all-embracing methodology regarding the 
transition towards a possible hydrogen economy has been developed, both 
qualitatively and quantitatively, addressing most critical obstacles. The main 
conclusions are the following: 

• Mixing in of hydrogen into the natural-gas bulk is a most elegant stepping 
stone towards the fully-fledged use of hydrogen as an energy carrier. In this 
transition scenario, the commercial availability of fuel cells is not a 
prerequisite for the successful introduction of hydrogen in the energy system, 
thus avoiding the well-known chicken-and-egg problem. Given the appropriate 
development of codes and standards, a smooth transition towards a fully-
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fledged hydrogen use can occur with minimal impact on our day-to-day use of 
energy. Hereby, the market structure (regulated vs. liberalised) has no 
fundamental implications on the transition. 

• Using the mixed-integer linear-programming technique, a powerful 
optimisation model is developed that can be used to determine the optimal 
hydrogen-generation mix, the hourly operational behaviour of each plant 
separately and to assess the impact of key elements in the overall 
infrastructure and changing market conditions. This model has shown that the 
‘optimal’ development of a hydrogen infrastructure is very sensitive to the 
input parameters. 

• An economically-sensible development of a (transitory) hydrogen 
infrastructure goes hand in hand with the availability of large-scale, flexible 
hydrogen-storage facilities. This unconditional need for storage can be fulfilled 
by the installation of a new high-pressure hydrogen pipeline network, which 
can be used to transport hydrogen and to take care of hourly and daily 
fluctuations in demand by means of linepack. 

• Although it is useful to look at the broader energy picture, including also the 
electricity-generation infrastructure, and the interaction between different 
systems (hydrogen and electricity), the added value turns out to be almost 
negligible. While co-production of hydrogen and electricity is often considered 
to be a promising technology, the influence of fuel prices and carbon taxes 
may throw a spanner, resulting in the development of two completely 
separate systems. So, although expected otherwise, the use of ‘flexible’ CCS-
equipped IGCC facilities does not facilitate or contribute to the development 
of a hydrogen economy, unless very specific (not so realistic) conditions are 
met. 

• The use of hydrogen as a fully-fledged energy carrier is unlikely to occur 
within the next two decades. Therefore, all relevant data – from efficiencies 
over investment costs to fuel prices – are merely a ‘guesstimation’. It is very 
important to keep this in mind when interpreting simulation results. 

6.3 Recommendations for future work 
As a continuation of this work, a first and most necessary recommendation is a close 
follow-up of the literature and commercial developments with regard to all aspects of 
a hydrogen economy. This will allow a continuous update of the input data to the 
optimisation model and will lead to more up-to-date insights regarding the 
development of a hydrogen economy. Moreover, the influence of the input data 
could then be studied in a more quantitative way. 
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Concerning the proposed transition methodology, i.e. the use of hydrogen-natural 
gas mixtures in the existing pipeline infrastructure, intensive field testing of the effect 
of these mixtures on the characteristics of pipelines and end-use appliances is 
strongly recommended. Although some first experiments underpin the assumptions 
made in this thesis, this is not sufficient to start with the large-scale introduction of 
hydrogen. A wide variety of pipelines and appliances should be looked at and the 
necessary codes and standards have to be developed. 

This study has focused on Flanders (Belgium), one of the few regions worldwide that 
uses both rich and lean natural gas. Therefore, tolerances for end-use applications 
concerning the composition of hydrogen-natural gas mixtures are generally less 
severe than in other countries. As the transition towards a hydrogen economy will 
probably be an international issue, it is certainly worth extending this research to 
other (European) countries, hereby of course also including the use of multifunctional 
burners. 

Although the optimisation model functions well and allows gaining valuable insights, 
further perfectioning is still possible. Technical and economic parameters such as 
fluctuating fuel prices, ramp-up and down characteristics, planned outages, optimal 
plant sizing and storage costs can be included. The model could also be extended to 
determine the optimal location of new hydrogen plants, the optimal size and length 
of the high-pressure pipeline grid and the costs of peripheral equipment such as 
compressors, purifiers or hydrogen-separating membranes. 

Finally, the interaction between the hydrogen-production and electricity-generation 
mix requires a profound study, especially from an economic point of view. In this 
thesis, rather rough assumptions concerning the allocation of investment costs and 
the price of excess electricity have been made. It is certainly worth considering 
different allocation methods and including elements like back-up and marginal costs. 
In addition, the hydrogen-transition optimisation model and E-simulate could be 
coupled and new boundary conditions such as emission-reduction targets could be 
included. This, however, is only useful as soon as more clearness is obtained on 
technical and economic characteristics of hydrogen and hydrogen-related 
technologies. 
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Appendix A  
Properties of natural gas and other common 
gases 

A.1 Overview of different types of natural gas 

The composition and characteristics of natural gas generally depend on the place of 
origin. In Belgium, mainly three different types of natural gas are used, i.e. 
‘Slochteren’ gas, ‘North Sea’ gas and ‘Algerian’ gas. The composition and 
characteristics of these types of natural gas, ‘city gas’ and pure methane are listed in 
Table 21. 

 City gas Slochteren North Sea Algeria Methane 

Composition 

[vol%] 
     

CH4 25.3 82.75 87.28 88.59 100 

C2H6 - 3.59 5.40 8.37 - 

C3H8 2.3 0.71 1.36 1.73 - 

C4H10 - 0.25 0.45 0.65 - 

C5H12 - 0.08 0.12 0.04 - 

CO2 2.3 1.31 1.58 - - 

CO 5.5 - - - - 

H2 54.5 - - - - 

O2 0.5 - - - - 

N2 9.6 11.18 3.70 0.63 - 

Characteristics      

Rel. density w.r.t. air 

[-] 
0.40 0.64 0.63 0.62 0.55 

Higher heating value 

[MJ/Nm³] 
19.81 35.20 40.77 43.75 39.86 

Lower heating value 

[MJ/Nm³] 
17.61 31.70 36.70 39.40 35.89 

Wobbe-index 

[MJ/Nm³] 
31.41 43.95 51.37 55.56 53.47 

Table 21: Composition and characteristics of different types of natural gas, city gas and 
methane (KVBG [160], Cerbe [10]). 
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A.2 Physical and chemical properties of common gases 

As a reference, Table 22 gives an overview of the most important physical and 
chemical properties of oxygen (O2), nitrogen (N2), ‘city gas’ and dry air. 
 

Property O2 N2 City gas Air 

Density 
[kg/m³] 1.43 1.25 0.51 1.29 

Relative density w.r.t. air  
[-] 1.11 0.97 0.40 1 

Boiling point  
[°C] -183 -196 n/a -194 

Specific heat capacity cp  
[kJ/kg.K] 0.91 1.04 2.68 1.00 

Specific heat capacity cv 

 [kJ/kg.K] 0.66 0.74 1.99 0.72 

Diffusion coefficient in air 
 [cm²/s] 0.178 - n/a - 

Kinematic viscosity 
[10-6 m²/s] 13.6 13.5 27.5 13.5 

Higher heating value 
 [MJ/Nm³] - - 19.81 - 

Higher heating value 
 [MJ/kg] - - 38.84 - 

Lower heating value 
 [MJ/Nm³] - - 17.61 - 

Lower heating value 
 [MJ/kg] - - 34.53 - 

Molar mass  
[kg/kmol] 32.00 28.01 11.53 28.96 

Specific gas constant 
 [J/kg.K] 259.8 296.8 721.28 287.2 

Molar volume 
 [Nm³/kmol] 22.39 22.40 22.41 22.40 

Compressibility  
[-] 

0.9992 0.9996 1 0.9997 

Table 22: Physical and chemical properties of oxygen, nitrogen, city gas and dry air. All 
properties are given for normal conditions, i.e. 0 °C and 1 atm (Perry [8], Lide [9], Cerbe [10]). 
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A.3 Different gas families and combustion applications 

A.3.1 GAS FAMILIES 

All fuel gases distributed in Europe are categorised in three families. This 
classification is based upon the EN 437 standard, published by the European 
Committee for Standardization (CEN [198]). The most common standards and 
regulations in Europe are based upon this EN 437 standard. The different gas 
families are distinguished according to the Wobbe-index. Each family is further 
subdivided into different groups. The first family comprises fuel gases with high 
hydrogen content, e.g. city gas. The second comprises methane gases such as 
natural gas and biogas. The third family comprises liquefied petroleum gases such as 
propane/butane mixtures. An overview of the different families and groups is given in 
Table 23. 
 

 Wobbe-index at 15 °C and 1013.25 mbar 

[MJ/m³] 

 Minimum Maximum 

1st family (hydrogen)   

Group A 22.4 24.8 

2nd family (methane)   

Group H 45.7 54.7 

Group L 39.1 44.8 

Group E 40.9 54.7 

3rd family (propane/butane)   

Group B/P 72.9 87.3 

Group P 72.9 76.8 

Group B 81.8 87.3 

Table 23: Classification of gases into families and groups according to the EN 437 standard 
(CEN [198]). Please note that the Wobbe-indices are not given at normal conditions. 

A.3.2 APPLIANCE CATEGORIES 

Combustion appliances are subdivided into categories depending on the type(s) of 
gas(es) and the gas pressures they can deal with: 

• Category I appliances are developed to solely use gases belonging to one 
single group. E.g., I2L appliances are suitable for gases of the 2nd family, 
group L. 
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• Category II appliances are designed to use gases of two different families. 
E.g., Category II1,2 appliances can be used with gases of the 1st and 2nd 
family. 

• Category III appliances are designed to use gases of all three families. 

 

In Belgium, category I2E+ appliances are mandatory for residential use. These 
appliances can use both L and H-gas without making changes to the device, but only 
to the gas-delivery pressure (20 mbarg for H-gas and 25 mbarg for L-gas). 
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Appendix B  
The high-pressure natural-gas grid 

 
Figure 53: The Belgian high-pressure natural-gas grid. Brown lines represent rich natural gas; 

blue lines represent lean natural gas (CE2030 [190]).
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Appendix C  
Simulation results 

C.1 Weekly and monthly profiles 

In this appendix, the simulation results for the weekly and monthly profiles –
discussed and interpreted in Sections 4.3.1.1 and 4.3.1.2 – are represented 
schematically. The weekly and monthly demand profiles are distilled from the overall 
profile in Figure 24, whereby ‘week 1’ stands for the period from January 1st to 
January 7th, ‘week 2’ for the period from January 8th to January 14th, … and ‘week 52’ 
for the period from December 24th to December 30th. It is important to keep in mind 
that for this first set of simulations, given the set of possible hydrogen-production 
plants, each plant could only be installed once. 

 

The overview of the results is as follows: 

• Table 24 to Table 26: Weekly results, no storage, no minimum up- and 
downtimes. 

• Table 28 to Table 30: Weekly results, no storage, with minimum up- and 
downtimes. 

• Table 32 to Table 34: Weekly results, with storage, with minimum up- 
and downtimes. 

• Table 27: Monthly results, no storage, no minimum up- and downtimes. 

• Table 31: Monthly results, no storage, with minimum up- and 
downtimes. 

• Table 35: Monthly results, with storage, with minimum up- and 
downtimes. 

 

To allow a quick overview of these results, the cells representing the installed units 
are highlighted in gray. 
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Table 24: Overview of the simulation results for weekly profiles, no storage and no minimum 
up- and downtimes (part I). The cells representing the installed units are highlighted in gray. 
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Table 25: Overview of the simulation results for weekly profiles, no storage and no minimum 
up- and downtimes (part II). The cells representing the installed units are highlighted in gray. 
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Table 26: Overview of the simulation results for weekly profiles, no storage and no minimum 
up- and downtimes (part III). The cells representing the installed units are highlighted in gray. 
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Table 27: Overview of the simulation results for monthly profiles, no storage and no minimum 
up- and downtimes. The cells representing the installed units are highlighted in gray. 
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Table 28: Overview of the simulation results for weekly profiles, no storage and with 
minimum up- and downtimes (part I). The cells representing the installed units are highlighted 

in gray. 
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Table 29: Overview of the simulation results for weekly profiles, no storage and with 
minimum up- and downtimes (part II). The cells representing the installed units are highlighted 

in gray. 
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Table 30: Overview of the simulation results for weekly profiles, no storage and with 
minimum up- and downtimes (part III). The cells representing the installed units are 

highlighted in gray. 
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Table 31: Overview of the simulation results for monthly profiles, no storage and with 
minimum up- and downtimes. The cells representing the installed units are highlighted in gray. 
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Table 32: Overview of the simulation results for weekly profiles, with storage and with 
minimum up- and downtimes (part I). The cells representing the installed units are highlighted 

in gray. 
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Table 33: Overview of the simulation results for weekly profiles, with storage and with 
minimum up- and downtimes (part II). The cells representing the installed units are highlighted 

in gray. 
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Table 34: Overview of the simulation results for weekly profiles, with storage and with 
minimum up- and downtimes (part III). The cells representing the installed units are 

highlighted in gray. 
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Table 35: Overview of the simulation results for monthly profiles, with storage and with 
minimum up- and downtimes. The cells representing the installed units are highlighted in gray. 
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